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Abstract

Waterflooding in saline lacustrine carbonate reservoirs frequently induces dissolution of
soluble salt minerals, a process that substantially alters pore architecture and transport
properties. However, the quantitative relationship between salt dissolution, permeability
evolution, and ultimate oil recovery remains incompletely characterized. In this study,
high-temperature, high-pressure core-flooding experiments were combined with numerical
simulation to investigate the salt dissolution-induced permeability enhancement (SDPE)
effect. Core samples from the Qianjiang Formation, containing 8-15% soluble salts, were
tested under reservoir conditions (temperatures up to 100 °C, confining pressure up to
25 MPa). The results show that dissolution of halite and anhydrite cements preferentially
enlarges pore throats in the 0.01-1 um range, as confirmed by NMR T, spectra. Based on
these observations, a time-dependent permeability model was developed using cumulative
water throughput per grid as the key leading to a permeability increase of up to 170%,
and was implemented as a user-defined module in the commercial reservoir simulator
Comparative simulations between the conventional constant-permeability model and the
time-dependent model reveal that accounting for the SDPE effect increases predicted
cumulative water injection by 25%, expands sweep volume by 18 percentage points, and
improves ultimate oil recovery by 4.5 percentage points over 15 years of production.
These findings demonstrate that the SDPE effect is a practically exploitable mechanism
for improving waterflood performance in salt-bearing carbonate reservoirs, and provide a
quantitative framework for optimizing waterflooding design.

Keywords: saline lacustrine carbonate; salt dissolution; time-dependent permeability;
cumulative water throughput; waterflooding; enhanced oil recovery

1. Introduction

Carbonate reservoirs hosted in saline lacustrine basins constitute a substantial pro-
portion of hydrocarbon resources in continental sedimentary systems, particularly in the
Cenozoic petroliferous basins of Central and East Asia [1-3]. The Jianghan Basin in central
China is a representative example, where the Qianjiang Formation hosts significant oil ac-
cumulations in lacustrine carbonate intervals with cumulative thicknesses of 128-173 m [1].
Unlike their marine counterparts, saline lacustrine carbonates commonly exhibit complex
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mineral assemblages in which dolomite, calcite, and authigenic clays are intimately inter-
grown with evaporitic minerals such as halite, anhydrite, gypsum, and glauberite [4-0].
These soluble constituents occupy intergranular pores, line micro-fractures, and coat grain
boundaries, thereby exerting an outsized influence on petrophysical properties that is dis-
proportionate to their volumetric abundance [2,6]. The Qianjiang Formation, in particular,
displays total soluble salt contents ranging from 8% to 15% by weight, with halite and
anhydrite as the dominant soluble phases [7-10].

Waterflooding remains the most widely deployed secondary recovery strategy in
such reservoirs, largely owing to its operational simplicity, low capital intensity, and
established field infrastructure [11]. In conventional sandstone and non-saline carbonate
systems, the displacement process is reasonably well described by fractional-flow theory
and relative-permeability relationships under immiscible conditions [12]. However, in
salt-bearing carbonate formations, the injected water is almost invariably undersaturated
with respect to the resident evaporitic minerals. This thermodynamic disequilibrium drives
progressive dissolution of the soluble mineral fraction via NaCl (s) = Na* + Cl~ and
CaSOy (s) = Ca®* + 5042, with dissolution proceeding while the aqueous phase remains
undersaturated relative to the mineral solubility product, a process that continuously
modifies the porous medium during displacement [13,14]. We refer to this phenomenon
as the salt dissolution-induced permeability enhancement (SDPE) effect. The consequent
evolution of pore architecture can manifest as either enhanced injectivity and improved
sweep or as the development of preferential flow conduits that exacerbate channeling and
early water breakthrough [15,16].

Previous experimental and numerical investigations have addressed several isolated
aspects of this phenomenon; their key findings, methods and limitations are summarized
in the text to clarify the remaining knowledge gap. On the mineralogical side, batch-
reactor and core-flooding studies have established that the dissolution kinetics of halite
are several orders of magnitude faster than those of anhydrite and gypsum, and that
dissolution rates are governed principally by the degree of undersaturation, temperature,
and specific surface area [17,18]. Pore-network modeling studies have suggested that
dissolution preferentially enlarges the largest, most connected pore throats, yielding a
power-law increase in permeability as a function of dissolved porosity [19,20]. On the
recovery side, several field-scale simulation studies have reported that reactive transport
during waterflooding can either increase or decrease ultimate recovery depending on the
spatial distribution of soluble minerals and the injection strategy [21,22].

Despite this progress, two important gaps persist. First, there is a scarcity of system-
atically controlled experiments that simultaneously track permeability evolution, pore-
structure change, and oil recovery within a single integrated framework under reservoir-
representative temperature and pressure conditions. The majority of existing core-flooding
studies have been conducted at ambient or moderate temperatures, and the behavior of
salt dissolution under high-temperature (up to 100 °C) and high-pressure (up to 25 MPa)
conditions—which are characteristic of the deeper intervals of the Qianjiang Formation—
remains largely unexplored. Second, competing hypotheses remain unresolved regarding
the net impact of salt dissolution on macroscopic recovery. One hypothesis emphasizes
the beneficial permeability enhancement, arguing that dissolution opens previously inac-
cessible pore space and improves lateral and vertical connectivity [23,24]. An alternative
hypothesis contends that the creation of high-conductivity dissolution channels is inher-
ently detrimental, as it reduces the pressure gradient available to displace oil from the rock
matrix and accelerates water breakthrough at the producing well [25,26].

A third gap, which is perhaps most significant from a practical standpoint, concerns
the representation of the SDPE effect in reservoir simulation. Conventional numerical
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simulators treat permeability as a static property that does not evolve during the flooding
process. Under this assumption, waterflooding in low-permeability carbonate reservoirs
is typically predicted to become increasingly difficult over time, with injection pressure
rising steadily and injectivity declining. However, field observations from several saline
lacustrine carbonate reservoirs have suggested that injectivity may actually improve with
continued water injection in some cases—a trend that cannot be captured by conventional
simulation models. The absence of a time-dependent permeability module that accounts for
dissolution-induced permeability enhancement has therefore limited the ability of reservoir
engineers to forecast production performance and optimize injection strategies in these
complex systems.

In this study, we conducted a systematic investigation combining high-temperature
high-pressure core-flooding experiments with numerical simulation to address the follow-
ing objectives; the unique contribution is an integrated workflow that measures permeabil-
ity, pore-structure change and oil recovery in a single reservoir-representative core-flooding
framework, and converts those measurements into a cumulative-throughput-dependent
permeability model that is implemented directly into a simulator, extending previous sepa-
rate experimental and reactive-transport studies such as Tan et al. and Zhang et al. [2,3]:
(i) quantify the permeability response of saline lacustrine carbonate core plugs to wa-
terflooding under reservoir-representative conditions; (ii) characterize the mineralogical
and pore-structural alterations accompanying salt dissolution using NMR; (iii) establish
a quantitative relationship between cumulative water throughput and permeability en-
hancement for implementation in reservoir simulation; (iv) develop a time-dependent
permeability model and embed it as a user-defined module in a commercial simulator;
and (v) evaluate the net impact of the SDPE effect on water injection performance, sweep
efficiency, and ultimate oil recovery through comparative numerical simulation over a
15-year production period.

2. Materials and Methods
2.1. Core Material and Fluid Preparation

Core plugs used in this study were obtained from the Qianjiang Formation of the
Jianghan Basin, a typical saline lacustrine carbonate reservoir. All plugs measured 25 mm in
diameter and 50-80 mm in length, and were cleaned by Dean—-Stark extraction using toluene
and methanol, then dried at 60 °C to constant mass. The selected plugs covered initial
porosity ranging from 5% to 18% and initial Klinkenberg-corrected gas permeability from
0.05 to 500 mD, representing a broad spectrum of reservoir types. A total of 7 plugs were
tested with 3 replicates per condition; flow rates, pressure differentials, injected volumes,
durations, etc. are reported in Table 1. Measurement repeatability is distinguished from
independent experimental reproducibility.

Table 1. Experimental conditions and matrix.

Total Flow Rate Injected Duration Temperature Confining Back AP .
Plugs/ (mL/min) Volume er Test (h) Set (°C) Pressure Pressure (MPa) Repeatability
Replicates (PV) P (MPa) (MPa)
Independent
7/3 per R
L. 0~5 24-72 40, 80, 100 25 10,15,20 0.3-1.2 replicate plugs
condition

agree within £8%

X-ray diffraction (XRD) analysis showed that the bulk mineralogy consists of calcite
(35-50%), dolomite (15-25%), quartz (10-15%), and feldspar (5-10%), with soluble salts
(halite and anhydrite) comprising 8-15% of the rock volume (Figure 1). Backscattered
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electron microscopy revealed halite occurring as intergranular cement and fracture-filling
aggregates, while anhydrite appears as pore-lining cements and fine disseminations within
the micritic matrix.
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Figure 1. X-ray diffraction (XRD) patterns showing the mineral composition of representative core
samples from the Qianjiang Formation.

Synthetic formation brine with a total dissolved solids (TDS) content of 180,000 mg/L
was prepared to approximate the in situ water composition; full ionic compositions, prepara-
tion methods, pH, density, and viscosity for both formation and injection brines are reported
in Table 2. Injection brine was prepared by diluting the formation brine to 5000-8000 mg/L
TDS, representative of field injection water quality. All brines were filtered through 0.45 um
membranes and degassed under vacuum before use. The experimental matrix is shown
in Table 1.
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Table 2. Brine composition of the dissolution-flow experiments.

Concentration (mg/L) Density Viscosity

Parameter pH 3
TDS Na* Ca®* Mg* ClI- SO2 HCO; (g/em”)  (mPa-s)
Formation brine 180,000 58500 12,600 1800 103500 2700 300 68  1.12 135
Injection brine ~ 5000-8000 2100 280 65 3850 120 25 72 1005 095

2.2. Experimental Apparatus and Core-Flooding Protocol

The displacement experiments were conducted using a customized high-pressure
core-flooding apparatus consisting of three modules; Figure 2 shows a schematic of the
experimental arrangement for clarity and replicability. The injection module includes an
ISCO syringe pump (maximum pressure 70 MPa, flow rate 0.001-30 mL/min), intermedi-
ate vessels, and a gas pressurization system. The temperature—pressure control module
comprises an air bath (room temperature to 100 °C, accuracy £0.5 °C), a triaxial core
holder (pressure rating 100 MPa), and independent confining and back-pressure control
systems. The data acquisition module includes pressure transducers (accuracy 0.1% full
scale), temperature sensors (£0.1 °C), a gas flow meter (0-500 mL/min, 1% full scale), an
electronic balance, and a computer recording system. An NMR spectrometer (resonance
frequency 2 MHz) was used for online monitoring of pore-structure changes. The NMR
T-to-pore-size calibration is documented in Section 2.5; NMR was measured on the same
core plugs before and after flooding.

Confining pressure pump

Air bath

3
! |
! |
} Core holder |

1

. 1
Injection pump Intermediate vessel | Back pressure regulator Effluent collection

[ Core sample R 1L

"< NMR spectrometer |

Solid line: fluid flow;
Dashed line: signal / data

Data acquisition

Figure 2. Schematic chart of the experimental apparatus.

Each experiment followed a systematic procedure. After vacuum-saturation with
formation brine, the initial porosity, permeability, and NMR T, spectrum were measured
under ambient conditions. Each condition was maintained for at least 2 h to reach thermal
and pressure equilibrium. The core was then loaded into the holder, heated gradually to
the target temperature (40, 80, 100,) at a rate of 1 °C/min; these temperatures were selected
to span the shallow-to-deep reservoir temperature range of the Qianjiang Formation. The
core was pressurized to a confining pressure of 25 MPa and a back pressure of 10, 15, or
20 MPa. The test fluid was then injected at a constant flow rate, with continuous recording
of inlet/outlet pressures, flow rate, and temperature.

2.3. Time-Dependent Permeability Model

Based on the experimental observations, a time-dependent permeability model was de-
veloped to capture the SDPE effect at the reservoir scale. Cumulative water throughput per
grid F (m?®/m?) was introduced as the key parameter representing the dissolution history:
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t
F:/O o (t)dt 1

where F is the cumulative water throughput (m3/m?), Jw is the water flux (m3/(m?-s)), and
t is the time (s).

The permeability enhancement relationship was established by fitting the experimental
data to the phenomenological correlation K = Ko(1 + «F), and « having reciprocal length
units when F is expressed in m; the fitted data points, n, R?, confidence intervals and
residuals are shown in Table 3. The correlation is valid only within the experimental
range and before complete soluble-mineral depletion. A finite mineral-inventory constraint
is applied by capping the permeability update when the grid-block soluble-salt fraction
reaches zero or a calibrated residual fraction.

K=Ky x(1+a-F) )

where K is the current permeability (mD), Kj is the initial permeability (mD), « is the
dissolution enhancement coefficient, and F is the cumulative water throughput (10* m3®/m?).
Based on our experimental data for the Qianjiang Formation, « ranges from 0.02 to 0.05, with
higher values corresponding to higher soluble salt content or lower injection-water salinity.

Table 3. Fitting statistics for the permeability enhancement correlation.

Correlation Form

o Range  Data Points (n) Linear Fit  Residual Range Non-Linear Alternative

K= Ko(l + (XF)

0.02~0.05 36 R?=0.83 —0.07~0.06 Power-law fit R%=0.79

2.4. Numerical Simulation Setup

A representative sector model was built from a typical block of the target reservoir
with 120 x 80 x 45 grid cells (total 432,000 cells). Reservoir parameters were assigned
based on well logs and core analysis, with porosity ranging from 0.05 to 0.18 (Figure 3),
and initial permeability from 0.1 to 500 mD (Figure 4). The simulation grid, well locations
and controls, PVT, relative permeability, capillary pressure, initial conditions, constraints,
exact permeability-update equation and calibration procedure are documented in Table 4.
The simulator version and software used to generate Figures 3 and 4 are also listed.

Two numerical simulation scenarios were designed for comparison. In Scenario I
(conventional model), permeability was treated as a constant property. In Scenario II (time-
dependent model), permeability was updated dynamically according to Equation (2), with
o assigned in zones by interpolation of experimentally derived « values against lithofacies,
soluble-salt content and injection-water salinity as documented in Table 2.

Figure 3. Porosity distribution model of the sector model extracted from the target reservoir block.
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Figure 4. Initial permeability distribution model of the sector model (before accounting for the
SDPE effect).

Table 4. Numerical simulation parameters.

Grid Cell . . Initial Initial Permeability-
Size Di Gnd. PI({)rosﬂy Permeability I’“t]te 1l h,il,Odel Pressure Update o Range Simulator
*,y,2) imensions aN8€  Range (mD) attern ype (MPa) Equation
10 m x Inverted . _ Eclipse
10m % 2m 120 x 80 x 45  0.05~0.18 0.1~500 five-spot Black-oil 25 K=Kyl + «F) 0.02~0.05 2022
The simulation was run for 15 years with injection wells operating at constant injection
rate and producers at constant bottom-hole pressure. Production continued until the
economic limit of 98% water cut.
2.5. Data Analysis
Permeability at each condition was calculated using Darcy’s law with fluid compress-
ibility corrections; the enhancement reported in this study refers to horizontal, bedding-
parallel permeability, and vertical permeability was not separately measured at plug scale.
NMR T, spectra were inverted using a multi-exponential fitting routine with 100 logarith-
mically spaced bins. The uncertainty in permeability measurements was assessed through
triplicate replicate analyses on adjacent plugs, giving standard deviations consistently
below +6%.
3. Results
3.1. Experimental Observations of Permeability Enhancement
The experiments revealed a consistent and significant permeability enhancement
effect during waterflooding under all tested temperature—pressure conditions. The evolu-
tion of permeability exhibited three distinct phases across all samples (Figure 5, Table 5).
Table 6 summarizes the main quantitative findings, including porosity, permeability, pore-
throat interval, sweep efficiency and percentage mineral composition before and after
waterflooding.
Table 5. Core-flooding experimental settings and results.
Core No. Kog(mD) K (@mD) K/K AK (%) T(¢C) P(MPa) SaltContent (%) Uncertainty (+%)
1 3.86 9.65 2.50 150 40 10 14.2 5.5
2 6.25 13.75 2.20 120 40 15 9.8 3.1
3 0.75 2.03 2.70 170 40 15 15.1 6.8
4 0.68 1.77 2.60 160 80 20 13.7 29
5 2.15 5.16 2.40 140 80 20 11.2 3.8
6 5.60 14.56 2.60 160 100 20 10.5 4.2
7 28.50 42.75 1.50 50 100 20 9.1 3.5

https://doi.org/10.3390/en19204853


https://doi.org/10.3390/en19204853

Energies 2026, 19, 4853 8 of 15
Table 6. Summary of main quantitative findings.
. Pore-Th NMR Signal -
Porosity Inte:;:I Enrlzit ed Enhanférill;t Permeability Sweep Recovery Factor
Increase (%) 8 o Mode Efficiency (%) (%)
(um) (%)
Constant 44 41.3
>10 0.01~1 30~50 5
Time-dependent 62 45.8
350
< 280+
ﬂg-” I stabilization phase
8 210 }
o |
= |
= |
® 140 |
g rapid dissolution phase |
g | |
initial |
70— gissolution I |
phase : }
|
|
|
: ] ! { !
0 16 32 48 64 80
Injected water Permeability ratio (PV)
Figure 5. Permeability evolution as a function of injected pore volumes for a typical core sample,
illustrating the three-stage dissolution behavior.

In the initial dissolution phase, the injected water first contacted the rock surface,
and soluble salt minerals began to dissolve gradually; the dissolution front was inferred
from the time evolution of pressure response, effluent ion concentrations, and post-flood
imaging. Permeability increased slowly during this stage, with enhancement ranging from
10% to 30% of the initial value. The duration of this stage remained relatively short and
varied inversely with temperature.

In the rapid dissolution phase, continuous water injection substantially accelerated salt
dissolution, with large volumes of soluble salts being removed from the rock framework.
The formation of new flow pathways resulted in a rapid increase in permeability. During
this stage, the permeability enhancement reached 100-170% of the initial value. Effluent
ion concentrations (Ca%*, SO42~) showed a sharp increase, confirming active mineral
dissolution; cumulative effluent Na*, Ca?* and SO,%2~ masses were compared with the
initial halite and anhydrite inventory of each core and are reported as mass-balance ratios
in Table 7.

Table 7. Mass balance and mineral composition changes.

Core Effluent Na*  Effluent Ca?* Effluent Initial Halite Initial Na*/Halite SO42~/Anhydrite
No. (g (g S042~ (g) (g Anhydrite (g) Ratio Ratio

1 1.82 0.42 0.31 2.05 0.48 0.89 0.65

2 0.68 0.18 0.12 0.82 0.22 0.83 0.55

3 235 0.55 0.38 2.58 0.62 091 0.61

4 1.58 0.37 0.29 1.24 0.37 0.82 0.53

5 1.42 0.35 0.24 1.62 0.4 0.88 0.60

6 0.95 0.22 0.16 1.10 0.28 0.86 0.57

7 0.72 0.16 0.11 0.85 0.2 0.85 0.55
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In the stabilization phase, after the soluble salts had been largely dissolved or after
dissolution equilibrium had been reached, permeability stabilized at an elevated level
without further significant change.

The magnitude of permeability enhancement depended strongly on pressure, temper-
ature, and rock type; all enhancement quantities below are reported as percentage change
(Ky — Kp) / Kg unless explicitly stated as enhancement ratio K/Ky.

Temperature exerted a controlling influence on the enhancement magnitude, with
stronger ultimate enhancement observed at lower temperatures for the same pressure
conditions, while initial dissolution kinetics increase with temperature. This suggests

that shallower ultra-low permeability reservoirs may benefit more significantly from the
SDPE effect.

3.2. Pore-Structure Evolution from NMR Analysis

NMR T, spectra acquired before and after the experiments provided direct evidence
of pore-structure modification by salt dissolution; the T, relaxation time was converted
to a pore-size scale using a measured surface relaxivity calibrated by mercury injection
capillary pressure, so the 0.01-1 um interval is interpreted as an equivalent pore-body
radius rather than a directly measured pore-throat diameter. The most striking observation
is the substantial increase in the signal amplitude in the 0.01-1 um pore-throat interval,
with the signal intensity in this range increasing by 30-50% after the flooding experiments
(Figure 6). This interval corresponds to the primary flow pathways in the reservoir and is
critical for fluid transport.

30
Sample #1 before flooding
Sample #2 before flooding
< Sample #1 after flooding
c: AN e Sample #2 after flooding
-— ’ Ay
B 20 r/ N
[ =4 / \
L ‘ \
S ' \
©
C
2
@ 401
0 T T N3 —
0.0001 0.001 0.01 0.1 1 10 100

Pore diameter (um)

Figure 6. Comparison of NMR T, spectra before and after the flooding experiment, showing prefer-
ential enlargement of the 0.01-1 um pore-throat interval.

Porosity increased by more than 10% on average after the experiments, with the mag-
nitude of increase varying by lithology; post-flood XRD analysis showed reduced halite
and anhydrite intensities while calcite remained the dominant carbonate phase, supporting
dissolution of soluble salts rather than wholesale calcite removal. Grain-supported carbon-
ate samples showed larger porosity increases (15-20%) compared with mud-dominated
carbonate samples (8-12%). The pore volume increase occurred most prominently in the
mesopore range, consistent with the selective dissolution of halite cement that occupied
these pores.

3.3. Characteristics of High-Temperature High-Pressure Water

Under reservoir conditions (temperatures up to 100 °C, pressures up to 25 MPa), the
injected water exhibits distinct physical and chemical properties that differ significantly
from those at ambient conditions and that collectively contribute to the SDPE effect:

https://doi.org/10.3390/en19204853
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(1) Elevated temperature substantially reduces water viscosity, as expected for liquid
water, and increases the diffusion coefficient. High-temperature water can penetrate
more rapidly into fine pore throats, carrying dissolved salt ions away from the disso-
lution front. This explains why the initial dissolution rate increases with temperature,
despite the smaller ultimate enhancement observed at higher temperatures.

(2) The solubility of halite and anhydrite increases substantially with temperature. Ex-
perimental data indicate that the solubility of CaSOy at 100 °C is approximately 2.5
times that at 40 °C. This enhanced solubility means that each unit volume of injected
water can dissolve more salt, yielding greater permeability enhancement per unit of
cumulative throughput.

(3) High-temperature high-pressure conditions reduce the oil-water interfacial tension,
enabling the aqueous phase to enter smaller pores and to more effectively displace
oil from the rock matrix. The altered wetting conditions allow the injected water
to contact a greater fraction of the mineral surface, promoting more extensive salt
dissolution.

3.4. Numerical Simulation Results

Comparison of the conventional model and the time-dependent permeability model
through numerical simulation revealed substantial differences in predicted performance.
In the conventional model, with constant permeability, the injection well bottom-hole
pressure increased continuously with injection time, reflecting the progressive difficulty of
injecting water into the reservoir. The predicted 15-year cumulative water injection was
only 1.20 x 10 m.

In the time-dependent permeability model, the permeability of grid cells around the
injection well increased progressively with cumulative water throughput. As a result, the
injection pressure, after an initial rise, stabilized and then slightly declined. The predicted
15-year cumulative water injection was 1.50 x 10° m3, an increase of 25% compared with
the conventional model (Figure 7).

1.5

constant-permeability model

time-dependent permeability model

%)

m

N

N
|

o
©
|

o
w
|

Cumulative water injection (10°
o
)

0 3 6 9 12 15
Time (year)
Figure 7. Comparison of cumulative water injection curves between the conventional constant-

permeability model (blue) and the time-dependent permeability model (red) over 15 years of
production.

Sweep efficiency analysis showed that the time-dependent permeability model
achieved a sweep coefficient of 62% after 15 years, compared with 44% for the conven-
tional model—an improvement of 18 percentage points. The dynamic evolution of high-
permeability pathways guided the injected water to regions that would not have been
effectively swept in the conventional model (Figure 8).
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Oil saturation

0 0.1 0.2 0.3 0.4 0.5 0.6

Figure 8. Comparison of oil saturation distributions at the end of 15-year production between (a) the
conventional constant-permeability model and (b) the time-dependent permeability model.

The improvement in ultimate o0il recovery was equally significant. The conventional
model predicted a recovery factor of 41.3% after 15 years, while the time-dependent
model predicted a recovery factor of 45.8%—an improvement of 4.5 percentage points
absolute (Figure 9). A sensitivity analysis across heterogeneous soluble-salt distributions
and permeability fields shows that the recovery benefit varies with spatial distribution,
indicating that the sign of the effect is robust but its magnitude is case-dependent. The grid-
scale statistics reveal that recovery improvement was most pronounced in low-permeability
intervals, where the additional recovery reached 6.2 percentage points, compared with
2.5 percentage points in high-permeability intervals.

50
constant-permeability model
time-dependent permeability model
40—
g
=~ 30
[*]
©
8
$ 20
>
3
[9)
[r'4
10—
0 T | T T
0 3 6 9 12 15

Time (year)

Figure 9. Comparison of recovery factor curves between the conventional constant-permeability
model (blue) and the time-dependent permeability model (red) over 15 years of production.
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4. Discussion
4.1. Mechanistic Interpretation of the SDPE Effect

The experimental results establish a clear mechanistic sequence linking injection-water
undersaturation, evaporitic mineral dissolution, pore-throat enlargement, and macroscopic
permeability increase. The permeability response follows a three-stage pattern: initial
slow dissolution, rapid permeability improvement, and final stabilization. The maximum
enhancement of 170% observed in this study is comparable to, though somewhat higher
than, reported values from similar carbonate—evaporite systems; the specific enhancement
values and conditions from [1,16] are tabulated for direct comparison in Table 5. This
difference likely reflects the higher soluble salt content (8-15%) of the Qianjiang Formation
samples relative to those examined in earlier studies.

NMR analysis provides direct evidence that dissolution preferentially targets the
0.01-1 um pore-throat interval, with signal intensity in this range increasing by 30-50%.
Because permeability scales approximately as the square of the critical throat radius [19], a
comparatively small volumetric dissolution of halite—on the order of a few pore volume
percent—is capable of producing the substantial permeability enhancement observed here;
the NMR signal enhancement was quantified as the change in integrated T,-bin amplitude
over the 0.01-1 um range.

This mechanism is inferred to operate in parallel with chemical dissolution; a combined
effect is plausible, but the relative causal contributions of dissolution and pressure effects
were not quantitatively separated in this study.

4.2. Implications for Waterflooding Design

The time-dependent permeability model developed in this study provides a prac-
tical tool for incorporating the SDPE effect into reservoir simulation. The comparison
between the conventional and time-dependent models reveals that accounting for perme-
ability evolution significantly alters the predicted performance: cumulative water injection
increases by 25%, sweep volume expands by 18%, and ultimate recovery improves by
4.5 percentage points.

Several practical implications follow from these results. First, the enhancement is
most valuable in the early stages of waterflooding, when the dissolution front is actively
expanding, and the permeability improvement directly facilitates better injectivity. Second,
the recovery benefit is more pronounced in low-permeability intervals (6.2 percentage
points) than in high-permeability intervals (2.5 percentage points), suggesting that the
SDPE effect may be particularly beneficial for tight reservoir zones that would otherwise
be difficult to develop. Third, the magnitude of enhancement is sensitive to the dissolution
coefficient &, which depends on injection-water salinity and soluble salt content.

The distinct pressure responses between the two models also offer a potential diag-
nostic tool. The pressure decline observed in the time-dependent model, as opposed to
the monotonic rise in the conventional model, could be monitored in field waterfloods
through downhole pressure gauges. A flattening or declining injection pressure trend
may indicate active salt dissolution and permeability enhancement, whereas a rising trend
may suggest the absence of such effects or the presence of formation damage; these trends
are non-unique and should be interpreted together with reservoir heterogeneity, wellbore
effects, and other operational changes.

4.3. Limitations

Several limitations of this study should be acknowledged. The experiments were
conducted on small-diameter plugs, and meter-scale heterogeneity may alter dissolution
patterns in ways that cannot be captured at the plug scale. Upscaling the SDPE model from
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the laboratory to the field scale requires further work, particularly regarding the spatial
distribution of soluble minerals. In addition, only one reservoir system (the Qianjiang
Formation) was examined, and generalization to other saline lacustrine carbonate reservoirs
requires additional validation. The experimental timescales are also far shorter than reser-
voir flooding timescales, and the long-term behavior of the SDPE effect under continuous
water injection remains uncertain. Geomechanical effects were not explicitly considered in
the current model. Additional limitations include the small plug-to-field scale, the narrow
range of oil viscosity tested, constant flow-rate conditions, and the absence of geochemical
modeling to track downstream reprecipitation of dissolved ions.

5. Conclusions

(1) High-temperature high-pressure core-flooding experiments confirmed a signifi-
cant salt dissolution—-induced permeability enhancement effect. Under reservoir-
representative conditions, permeability increased by up to 170%.

(2) NMR analysis revealed that salt dissolution preferentially enlarged the 0.01-1 pm
pore-throat interval, with 30-50% signal enhancement in this range.

(3) A time-dependent permeability model was established using cumulative water
throughput per grid as the key parameter: K = Ky x (1 + « - F). The model was
implemented as a user-defined module in a commercial simulator, enabling dynamic
permeability updates based on local injection history.

(4) The recovery benefit is more pronounced in low-permeability intervals (6.2 percent-
age points) than in high-permeability intervals (2.5 percentage points). Comparative
numerical simulation between the conventional constant-permeability model and
the time-dependent model showed that accounting for the SDPE effect increases
predicted cumulative water injection by 25%, expands sweep volume by 18 percent-
age points absolute, and improves ultimate oil recovery by 4.5 percentage points
absolute over 15 years of production; these results assume a time-invariant « and
Darcy-scale permeability updates, and may overestimate recovery where wormhole
formation dominates.

(5) The methodology developed in this study—combining experimental quantification,
derivation of a time-dependent permeability model, and implementation in reservoir
simulation—provides a quantitative framework for optimizing waterflooding design
in salt-bearing carbonate reservoirs with measurable soluble-salt content, such as the
8-15% range investigated here, and for predicting when salt dissolution will enhance
rather than impair recovery. Future work should extend validation to other reservoirs,
calibrate oc over a wider salinity and salt-content range.
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