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Abstract: This article presents the methodology and results developed as part of the Integration of
Energy Resources through Local Electricity Markets (IREMEL) project, whose aim is to assess the
capability of flexibility markets to manage eventual distribution network (DN) congestion produced
by a high penetration of distributed energy resources (DERs), including photovoltaic (PV) panels,
battery energy storage systems (BESSs), and electric vehicles (EVs). The distribution system simulator
OpenDSS has been used to simulate three Spanish DNs under multiple DER penetration scenarios
considering an urban and rural low-voltage network and an industrial medium-voltage DN. Likewise,
the congestion events detected in the annual simulations have been used to measure the potential of
flexibility markets under different DER penetrations and energy pricing. The results suggest that
oversized distribution networks could prevent a profitable flexibility market implementation since
the simulations developed in this article shows that networks with high congestion levels are prime
candidates to solve this issue through a market mechanism. Likewise, the results suggest that a
proper price for the energy managed through a local flexibility market (LFM) could have a bigger
effect on market viability than DER penetration.

Keywords: local flexibility market; distribution system operator; congestion management; distribution
networks; IREMEL project

1. Introduction
1.1. Motivation

The stability and reliability of distribution networks (DNs) face significant challenges
due to increasing penetration of distributed energy resources (DERs) such as photovoltaic
(PV) systems, electric vehicles (EVs), and storage systems connected to the system [1],
where inappropriate management of these technologies might increase the number of
congestion events affecting the grid performance [2]. Recognizing this undesirable effect on
distribution networks, in recent years, numerous studies have proposed different strategies
and market frameworks for efficient integration and operation of the DERs to address line
congestion issues through their participation in the electricity markets, offering different
services to the system and customers [3].

Congestion on a DN could occur due to the violation of voltage limits [4] or when
the demand for active power transfer exceeds the grid transfer capability [5,6], commonly
referred to as overloading. In response to such congestion events, the literature identifies
different methods for distribution system operators (DSOs) to address these congestion
events, classifying them into direct and indirect methods [7,8]. Direct methods are related
to network reconfiguration, reactive power control, and load management, while indirect
mechanisms adopt market-based strategies, such that DSOs can harness the benefits of
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demand-side flexibility to face the challenges of the evolving electricity networks [9]. Proper
DER use could handle congestion events in this context by providing flexibility services to
DSOs under a market scheme when ancillary services are required [10]. Likewise, flexibility
market implementation could significantly reduce investments in network reinforcement, as
shown in [11]. As a result, the research community and countries worldwide are currently
discussing the potential of market-oriented approaches in addressing congestion issues
and optimizing distribution network performance.

1.2. Background

Jin et al., 2020 [12] define the LFM as an electricity trading platform to trade flexibility
in geographically limited areas, such as communities, towns, and small cities. The work
developed by Ramos et al. [13] understands the LFM as a place where different established
parties exchange goods or services under rules previously defined. The Iberian Electricity
Market Operator (OMIE) considers a local electricity market as a place where entities
connected to the DN can control their consumption or generation following the distributor’s
requests. In this framework, energy could be traded under a free tariff based on customer
requirements (prosumers, producers, aggregators, DSOs). Likewise, negotiations could be
organized or monitored by the DSO and could occur in the day-ahead or intraday markets,
or any other timeframe allowed by market guidelines.

Considering these definitions as a reference, several studies have proposed different
strategies and market frameworks for handling congestion issues via flexibility markets.
For example, a recent study by Iria et al. [14] compares the economic, network security
performance, communication between actors, computational burden, and privacy require-
ments of the different strategies in the literature under an aggregator scheme. In the same
vein, Shen et al., 2020 [15] formulate an optimal flexibility bidding model for aggregators,
which models the energy payback condition and enables the aggregator to receive the
maximum revenue with flexibility costs, protecting network privacy by the alternating
direction method of multipliers (ADMM). Babagheibi et al. [10] also use the ADMM al-
gorithm for modeling a request and response structure for flexibility service negotiation,
addressing the price uncertainty using a robust optimization approach. A peer-to-peer
(P2P) transaction mechanism that enables flexibility and energy transactions to support
grid stability is introduced by [16] using the Stackelberg game approach for modeling the
bidding process. Likewise, a hierarchical approach for local energy and flexibility trading
among prosumers is presented by [17] to trade energy via P2P and transact flexibility in the
local energy market to manage network constraints. The bilevel programming approach is
used by [18] for modeling the flexibility services provided by multi-microgrid to the DN,
such that the security constraint economic dispatch is managed at the upper level and the
optimal bidding strategies at the lower level.

As a result of the potential use of DERs for handling congestion issues, markets
located in EU countries or the USA currently offer the most significant incentives for a
DSO to adopt new strategies to address today’s energy challenges, including the creation
of flexibility markets [19,20]. Within the EU, the development of these markets is guided
mainly by Directive 2019/44 [21], part of the Clean Energy Package (CEP) [22], which
established standard rules for the internal electricity market. In this document, the EU
recognizes flexibility markets as one of the tools to optimize the use of the network,
eliminate congestion, and defer investments in network elements. Thus, the CEP establishes
that member states (MS) must provide the appropriate legal framework for DSOs to acquire
flexibility services from suppliers of Distributed Generation (DG), demand response or
energy storage through a market mechanism. It also indicates that DSOs, subject to the
approval of the corresponding regulatory institutions, must define the specifications for
the flexibility services to be obtained and, if applicable, the standardized products for
this market. These specifications must guarantee all market participants’ effective and
non-discriminatory participation, including those that offer energy from renewable sources,
demand response services, managers of energy storage facilities, and aggregators.
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The previous context has motivated various initiatives to develop LFMs in the Euro-
pean environment [23], such as the CoordiNet Project [24]. However, most of these are in
the early stages of development, such as the pilot in Denmark [11]. Radecke et al. [25] iden-
tify 11 projects with the specific objective of developing platform-based solutions to utilize
local flexibility to alleviate congestion and broaden the scope of congestion management
tools for distribution grid operators. This paper identifies Germany as the country with
more incentives and projects in the pipeline, followed by the Netherlands and the UK [25].
In the study by Heinrich et al. [11], a summary of projects that seek to observe the techni-
cal feasibility of congestion management methods is presented, including Interflex [26],
REnnovates [27], Reflexe [28], Empower and Invade [29], and iPower [30].

1.3. Research Gap and Contribution

The previous section has shown that significant advances have been made in studying
LFM modeling, market frameworks and bidding strategies and the current discussion
about policy incentives to adopt new market strategies to face energy challenges. However,
despite various advances being made toward developing such markets in Spain, there
are currently no local electricity markets in operation. At the moment of the IREMEL
project release, simulation studies in real Spanish DNs have not been conducted to assess
the profitability of these new market schemes. Thus, under this national context, the
Institute for Energy Diversification and Saving (IDAE) and OMIE have promoted initiatives
studying renewable resource integration through local markets aligning with Directives
2018/2001 [31] and 2019/44 [21], including the IREMEL project [32]. The methods and
results in this paper are derived from work done as part of the IREMEL project and focus
on performing a technical and economic analysis of a potential LFM to manage network
congestion from increased electricity demand and DER penetration for 2030 in Spain. This
is done through simulation of network operation in urban, rural, and industrial Spanish
networks. The main contributions of this work are as follows:

• A congestion assessment is developed in real-world low- and medium-voltage Spanish
DNs characterized by urban, rural, and industrial settings via simulation considering
the expected penetration of DERs in Spain by 2030;

• A methodological framework based on Python and OpenDSS programming is imple-
mented to identify the manageable energy required to reduce congestion on different
Spanish DNs under several DER penetration scenarios;

• A comprehensive economic assessment is developed to estimate the potential rev-
enues that the participants could receive from an eventual Spanish LFM to address
congestion in a DN, considering the manageable energy and reserve market price
projections for 2030.

The rest of the paper is structured as follows. Section 2 presents the methodological
framework to detect congestion events in Spanish distribution networks by simulating
the yearly operation of DERs for different scenario penetration. Section 3, describes the
parameters used to model the DNs, load profiles, and DERs. Section 4 shows the simula-
tion results highlighting the congestion patterns for each DN. The revenue sizing for the
participants of a potential LFM and the market analysis is addressed in Section 5. Finally,
the project conclusions are discussed in Section 6.

2. Methodology

A standardized methodology following the IREMEL project requirements has been
developed to create and identify the congestion generated by DER integration into different
DNs. These requirements included real-world DNs, which means thousands of lines–buses
and managing hundreds of DERs in a one-year time horizon with one-hour time steps. In
this context, optimization techniques were not considered because optimization models
based on AC-optimal power flow constraints involve a high computational burden [14],
and hence, they cannot address the project requirements even using algorithms based on
decomposition methods. Thus, OpenDSS [33] was chosen to simulate the yearly operation
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of the different balanced Spanish DNs while a Python code managed the data related to the
scenarios, load, and random allocation. Figure 1 provides a general process overview and
highlights the tool used in every step.

Figure 1. Methodology.
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2.1. Stage 1: Setting the Base Case

The first stage seeks to define the DN base case considering 2020 DER penetration
levels and allocate load profiles to generate low congestion levels. For each particular grid
(in this article: urban, rural, or industrial DN), a set of load profiles is randomly assigned
to every bus, considering the technical node requirements. Likewise, every DN possesses
specific DER penetration levels for 2020, based on the trends established in [34]. Thus,
when the load profiles and the DERs are assigned, an OpenDSS simulation is run for one
year with an hourly time step. If the DN does not present congestion at any level, then
the load profiles are randomly reassigned N times; when the iterations are greater than N,
the load profiles are increased by a specific factor, and the process starts again until some
congestion level is found. When the DN presents any congestion level, the load profile
allocations are saved as the DN base case. In practice, the N iteration tries depended on the
DN but never exceeded 30 tries.

2.2. Stage 2: Creating Expected 2030 Scenarios

In the second stage, using the DN base case obtained in the previous step, the load
profiles and the DER penetration are increased, depending on the expected 2030 values
set according to the trends reported in [34]. Thus, for each scenario, 15 simulations are
run in OpenDSS such that every simulation considers a random allocation of DERs. That
is, for a particular scenario, each simulation assigns the DERs randomly to available
buses, considering the loads and bus requirements established in the first stage, generating
multiples subscenarios, always respecting the DER penetration levels defined by the
principal scenario. In addition, each simulation generates a congestion report developed
by OpenDSS, which indicates, among other things, the voltage levels at every hour and the
energy not supplied due to technical network violations. All of these reports are saved and
aggregated in a consolidated report used as input for the market analysis.

2.3. Stage 3: Economic Assessment

Finally, the hourly congestion levels obtained from the simulations carried out for
every DN and scenario are used in the market analysis (stage 3) to assess the economic via-
bility of the local flexibility markets considering different assumptions for key parameters
such as operational and investment costs, access to financial support, future energy pricing,
and LFM operational framework.

The DER technologies include PV systems, EVs, and BESSs, while HPs are considered
to measure part of the thermal electrification. The customers considered in the article
are residential, commercial, and industrial, and six scenarios are defined to study the
congestion in the urban, rural, and industrial networks: 2020, 2030, 2030-HP, 2030-PV,
2030-BESS, and 2030-EV. The first scenario considers DER penetration in Spain in 2020 and
the second, the expected DER penetration in 2030. The remaining scenarios use the 2030
scenario and increase the penetration of one particular technology.

A subprocess is defined to properly include the random allocation of a DER with its
respective rated power into the DN as shown in Figure 2, which summarizes the assignment
process applied to the scenarios belonging to the rural and urban DNs. Firstly, every bus
is classified to accept EV charging, residential, or commercial loads, according to the
technical limits of the nodes. Secondly, for each residential and commercial category, five
new labels associated with five load ranges are created to differentiate between different
building consumption levels typical to residential and commercial uses. Then, the set of
load profiles, classified into residential and commercial, with their respective power-rated
label, are randomly allocated based on the bus classification and category.
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Figure 2. Random assignment process.

In parallel, the number of PV systems and BESSs required to fulfil a given DER
scenario is estimated based on the load profiles categories and the typical sizes reported by
the Spanish self-consumption report [35]. e.g., the residential category RC1 accepts load
profiles with a power rating between 1.5 and 4 kW, therefore, the PV system assigned to
this category is 3 kW. A similar process is followed to add the HP and the EV load to the
residential and commercial load profiles previously assigned. The load profiles used in
every case are adequately addressed in the next section. Thus, different load profiles are
randomly allocated into the DN with their respective distributed resources, based on a
global DER penetration.

The process is more straightforward for the industrial DN because the load profiles
are individually assigned based on the industrial park configuration that serve to built
the network model. Thus, the DERs are allocated following the load rated power of every
individual customer without considering EVs and HPs.

3. DER Modeling, Scenarios, and Networks Parameters

The following subsections describe in detail the process for modeling DERs in OpenDSS,
the different scenarios, and the DN technical parameters.

3.1. PV Systems Modeling

The main parameters required to model PV systems into DNs through OpenDSS are
the nominal power of every PV system installed, the bus where the system is installed, the
temperature, and the irradiance [36]. Other parameters like nominal voltage, efficiency,
power factor, number of phases, inverter nominal power, and the relation between power
and temperature are constants, and depend on the main parameters or are defined by
default. The hourly temperature and the irradiance were obtained from [37], corresponding
to the city of Barcelona, which has a Mediterranean climate. As explained previously, the
allocation is assigned randomly in each simulation, and the rated power is classified into
five categories, as shown in Table 1.

For residential PV self-consumption, it is assumed that the average size in Spain for
PV systems is 3.5 kW for homes and 1 kW per floor in multi-family buildings based on
experience from IDAE [38]. For commercial PV systems, a minimum power of 20 kW and
a maximum of 100 kW were assumed, considering the topology of commercial buildings
included in the model. For industrial consumers, a minimum value of 50 kW and a
maximum of 1000 kW have been considered for self-consumption systems. In addition, a PV
system with a power of 1.8 MW is considered in the industrial network as an extra scenario.
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Table 1. PV and BESS capacity installed by category and by network.

DN System Cat 1 [kW] Cat 2 [kW] Cat 3 [kW] Cat 4 [kW] Cat 5 [kW]

Industrial PV-Ind 50 100 200 500 1000
PV 1800 3000 0 0 0
BESS 25 50 90 170 250

Rural PV-R 4 6 8 10 20
PV-C 4 6 8 10 20
BESS-R 4 4.6 6 7.2 8
BESS-C 8 16 26 32 40

Urban PV-R 4.5 8 10 15 20
PV-C 20 40 65 80 100
BESS-R 4 4.6 6 7.2 8
BESS-C 8 16 26 32 40

3.2. BESS Modeling

OpenDSS allows the modeling the storage devices through a curve representing the
hourly demand/prices and two charges/discharges parameters, called ChargeTrigger and
DischargeTrigger, respectively, [33]. Thus, when the curve is below the ChargeTrigger
value, the battery starts charging, and when the curve is above the DischargeTrigger value,
the battery discharges. In this way, the batteries associated with a PV system follow the
respective load consumption curve (BESS-D), and the batteries without a self-generation
system follow the market price curve (BESS-P). Note that the BESSs are modeled using the
trigger mechanism available in OpenDSS, and they do not solve an optimization problem.

3.3. Heat Pumps

The HP loads curves (HP-R, HP-C and HP-I) have been modeled separately from the
load consumption to manage different HP scenarios. The average power values estimated
by IDAE in [39] for residential and commercial Spanish consumers are 12 kW per single-
family home, 5 kW per floor, and 0.075 kW/m2 in commercial buildings. Industrial HP
curves have not been considered because the HP consumption depends on the business
activities performed by the user, which does not allow for an average treatment like those
of residential and commercial users.

It is assumed that the HP total installed power is sized based on the hour with the
highest thermal difference reported in the year. In hours when the internal and external
temperatures are within less extreme operational ranges, the HP power used is adjusted
proportionally keeping the comfort indoor temperatures at 26 °C in summer and 21 °C in
winter. The coefficient of performance (COP) for the 2020 scenario is based on [39], and
for the 2030 scenario, the HPs considered include only COPs greater than or equal to 3.5,
as shown in Table 2. The 2020 annual HP loads have been contrasted with [40], which
simulated the heating and cooling need for single-family homes and flats in Seville and
Madrid, obtaining similar results.

Table 2. Percentage of heat pumps considered by sector according to their COP.

Residential Commercial

COP 2020 2030 2020 2030

1.5 - - 0.3% -
2.5 15.4% - 17.2% -
3.5 55.6% 15.4% 60.2% 17.5%
4.5 26.3% 55.6% 21.2% 60.2%
5.5 2.7% 26.3% 0.6% 21.2%
6.5 - 2.7% 0.5% 1.4%
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3.4. Electric Vehicles

EV charging curves for public parking, commercial, and residential profiles are devel-
oped from information reported by [41] regarding daily charging station usage, connection
frequency per hour and EV type, and average electricity consumption per charging event.
Ten profiles are created for each category considering the trends presented in [41]. For
public parking spots, 10 extra profiles are built considering a higher usage frequency, as
it is assumed that in the scenarios with higher EV usage, public charging points will be
used more frequently. In this way, four EV profile categories are established: public EV
parking with high demand (P-EV-H), public EV parking with regular demand (P-EV-R),
charging point for commercial EV (EV-C), and charing point for residential EV (EV-R). The
profiles have an average consumption of 3.25 MWh/year, 2.5 MWh/year, 2.7 MWh/year,
and 2.55 MWh/year, and a occupancy factor of 22%, 15%, 20%, and 18%, respectively.

3.5. Distribution Networks and Load Profiles

Table 3 presents the main parameters of the three balanced Spanish DNs used to
run the simulations. The urban grid [42] is the biggest, with 10,290 lines and 8087 loads.
It includes 30 transformers, which divide the DN into 30 electrical zones that allow us
to study congestion events separately as well as defining zones with different profiles:
residential, commercial, or mixed zones. The rural network is a smaller grid with 1908
lines and 562 load points, and 19 transformers that do not divide the network into zones.
The industrial network includes only industrial load profiles, 160 load points, 1050 lines,
and 2 transformers. Figure 3 shows the urban and rural topologies where the red points
indicate the transformers and the blue crosses the load points. The details of the network
characteristics have been provided by Energias de Portugal (EDP) and the Cuerva Group
for the simulation of the rural and industrial networks, respectively. However, for reasons
of confidentiality agreements in place in the IREMEL project, the details of the network
characteristics are not reported in this article. Likewise, the electricity consumption profiles
of these two networks have also been protected for confidentiality reasons but correspond
to real metering data for rural and industrial Spanish networks. For the urban network
case, the load profiles have been obtained from [43] and normalized to adjust them to the
peak load reported in the original urban network in [42].

Table 3. Distribution networks parameters.

Urban Rural Industrial

Type of DN LV LV MV
Rated Voltage [kV] 22–0.42 22–0.42 66–20
Frequency [Hz] 50 50 50
Nº Transformers 30 19 2
Nº Lines 10,139 3531 1038
Nº Breakers 36 26 0
Nº Buses 10,290 1908 1050
Nº Loads 8087 562 160

Figure 3. Urban (left) and rural (right) distribution networks modeled in this study.
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4. Simulation Results

A total of 15 simulations have been executed for each of the five scenarios corre-
sponding to the three DNs, resulting in 225 simulations using the weather conditions of
Barcelona, Spain. Table 4 presents a summary of the results obtained in the 2030 scenario,
including the number of residential, commercial, and industrial buildings considered in
every simulation, as well as the total energy consumption and energy not supplied (ENS)
produced by congestion events. The results are averaged for each of the 15 simulations and
five scenarios. Note that OpenDSS simulations compute the ENS as the total energy at risk
of not being supplied due to potential failures in the DN due to exceeding normal voltage
limits. Thus, the ENS is divided into normal and emergency congestion corresponding
to voltage level violations. Normal voltage violations are between 0.95 and 1.05 pu and
emergency conditions are between 0.9 and 1.08 pu. Thus, the results show that the rural
grid possesses a lower number of violations than the urban and industrial networks. Only
0.08% of the total energy demand is not supplied in the rural network, in contrast with
1.94% in the industrial grid.

Table 4. Global results. SC: Self-consumption.

Parameter Urban Rural Industrial

Nº Residential properties 2035 495 -
Nº Commercial properties 360 1 -
Nº Mixed properties - 30 -
Nº Industrial properties - - 160
Nº Parking for EVs 50 10 16
Nº PV systems not to SC - - 2
Avg. Annual demand [MWh/year] 97,034 3758 356,417
Aggregated peak demand [MW] 25.54 0.98 71.74
Avg. Energy not supplied [MWh] 780.15 3.06 6924.05
Avg. Energy not supplied [%] 0.80% 0.08% 1.94%
Avg. Normal Congestion [MWh] 772.35 2.96 6923.83
Avg. Emergency Congestion [MWh] 0.07 0.096 0.22

The industrial grid does not include the HP scenario but instead includes a new
scenario in which an extra PV system is considered, which is not related to any customer.
Despite being much smaller than the other networks, the consumption in the industrial DN
is significantly higher than in the urban and rural grids due to the customers’ consumption
profiles. Specifically, the average consumption is 231 kW for the industrial grid, 4.5 kW for
the urban network, and 0.8 kW for the rural case.

Congestion Patterns

The graphs in Figure 4 include two vertical axes to analyze patterns related to the
occurrence and intensity of congestion based on the ENS delivered by OpenDSS simulations.
The left axis represents the probability of congestion, while the right axis indicates the
magnitude of the congestion as a percentage of the total electricity load. In general,
congestion levels in urban and rural networks represent a maximum of 5% of the total
demand during critical hours, with varying timeframes for congestion occurrences. For
instance, in the rural network (see Rural 2030), there is a 30% probability of network
congestion between 19:00–20:00 h, but the energy involved represents only 2% of the total
demand. Conversely, in the morning, the probability of congestion is close to 10%, but the
power involved reaches 4% of the total demand. In other words, in the morning hours, we
observe more congestion volume with a small occurrence probability than in the afternoon,
when the probability of congestion is greater, but the level of congestion is lower. This
pattern persists in the rural network even with a high penetration of PV systems; however,
congestion issues intensify during the middle of the day, when the solar panels are active.
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Similarly, in rural scenarios where heat pumps are widely adopted (see Rural 2030 BC), the
probability and energy involved in congestion events increase during nighttime hours.

Figure 4. Congestion patterns detected for the different distribution networks.

No significant changes in congestion patterns were identified in the urban network
compared to the base scenario. In this regard, the Urban 2030 case in Figure 4 reveals a
high probability (around 60%) of congestion occurring at 7 a.m. and 5 p.m., explained
mainly by under-voltage issues. However, these congestion events would only account for
3% of the total demand. Conversely, in the industrial case, congestion is observed during
the early morning, solar panel operation, and nighttime. Nevertheless, the probability of
these events occurring is generally low (less than 5%), except for congestion related to PV
panels, which has a probability of approximately 25% in the base scenario and increases
to 40% in the scenario with a higher penetration of solar panels. Finally, in the industrial
case, congestion magnitudes when PV panels are not operational remain below 2%, while
during panel operation hours, they can range from 10% to 20% of the total demand. Note
that from the 15 scenarios tested, only 6 show a congestion pattern, and among them,
congestion levels surpassed 5% of the demand only in 2 cases. Thus, these simulation
results support the idea that the oversized Spanish distribution networks could have low
volumes of manageable energy in 2030, so a flexible market to manage these events may
not be required unless external mechanisms promote its operation.

5. DER Economic Viability Assessment

This section uses the congestion levels detected in the simulations to quantify and
assess under what pricing and market assumptions DERs are an economically viable
mechanism to manage congestion events. Thus, the day-ahead and intraday markets are
the energy markets modeled in this analysis, considering the NPV, payback, and IRR as the
main criteria for assessing the viability of different case studies.

5.1. Case Studies

A total of 10 different case studies grouped in two sets, namely Self-consumption
and Merchant projects, have been considered to assess the viability of DERs to manage
congestion events. The Self-consumption group includes four individual cases considering
the most common archetypes in the networks and assumes they have additional economic
aid from the market price to operate in a flexible market. Thus, the first case corresponds to
a rural single-family house (Case IA), the second to a user belonging to the service sector
(Hotel) in an urban context (Case IB), the third to a food-producing factory in an industrial
estate (Case IC), and the fourth to a collective self-consumption case, which considers a
building with 20 families in an urban context (Case ID). Table 5 shows the parameters
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used for each case, considering cases with and without a BESS to measure the effect of a
BESS on case viability. Conversely, the second group corresponds to the Merchant projects,
including two case studies: a PV system not associated with any user (Case III) and a
battery dedicated to energy arbitrage (Case IV). In both cases, it is assumed that they do
not have additional economic incentives, so their viability depends entirely on the income
obtained from the sale of energy in the markets. However, the economic incentives are
replaced by three different pricing scenarios—Optimistic, Trend, and Pessimistic—based
on the expected evolution of technologies in 2030.

Table 5. Parameters for the self-consumption cases. SC: Self-consumption.

Indicator Case IA Case IB Case IC Case ID

Power PV installed [kW] 4 70 50 11.2
BESS capacity [kWh] 4.6 35 25 5.6
Energy from PV system [MWh/year] 6.4 111.4 79.6 17.8
Energy demanded [MWh/year] 14.5 346.5 79.1 41.4
Self consumed energy without BESS [%] 58.5% 91.7% 50.0% 60.5%
Demand covered by SC without BESS [%] 25.7% 29.5% 49.7% 26.1%

In this analysis, it has been assumed that the local market would work through an auc-
tion scheme at the distributor’s request after the forecast of congestion in some areas under
its jurisdiction. Such congestion forecasts will be obtained with the previous methodology
for the different scenarios proposed in the industrial, rural, and urban network models.
Thus, for each hour where there is a voltage imbalance, above or below normal limits, it
is considered that there is a need to activate the local flexibility market to acquire local
products. In this regard, this study assumed that the market has appropriate policy regula-
tion and the economic incentives to manage congestion issues using the DER’s flexibility
via an LFM. The reason for this strong assumption relies on the study’s aim, which is to
quantify the operational margin of a flexibility market and estimate an upper limit for its
economic viability. Hourly prices from the continuous intraday market in 2019 and the
price projection for the daily market proposed by OMIE around 2030 were used. Similarly,
the day-ahead market prices are projected to 2030 based on the the day-ahead market
prices from OMIE. These prices represent the E0 price scenario. Three additional scenar-
ios were created to add sensitivity to day-ahead market prices considering the average
price per Megawatt-hour for the year to be 10%, 35%, and 45% higher than in scenario E0,
corresponding to the scenarios E1, E2, and E3, respectively.

5.2. CAPEX and OPEX

Table 6 presents the investment (CAPEX) and operation and maintenance (OPEX)
costs used for each case evaluated in this study. All values have been taken from projections
to 2030 made by the Joint Research Center (JRC) [44]. The costs used for the IC Case
correspond to those projected for a large-scale system with fixed tilt solar. In the cases
evaluated for domestic users (Case IA and Case ID), the projected cost for residential
systems is used, while for Case IB—in a commercial building—the projected costs for
commercial-scale photovoltaic systems are considered. In addition to the OPEX values, an
additional cost has been considered—introduced in the model in year 15—for replacing
the inverter, whose useful life is shorter than those of the other components. According to
the projections by the Fraunhofer Institute for Photovoltaic Solar Systems [45] for the year
2030, it is assumed that the cost of this component is equivalent to 7% of the initial CAPEX.
In terms of the operational degradation of the system, an annual reduction in efficiency of
0.5% is considered, which gives an aggregated annual factor with a mean of 18.17% under
the meteorological conditions of the base case (Mediterranean-North climate).

The costs of lithium-ion batteries correspond to those projected to 2030 under the
moderate learning curve in a study by Tarvydas [46] that evaluates possible cost scenarios
for batteries in mobile and stationary applications. For BESS-A, which is associated with
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residential systems (PV-R), the cost of a residential lithium-ion battery system was used.
The OPEX of storage systems for residential users is assumed to be zero, as in [47], while
for the other applications, it is assumed to be equal to 2% of the CAPEX [48]. Additionally,
for all BESS systems analyzed, an annual battery degradation of 0.5% is assumed [49], and
a maximum depth of discharge of 90%.

Table 6. CAPEX and OPEX estimation for Self-consumption and Merchant projects.

PV System BESS

Case Study Scenario CAPEX
[€/kW]

Annual
OPEX

[% CAPEX]
Lifetime CAPEX

[€/kWh]

Annual
OPEX

[% CAPEX]
Lifetime

Case IA Residential–
Rural 995.03 2% 25 427 0% 25

Case IB Commercial 839.56 2.50% 25 489.7 2% 25
Case IC Industrial 746.27 1.70% 25 489.7 2% 25

Case ID Residential–
Urban 995.03 2% 25 427 0% 25

Case III Optimistic 404.23 1.70% 25 - - -
Case III Trend 746.27 1.70% 25 - - -
Case III Pessimistic 901.75 1.70% 25 - - -
Case IV Optimistic - - - 227.03 2% 25
Case IV Trend - - - 289.14 2% 25
Case IV Pessimistic - - - 332.91 2% 25

For Merchant projects, the PV system costs are presented in Table 6 and correspond to
those projected for large-scale systems [44]. The other assumptions are the same as those
considered for Self-consumption PV systems. Likewise, for Case IV—which considers a
BESS for energy arbitrage—the costs projected for 2030 by JRC [46] for stationary lithium-
ion battery systems designed for energy applications were used, assuming an OPEX equal
to 2% of CAPEX [48]. As in Case III, three scenarios were considered: the expected scenario
that corresponds to projected prices under a moderate technological learning rate, the
optimistic scenario that considers a fast learning rate, and the pessimistic scenario with a
slow learning rate.

5.3. Other Considerations

Within the cases of self-consumption, the surplus energy generated and not consumed
by the user is discharged into the network for sale in the available global and local energy
markets. A tax on the Value of the Production of Electric Energy (IVPEE) is assumed for
incomes generated by selling energy, corresponding to 7%. Likewise, it was assumed that
the user pays 2% of the income generated to the trading company—or aggregator—that
manages the sale of energy in the corresponding electricity markets.

For self-consumption in the industrial-type network (Case IC), three types of incentives
are considered following the provisions of incentive programs 1 and 2 of Royal Decree
477/2021 [50], aimed at self-consumption facilities with renewable energy sources in the
service sector. The incentives vary according to the size of the company requesting the
incentive and are applicable to the total cost of the asset. Thus, for Large Companies (LC),
the applicable percentage is 15%, while for Medium Companies (MC), it is 25%, and for
Small Companies (SC), 35%. Similarly, industrial-type users have access to three levels of
support for BESS installation: 45% for LCs, 55% for MCs, and 65% for SCs.

The profitability of the projects is analyzed using the potential variable income that
each of these could obtain under the different DER scenarios and price conditions con-
sidered. Additionally, the impact of using different discount rates—low, medium, and
high—is evaluated (5%, 7%, 9%). Thus, to be considered viable, the project should have a
positive VAN, a Payback Period shorter than the asset’s useful life, and a TIR higher than
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the discount rate set for each user based on their typology and risk level. However, the cost
of operating the flexibility market was not included in the VNP analysis, so the NPV could
be slightly overestimated.

5.4. Projects Feasibility

Table 7 summarizes the economic assessment developed for every case study con-
sidering different pricing and scenarios. Specifically, for Case IA, although economic
incentives are not necessary to achieve economic viability, their use increases the IRR by
an average of 14%, which would help the cases maintain their profitability even using
credit financing. However, the discount rate and chosen price impact each case’s NPV and
payback. The economic model for Case IB finds that installing a PV system is viable in all
the cases evaluated, even considering the low price scenario and the highest discount rate.
The payback without incentives varies between 8 years for the most favorable case (price
scenario E3 and a discount rate of 5%) to 15 years for the most unfavorable case (price
scenario E0 and discount rate of 9%), and the IRR is between 35% (E0) and 47% (E3). All
the financial parameters improve when considering incentives, reaching a payback lower
than five years.

Incorporating BESSs in the model does not improve the financial results; however,
the projects maintain their viability in most cases. In fact, when including incentives, all
price scenarios offer a profitable case, even at discount rates of 9%. When considering
the total cost of the asset, without economic incentives, the project is no longer profitable
for the price scenarios E0 and E1 under a discount rate of 9%. Likewise, considering
economic incentives increase the IRR values between 18% and 23%. Conversely, even with
incentives, the payback for cases including BESSs decreased to less than five years for all
the analyzed scenarios.

The economic model results for Case IC without storage show that all the cases
analyzed are viable when considering the discount rate of 5%, which is low for this type
of user. However, with higher rates, the project’s viability depends on the price scenario
and the level of incentives. When not considering any incentives, the project is unfeasible
for price scenarios E0 and E1, with discount rates of 7% and 9%. It should be remembered
that 7% is the average rate applicable to this type of user [35], so the results obtained for
this value are especially relevant. Likewise, when considering the discount rate for LC, the
E0 scenario is not viable for these values, but profitability levels are reached under the E1
scenario and the 7% discount rate. When considering incentives for MC—which covers
the results shown in Table 7—all cases are viable except for scenario E0 with a discount
rate of 9%. Likewise, adding BESSs does not improve the economic results, and the effect
on the DER scenario is minimal, especially when only the PV system is considered. By
incorporating the batteries, the variation between the IRR values obtained for each DER
scenario is greater, but the differences do not exceed 1% and only occur in some scenarios
(2030 PV, 2030 PV2, 2030 VE). Conversely, considering incentives has a greater impact,
especially from zero economic incentives to incorporating the discount applicable to LC,
where the IRR increases by 2%. Likewise, considering more favorable price scenarios also
impacts the IRR values, especially when comparing the results of scenarios E2 and E3
(which present similar metrics to each other) against those obtained for scenarios E0 or E1.

The Merchant project, Case III, is viable only considering optimistic costs for the price
scenarios E1, E2, and E3. In this regard, profitability is only achieved with a discount rate
of 5%, considered low for this type of project but still within reasonable investment values.
For price scenarios E2 and E3, the optimistic case is profitable under all defined discount
rates, including the high level (9%). The IRR values obtained for the optimistic cost scenario
are: 2% for the price scenario E0, 6% for prices E1, and 11% for prices E2 and E3. Likewise,
the payback period for the viable cases found within this project varies between 11 years
under the most favorable conditions (prices E3 and a discount rate of 5%) and 19 years in
the case of scenario E1 (which is only viable considering a discount rate of 5%).
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Table 7. Economic assessment results developed for every case study considering different pricing
and scenarios. Dr: Discount rate; O: Optimistic scenario; T: Trend scenario; P: Pessimistic scenario. ✓:
Positive NPV, ×: Negative NPV.

Price E0 Price E1 Price E2 Price E3

Case Scenario Dr
[5%]

Dr
[7%]

Dr
[9%]

Dr
[5%]

Dr
[7%]

Dr
[9%]

Dr
[5%]

Dr
[7%]

Dr
[9%]

Dr
[5%]

Dr
[7%]

Dr
[9%]

IA,IB 2030 ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

HP ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

PV ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

BESS ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

EV ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

IC,ID 2030 ✓ ✓ × ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

PV ✓ ✓ × ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

PV2 ✓ ✓ × ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

BESS ✓ ✓ × ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

EV ✓ ✓ × ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓ ✓

III O 2030 × × × ✓ × × ✓ ✓ ✓ ✓ ✓ ✓

PV × × × ✓ × × ✓ ✓ ✓ ✓ ✓ ✓

BESS × × × ✓ × × ✓ ✓ ✓ ✓ ✓ ✓

EV × × × ✓ × × ✓ ✓ ✓ ✓ ✓ ✓

III T 2030 × × × × × × × × × × × ×
PV × × × × × × × × × × × ×

BESS × × × × × × × × × × × ×
EV × × × × × × × × × × × ×

III P 2030 × × × × × × × × × × × ×
PV × × × × × × × × × × × ×

BESS × × × × × × × × × × × ×
EV × × × × × × × × × × × ×

IV O 2030 × × × ✓ × × ✓ × × ✓ ✓ ×
PV × × × ✓ × × ✓ × × ✓ ✓ ×

BESS × × × ✓ × × ✓ × × ✓ ✓ ×
EV × × × ✓ × × ✓ × × ✓ ✓ ×

IV T 2030 × × × × × × × × × ✓ × ×
PV × × × × × × × × × ✓ × ×

BESS × × × × × × × × × ✓ × ×
EV × × × × × × × × × ✓ × ×

IV P 2030 × × × × × × × × × × × ×
PV × × × × × × × × × × × ×

BESS × × × × × × × × × × × ×
EV × × × × × × × × × × × ×

As with Case III, the viability of Case IV depends mainly on the price and cost
scenario chosen and the discount rate. Likewise, no profitable scenarios are identified
when considering the E0 prices, while for E1, all the DER scenarios are profitable with
optimistic costs and a 5% discount rate. Unlike the previous case, for E2 prices, only the
desired financial metrics are obtained when the discount rate of 5% and the optimistic
cost scenarios are considered. Conversely, using E3 prices, profitable cases are obtained
under the 5% discount rate since the E3 scenario has the highest average prices during
peak hours, which benefits energy arbitrage projects. Considering the high discount rate
(9%), no scenario is feasible, not even under E3 prices. The IRR values obtained are 5% for
scenarios E0 and E1, 6% for scenario E2, and 7% for scenario E3. The payback of viable
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cases is between 15 years for the most favorable (5% discount rate, optimistic costs, E3
prices) and 22 years for the least favorable (5% discount rate, trend costs, E3 prices).

Therefore, some Merchant projects would need supplementary income sources to be
profitable in low-price scenarios. Conversely, most Self-consumption projects demonstrated
viability, especially when the solar systems were sized according to the users’ needs. Finally,
we observed that adopting an energy arbitrage scheme could result in significant income
within a flexible market context.

5.5. Costs for Managing Congestion Issues

Two alternative schemes were considered to calculate the cost associated with the
acquisition of the manageable energy necessary to solve congestion at the distributor
level. The first proposal, called the current model, is based on the current scheme for
balance markets where the distributor would act as the counterparty of the DERs (Balance
Responsible Party, BRP). The second proposal—called the alternative model—consists of a
scheme where the participants go to the local market to solve the congestion issue, making
an offer that is matched against those of other agents that operate in markets managed by
the global market operator (for example, the continuous intraday market).

In the current model, the system operator settles with the distributor the deviation
produced by acquiring the requirements activated in the local markets. For each hour
where it was considered necessary to activate the local market, a mechanism based on the
sign and direction of the deviation within the system was used to estimate the potential
income or extra cost that the transaction would represent for the distributor. Energy prices
for the current model were constructed using an open database in the I90 files published by
REE (Red Eléctrica España) for the year 2019. In the alternative market, the participants
make an offer in the intraday market as a counterpart to the offer made in the local market
to meet the requested requirement under the pricing framework described previously
corresponding to E0, E1, E2, and E3, and applied for both schemes.

In the industrial network, the alternative model has a lower cost to the distributor than
the current model, considering the base price scenario E0, which increases in scenarios with
higher PV penetration. However, the gap between the two models decreases as market
prices increase. Conversely, in the rural network, both models show similar costs (the
alternative model is slightly less expensive by 2% compared to the current model), with the
difference becoming more noticeable in scenarios with increased solar panel penetration.
Finally, continuing the trends in other networks, in the urban network, the alternative model
represents a lower cost to the distributor (around 5%) across the different penetration and
price scenarios. In conclusion, based on the assumptions considered, the model where
market participants manage congestion events through a local flexibility market controlled
by a global market operator is, in terms of cost, preferable to the distributor acting as a
counterparty.

6. IREMEL Project Conclusions

This article evaluated the formation of congestion in three networks, industrial (MV),
urban (LV), and rural (LV), at different levels of DER use, in order to measure the capability
of the electricity flexibility market to address congestion. Thus, the valuable information
obtained from the previous analyses is summarized below to better understand the impact
of using local flexibility markets to manage congestion within DNs.

• The oversizing of DNs will probably be reflected in low volumes of manageable energy
to be traded in the local markets. The industrial and urban networks were oversized
concerning the demand and distributed generation existing in the network, so initially,
it was not possible to observe congestion even under the scenarios with a greater use
of DERs. By adjusting the capacity through a proportionality factor, it was possible to
identify congestion in both networks to carry out the analyses required in this study.
However, this may be the case in many distribution areas, given that Spanish DNs



Energies 2024, 17, 659 16 of 18

tend to be oversized. Under these conditions, there may be no congestion events, so a
flexible market to manage these events would not be required;

• The results suggest that considering different DER scenarios has little effect on project
profitability and the benefits of using market mechanisms for congestion management
at the distribution level, except for drastically off-trend scenarios. One example is
the 2030 PV scenario of the industrial network. In this regard, economic conditions—
especially projected market prices—strongly impact the results of the analyses carried
out in this study;

• Networks with a significant number of hours with predicted congestion events but
relatively low power levels of congestion have an opportunity to benefit more from
the implementation of a local flexibility markets than networks with very high lev-
els of congestion for limited hours. In this context, using a market instrument is
more attractive if the additional cost that this represents for the distributor is consid-
ered. However, for DER participants, it offers a less attractive scenario, especially
for Merchant projects. However, it is expected that Self-consumption projects sized
according to the user’s demand or associated users will maintain their profitability
and participate in the local market as an additional activity to self-consumption;

• Self-consumption projects are viable for most of the conditions evaluated, especially
when the DERs are dimensioned according to the users’ needs. Likewise, incorporating
batteries in Self-consumption solar projects was not seen to be financially viable given
the assumptions of this study. Similarly, some Merchant projects will require income
in addition to that obtained through the markets to be profitable in low price scenarios.
Finally, it was observed that an energy arbitrage scheme could generate significant
income in a flexible market context.

Author Contributions: F.G.-M.: Formal analysis, Investigation, Methodology, Software, Visualization,
Writing—original draft. M.J.-M.: Conceptualization, Formal analysis, Investigation, Methodology,
Project administration, Software, Visualization, Writing—review & editing. J.E.: Funding acquisition,
Writing—review & editing. C.C.: Conceptualization, Investigation, Project administration, Supervi-
sion. G.B. Funding acquisition, Project administration, Supervision, Writing—review & editing. All
authors have read and agreed to the published version of the manuscript.

Funding: This research was funded by MCIN/AEI/10.13039/501100011033 and by the European
Union “NextGenerationEU”/PRTR.

Data Availability Statement: Data are contained within the article.

Acknowledgments: The authors would like to acknowledge the assistance of the RYC2021-033477-I grant

Conflicts of Interest: The authors declare no conflicts of interest

References
1. Mohd Azmi, K.H.; Mohamed Radzi, N.A.; Azhar, N.A.; Samidi, F.S.; Thaqifah Zulkifli, I.; Zainal, A.M. Active Electric Distribution

Network: Applications, Challenges, and Opportunities. IEEE Access 2022, 10, 134655–134689. [CrossRef]
2. Luo, E.; Cong, P.; Lu, H.; Li, Y. Two-Stage Hierarchical Congestion Management Method for Active Distribution Networks with

Multi-Type Distributed Energy Resources. IEEE Access 2020, 8, 120309–120320. [CrossRef]
3. Li, Z.; Shahidehpour, M.; Alabdulwahab, A.; Al-Turki, Y. Valuation of distributed energy resources in active distribution networks.

Electr. J. 2019, 32, 27–36. [CrossRef]
4. Akbari-Dibavar, A.; Nourollahi, R.; Agabalaye-Rahvar, M.; Mohammadi-Ivatloo, B.; Zare, K.; Anvari-Moghaddam, A. The Role

of Conservation Voltage Reduction in Congestion Management of Smart Distribution Networks. In Proceedings of the 2021 11th
Smart Grid Conference (SGC), Tabriz, Iran, 7–9 December 2021; pp. 1–5. [CrossRef]

5. Bach Andersen, P.; Hu, J.; Heussen, K. Coordination strategies for distribution grid congestion management in a multi-actor,
multi-objective setting. In Proceedings of the 2012 3rd IEEE PES Innovative Smart Grid Technologies Europe (ISGT Europe),
Berlin, Germany, 14–17 October 2012; pp. 1–8. [CrossRef]

6. Vanin, M.; Van Acker, T.; Ergun, H.; D’hulst, R.; Vanthournout, K.; Van Hertem, D. Congestion mitigation in unbalanced
residential networks with OPF-based demand management. Sustain. Energy Grids Netw. 2022, 32, 100936. [CrossRef]

7. Huang, S.; Wu, Q.; Liu, Z.; Nielsen, A.H. Review of congestion management methods for distribution networks with high
penetration of distributed energy resources. In Proceedings of the IEEE PES Innovative Smart Grid Technologies, Europe, Istanbul,
Turkey, 12–15 October 2014; pp. 1–6. [CrossRef]

http://doi.org/10.1109/ACCESS.2022.3229328
http://dx.doi.org/10.1109/ACCESS.2020.3005689
http://dx.doi.org/10.1016/j.tej.2019.03.001
http://dx.doi.org/10.1109/SGC54087.2021.9664136
http://dx.doi.org/10.1109/ISGTEurope.2012.6465853
http://dx.doi.org/10.1016/j.segan.2022.100936
http://dx.doi.org/10.1109/ISGTEurope.2014.7028811


Energies 2024, 17, 659 17 of 18

8. Wang, X.; Xu, T.; Mu, Y.; Wang, Z.; Deng, Y.; Zhang, T.; Jiang, Q.; Zhang, Y.; Jia, H. Congestion management under peer-to-peer
energy trading scheme among microgrids through cooperative game. Energy Rep. 2022, 8, 59–66. [CrossRef]

9. Fotouhi Ghazvini, M.A.; Lipari, G.; Pau, M.; Ponci, F.; Monti, A.; Soares, J.; Castro, R.; Vale, Z. Congestion management in active
distribution networks through demand response implementation. Sustain. Energy Grids Netw. 2019, 17, 100185. [CrossRef]

10. Babagheibi, M.; Jadid, S.; Kazemi, A. An Incentive-based robust flexibility market for congestion management of an active
distribution system to use the free capacity of Microgrids. Appl. Energy 2023, 336, 120832. [CrossRef]

11. Heinrich, C.; Ziras, C.; Syrri, A.L.; Bindner, H.W. EcoGrid 2.0: A large-scale field trial of a local flexibility market. Appl. Energy
2020, 261, 114399. [CrossRef]

12. Jin, X.; Wu, Q.; Jia, H. Local flexibility markets: Literature review on concepts, models and clearing methods. Appl. Energy 2020,
261, 114387. [CrossRef]

13. Ramos, A.; De Jonghe, C.; Gómez, V.; Belmans, R. Realizing the smart grid’s potential: Defining local markets for flexibility. Util.
Policy 2016, 40, 26–35. [CrossRef]

14. Iria, J.; Scott, P.; Attarha, A.; Soares, F. Comparison of network-(in)secure bidding strategies to coordinate distributed energy
resources in distribution networks. Sustain. Energy Grids Netw. 2023, 36, 101209. [CrossRef]

15. Shen, F.; Wu, Q.; Jin, X.; Zhou, B.; Li, C.; Xu, Y. ADMM-based market clearing and optimal flexibility bidding of distribution-level
flexibility market for day-ahead congestion management of distribution networks. Int. J. Electr. Power Energy Syst. 2020,
123, 106266. [CrossRef]

16. Park, S.W.; Zhang, Z.; Li, F.; Son, S.Y. Peer-to-peer trading-based efficient flexibility securing mechanism to support distribution
system stability. Appl. Energy 2021, 285, 116403. [CrossRef]

17. Gazafroudi, A.S.; Khorasany, M.; Razzaghi, R.; Laaksonen, H.; Shafie-khah, M. Hierarchical approach for coordinating energy
and flexibility trading in local energy markets. Appl. Energy 2021, 302, 117575. [CrossRef]

18. Ghaemi, S.; Salehi, J.; Moeini-Aghtaie, M. Developing a Market-Oriented Approach for Supplying Flexibility Ramping Products
in a Multimicrogrid Distribution System. IEEE Trans. Ind. Inform. 2021, 17, 6765–6775. [CrossRef]

19. Sallam, A.A.; Malik, O.P. Integration of distributed energy resources. Power Grids with Renewable Energy: Storage, Integration and
Digitalization; IET Digital Library: London, UK, 2020; pp. 345–372. [CrossRef]

20. Pedro, A.; Krutnik, M.; Yadack, V.M.; Pereira, L.; Morais, H. Opportunities and challenges for small-scale flexibility in European
electricity markets. Util. Policy 2023, 80, 101477. [CrossRef]

21. European Parliament; Council of the European Union. Directive (EU) 2019/944 on Common Rules for the Internal Market for
Electricity and Amending Directive 2012/27/EU. Off. J. Eur. Union 2019, 18, 32019L0944.

22. Directorate-General for Energy (European Commission). Clean Energy for all Europeans; European Commission: Brussels, Bel-
gium, 2019. [CrossRef]

23. Rebenaque, O.; Schmitt, C.; Schumann, K.; Dronne, T.; Roques, F. Success of local flexibility market implementation: A review of
current projects. Util. Policy 2023, 80, 101491. [CrossRef]

24. García-Muñoz, F.; Ivanova, A.; Montané, J.F.; Serrano, M.; Corchero, C. A DSO flexibility platform based on an optimal congestion
management model for the European CoordiNet project. Electr. Power Syst. Res. 2023, 221, 109386. [CrossRef]

25. Radecke, J.; Hefele, J.; Hirth, L. Markets for Local Flexibility in Distribution Networks; ZBW—Leibnitz Information Centre for
Economics: Kiel, Germany, 2019; p. 17.

26. Fonteijn, R.; Van Cuijk, T.; Nguyen, P.H.; Morren, J.; Slootweg, J.G. Flexibility for congestion management: A demonstration
of a multi-mechanism approach. In Proceedings of the 2018 IEEE PES Innovative Smart Grid Technologies Conference Europe
(ISGT-Europe), Sarajevo, Bosnia and Herzegovina, 21–25 October 2018. [CrossRef]

27. van Goch, D.; Eulen, M.; Lodeweyckx, S.; Caerts, C. Rennovates, flexibility activated zero energy districts, H2020. Impact 2017,
2017, 29–31. [CrossRef]

28. Siebert, N.; Ammari, S.; Cao, X.; Delaplagne, T.; Mamadou, K.; Chouiter, M.; Buttin, H.; Gaci, O.; Lagorse, J.; Bertone, Y.
Scheduling demand response and Smart Battery flexibility in a market environment: Results from the Reflexe demonstrator
project. In Proceedings of the 2015 IEEE Eindhoven PowerTech, Eindhoven, The Netherlands, 29 June–2 July 2015. [CrossRef]

29. Olivella-Rosell, P.; Lloret-Gallego, P.; Munné-Collado, Í.; Villafafila-Robles, R.; Sumper, A.; Ottessen, S.Ø.; Rajasekharan, J.;
Bremdal, B.A. Local flexibility market design for aggregators providing multiple flexibility services at distribution network level.
Energies 2018, 11, 822. [CrossRef]

30. Hansen, L.H. Research in Intelligent Power [Ipower] Development of a Dso—Market on Flexibility Services; DTU Library: Roskilde,
Denmark, 2013; pp. 1–78.

31. EC 2018/2001. Directive (EU) 2018/2001 of the European Parliament and of the Council on the promotion of the use of energy
from renewable sources. Off. J. Eur. Union 2018, 2018, 82–209.

32. de Energía, O.d.M.I. Modelo de Funcionamiento de los Mercados Locales de Electricidad, Proyecto Iremel (Integración de Recursos
Energéticos a Través de Mercados Locales de Electricidad): Technical Report; Technical Report; OMIE: Madrid, Spain, 2022.

33. Dugan, R.C. Reference Guide The Open Distribution System Simulator (OpenDSS) With Edits by Andrea Ballanti; Power Research
Institute (EPRI): Palo Alto, CA, USA, 2016; pp. 1–184.

34. MITERD. Plan Nacional Integrado de Energía y Clima 2021–2030. Ministerio para la Transición Ecológica y el Reto Demográfico,
Gobierno de España; Ministerio de Fomento: Madrid, Spain, 2020; p. 25.

http://dx.doi.org/10.1016/j.egyr.2021.11.130
http://dx.doi.org/10.1016/j.segan.2018.100185
http://dx.doi.org/10.1016/j.apenergy.2023.120832
http://dx.doi.org/10.1016/j.apenergy.2019.114399
http://dx.doi.org/10.1016/j.apenergy.2019.114387
http://dx.doi.org/10.1016/j.jup.2016.03.006
http://dx.doi.org/10.1016/j.segan.2023.101209
http://dx.doi.org/10.1016/j.ijepes.2020.106266
http://dx.doi.org/10.1016/j.apenergy.2020.116403
http://dx.doi.org/10.1016/j.apenergy.2021.117575
http://dx.doi.org/10.1109/TII.2020.3047600
http://dx.doi.org/10.1049/pbpo167e_ch14
http://dx.doi.org/10.1016/j.jup.2022.101477
http://dx.doi.org/doi/10.2833/21366
http://dx.doi.org/10.1016/j.jup.2023.101491
http://dx.doi.org/10.1016/j.epsr.2023.109386
http://dx.doi.org/10.1109/ISGTEurope.2018.8571896
http://dx.doi.org/10.21820/23987073.2017.5.29
http://dx.doi.org/10.1109/PTC.2015.7232580
http://dx.doi.org/10.3390/en11040822


Energies 2024, 17, 659 18 of 18

35. Gallego-Castillo, C.; Heleno, M.; Victoria, M. Self-consumption for energy communities in Spain: A regional analysis under the
new legal framework. Energy Policy 2021, 150, 112144. [CrossRef]

36. EPRI. OpenDSS PVSystem Element Model Version 1; EPRI: Palo Alto, CA, USA, 2011; pp. 1–10.
37. Commission, E. European Photovoltaic Geographical Information System; European Commission: Brussels, Belgium, 2017.
38. UNACEM. UNACEM | Memoria Anual 2019; UNACEM: Lima, Peru, 2019.
39. Montes, J.P.G.; Claudio Miguez Gomez, F.M.G. Parque de Bombas de calor de España Síntesis del Estudio; Instituto para la

Diversificación y Ahorro de la Energía: Madrid, España, 2016; p. 40.
40. Zangheri, P.; Armani, R.; Pietrobon, M.; Pagliano, L.; Fernandez Boneta, M.; Müller, A. Heating and Cooling Energy Demand and

Loads for Building Types in Different Countries of the EU; eERG Group: Milano, Italy, 2014; p. 86.
41. Corchero, C.; González-Villafranca, S.; Sanmartí, M. European electric vehicle fleet: Driving and charging data analysis. In

Proceedings of the 2014 IEEE International Electric Vehicle Conference (IEVC), Florence, Italy, 17–19 December 2014; pp. 1–6.
[CrossRef]

42. Koirala, A.; Suárez-Ramón, L.; Mohamed, B.; Arboleya, P. Non-synthetic European low voltage test system. Int. J. Electr. Power
Energy Syst. 2020, 118, 105712. [CrossRef]

43. OpenEI. Commercial and Residential Load Data. 2004. Available online: https://data.openei.org/submissions/153 (accessed on
25 November 2014)

44. Commission, E.; Centre, J.R.; Tarvydas, D.; Zucker, A.; Tsiropoulos, I. Cost Development of Low Carbon Energy Technologies:
Scenario-Based Cost Trajectories to 2050, 2017th ed.; Publications Office of the European Union: Belgium, Brussels, 2018.

45. Lotz, C.; Ottmann, J.; Schneider, K.; Wilson, H.R. Joscha Feuerstein p. 48/49; Guido Kirsch p. Timo Sigurdsson P 2015, 6, 22.
46. Tarvydas, D.T.I. Li-ion Batteries for Mobility and Stationary Storage Applications—Publications Office of the EU; Number December;

Publications Office of the EU: Luxembourg, 2018. [CrossRef]
47. Scheller, F.; Burkhardt, R.; Schwarzeit, R.; McKenna, R.; Bruckner, T. Competition between simultaneous demand-side flexibility

options: The case of community electricity storage systems. Appl. Energy 2020, 269, 114969. [CrossRef]
48. Jülch, V. Comparison of electricity storage options using levelized cost of storage (LCOS) method. Appl. Energy 2016, 183,

1594–1606. [CrossRef]
49. Stenzel, P.; Linssen, J.; Fleer, J. Impact of Different Load Profiles on Cost Optimal System Designs for Battery Supported PV

Systems. Energy Procedia 2015, 75, 1862–1868. [CrossRef]
50. BOE 155/2021. Ministerio para la Transición Ecológica y el Reto Demográfico. BoletíN Of. Del Estado 2021, 155, 77938–77998.

Disclaimer/Publisher’s Note: The statements, opinions and data contained in all publications are solely those of the individual
author(s) and contributor(s) and not of MDPI and/or the editor(s). MDPI and/or the editor(s) disclaim responsibility for any injury to
people or property resulting from any ideas, methods, instructions or products referred to in the content.

http://dx.doi.org/10.1016/j.enpol.2021.112144
http://dx.doi.org/10.1109/IEVC.2014.7056144
http://dx.doi.org/10.1016/j.ijepes.2019.105712
https://data.openei.org/submissions/153
http://dx.doi.org/10.2760/87175
http://dx.doi.org/10.1016/j.apenergy.2020.114969
http://dx.doi.org/10.1016/j.apenergy.2016.08.165
http://dx.doi.org/10.1016/j.egypro.2015.07.165

	Introduction
	Motivation
	Background
	Research Gap and Contribution

	Methodology
	Stage 1: Setting the Base Case
	Stage 2: Creating Expected 2030 Scenarios
	Stage 3: Economic Assessment

	DER Modeling, Scenarios, and Networks Parameters
	PV Systems Modeling
	BESS Modeling
	Heat Pumps
	Electric Vehicles
	Distribution Networks and Load Profiles

	Simulation Results
	DER Economic Viability Assessment
	Case Studies
	CAPEX and OPEX
	Other Considerations
	Projects Feasibility
	Costs for Managing Congestion Issues

	IREMEL Project Conclusions
	References

