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Abstract: China boasts significant reserves of low-permeability oil reservoirs, and the economic and
efficient development of these reservoirs plays a crucial role in enhancing oil and gas production.
However, the “difficult injection and difficult recovery” issue in low-permeability oil reservoirs is
a major challenge. To address this, research is conducted on the mechanism of pressure drive based
on the mathematical model of oil-water seepage in low-permeability reservoirs and the model
of fracture permeability. The study finds that pressure drive technology, by directly delivering
the pressure drive agent deep into the low-permeability reservoir, effectively prevents viscosity
loss and adhesion retention of the agent in the near-wellbore area. This technology expands the
swept volume, improves oil washing efficiency, replenishes formation energy, and facilitates the
gathering and production of scattered remaining oil. For reservoirs with higher permeability,
pressure drive yields quick results, and high-pressure water injection can be directly adopted
for pressure drive to reduce costs. On the other hand, reservoirs with lower permeability have
difficulty in water absorption, and the use of surfactant-based pressure drive can effectively reduce
the seepage resistance of the reservoir, enhancing its water absorption capacity and improving
development outcomes. Based on the mechanism of pressure drive development, further research
is conducted on the production characteristics of pressure drive mines. Addressing the variability
in pressure drive effects, big data analysis tools such as SHAP analysis and correlation analysis
are employed to evaluate the main controlling factors of pressure drive in both new and old areas.
Additionally, non-time series and time series pressure drive production forecasting models are
established based on pressure drive data.

Keywords: low-permeability oil reservoirs; main controlling factors; model of fracture permeability;
physical simulation; mechanism of pressure drive

1. Introduction

Currently, 70% of global oil production originates from mature oilfields, and they
will continue to serve as the primary source of oil output in the future [1,2]. Mature
oilfields, having undergone prolonged water injection and multiple chemical enhanced
oil recovery (EOR) stages, are characterized by high recovery rates and water cuts, posing
significant challenges for further development and exploitation in China’s petroleum
industry. For instance, the Daqing oilfield’s low-to-medium permeability reservoirs exhibit
comprehensive water cuts ranging from 93% to 96% and recovery rates of 38% to 42%,
with substantial remaining reserves [3–6]. However, these reserves are hindered by poor
reservoir quality, scattered remaining oil distributions, and injection–production difficulties,
rendering further enhancement of recovery rates challenging. Thus, there is an urgent need
for efficient reservoir stimulation technologies that can improve reservoir utilization and
mobilize scattered remaining oil [7–12].

Xue Changrong [13] analyzed oil recovery and fracturing techniques for low-
permeability reservoirs based on practical work experience, offering insights yet lacking
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empirical validation and in-depth studies on production efficiency. Ren Zeying [14]
demonstrated the application of an integrated geological-engineering approach in the
low-permeability turbidite sandstone reservoir in the Niuzhuang Sag of the Dongying
Depression, significantly enhancing reservoir characterization, drilling efficiency, and
oil displacement. While this technology shows promise, it also complicates operations
and may slow production rates. Lan Shuang [15] theoretically explored the potential of
micro-nano emulsions as enhanced water injection agents for low-permeability reser-
voirs, highlighting the need for practical implementation and further investigation. The
morphological complexity and orientation disorder of pore space evolution during in-
situ thermal reconstruction of oil shale, and their effects on permeability are introduced.
Pan Duo [16] introduced various EOR technologies, including polymer flooding, com-
posite flooding, microbial flooding, and in-depth profile control, to improve recovery
in low-permeability reservoirs. However, these techniques are complex and technically
demanding. Liu Jun [17] paid attention to this issue of morphological complexity and az-
imuthal disorder of evolving pore space in low-maturity oil shale during in-situ thermal
upgrading, and impacts on permeability.

Yu Jinzhu [18] reviewed fracturing techniques and trends for low-permeability oil-
fields, focusing on the state-of-the-art without addressing specific efficiency issues or
proposing innovative solutions. Yang Yong [19] conducted numerical simulations to study
the impact of various pressure-driven parameters on production enhancement in low-
permeability reservoirs. While it identified optimal parameter combinations, the study did
not fully address injection difficulties. The evolution of the anisotropic thermophysical
properties of low-maturity oil shales under elevated temperatures has been investigated,
and a rational prediction of its impact on the restoration of oil development has been
conducted [20]. Zhang, S.Q [21] employed a petrophysical and geochemical investigation-
based methodology to conduct a multilithology analysis of the reservoir in the Permian
Longtan Formation of the southeastern Sichuan Basin, and provided a framework for
pressure-driven exploitation. Li, L. [22] studied the distribution and development methods
of coal measure gas resources in China, and pressure-driven exploitation was proposed as
an important development approach. Cui Chuanzhi [23] analyzed the effects of induced
fractures on injection well pressures during pressure-driven water injection, contribut-
ing to the understanding of unstable seepage mechanisms but lacking a comprehensive
assessment of the impact on oil recovery.

Conventional chemical flooding in low-to-medium permeability reservoirs suffers
from low injection efficiency, poor reservoir utilization, and high chemical loss. Traditional
hydraulic fracturing establishes high-flow channels but struggles with energy replen-
ishment and sweep efficiency. Researchers have proposed large-scale pressure-driven
fracturing, which outperforms conventional chemical flooding and hydraulic fracturing
in field tests [24–27]. However, the coupling mechanisms between hydraulic fractures
and chemical flooding, as well as the oil displacement mechanisms during chemical agent
elastic flowback, remain unclear [28–30]. Furthermore, a systematic approach to studying
fluid flow patterns and enhanced recovery outcomes during pressure-driven processes is
lacking, hindering large-scale application [31–34].

Previous scholars have conducted extensive research on enhancing the recovery effi-
ciency of low-permeability and tight reservoirs, covering a wide range of aspects. Among
these [35,36], they investigate the computational methods for determining well spacing in
CO2 miscible and immiscible flooding, aiming to optimize the efficiency of CO2 flooding.
They employ 3D numerical simulations to study the dynamic propagation of fractures
in hydraulic fracturing of low-permeability reservoirs, providing a theoretical basis for
fracturing design [37]. The optimal well spacing deployment patterns for low-permeability
lens-shaped lithological reservoirs to optimize well pattern design are employed [38].
They introduce the application of an advanced water injection model in low-permeability
reservoirs to enhance the effectiveness of waterflooding [39]. The application of volume
fracturing technology in tight oil reservoirs is examined and its potential for improving
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recovery rates is demonstrated [40]. Overall, these studies provide scientific evidence and
technical support for the effective development of low-permeability and tight reservoirs;
however, there are still several issues that have not been considered.

The effect of pressure drive oil recovery we have studied is more detailed. A is rich in
low-permeability reservoir resources, with a total of 428 well groups implemented in low-
permeability reservoirs, resulting in an accumulated oil increase of 371,000 tons. This study
will demonstrate that pressure drive in low-permeability reservoirs can effectively solve the
problem of “difficult injection and difficult recovery”. By establishing a mathematical model
for oil-water seepage in low-permeability reservoirs and a model of fracture permeability,
we investigate the development mechanism of pressure drive. This addresses the challenges
of difficult economic production in low-abundance beach-bar sand reservoirs, the issue of
interlayer utilization differences in low-permeability reservoirs, and the general problems of
poor sweep efficiency and low recovery rates in low-permeability reservoirs. In view of the
differences in the effects of pressure drive, big data analysis methods such as SHAP analysis
and correlation analysis are used to evaluate the main controlling factors of pressure drive
in new and old areas. A non-time series and time series pressure-driven production capacity
prediction model based on pressure-driven data-driven has been established. The non-time
series pressure-driven production capacity prediction model based on machine learning
has high accuracy and has been verified.

2. Materials and Methods
2.1. Mathematical Model of Oil-Water Seepage in Low-Permeability Reservoirs

The pressure analysis model for pressure-driven water injection wells comprises
two primary components: the mathematical model of oil-water seepage under pressure-
driven water injection and the fracture propagation model during such injection. Prior to
establishing the pressure analysis model, the following assumptions are made: 1⃝ Two-
dimensional planar flow; 2⃝ The reservoir only involves oil-water two-phase seepage, with
oil and water being immiscible and individually adhering to Darcy’s law; 3⃝ Both rock and
fluids are slightly compressible; 4⃝ Heterogeneity and anisotropy of the rock are considered;
5⃝ The effect of gravity is neglected; 6⃝ The fracture propagation is modeled as a composite

linear expansion. Utilizing a quarter of the five-spot well pattern as the research unit, a
pressure analysis model for pressure-driven water injection is formulated.

Oil Phase Seepage Equation:
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Water Phase Seepage Equation:
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Auxiliary Equation:
So + Sw = 1 (3)

In the equations, x and y represent the lengths along the x-direction and y-direction,
respectively, in meters (m); t is time, in seconds (s); Kx and Ky are the absolute permeabilities
in the x-direction and y-direction, respectively, of the porous medium in the reservoir, in
Darcy (D); Kro and Krw are the relative permeabilities of the oil phase and water phase,
respectively; ρo and ρw are the densities of the oil phase and water phase, respectively,
in kilograms per cubic meter (kg/m3); µo and µw are the viscosities of the oil phase and
water phase, respectively, in milli Pascal-seconds (m Pa·s); φ represents the porosity of the
porous medium in the reservoir; qo and qw are the oil phase and water phase production
rates under standard conditions, respectively, in cubic meters per day (m3/d); po and pw
are the pressures of the oil phase and water phase, respectively, in megapascals (MPa); G



Energies 2024, 17, 5253 4 of 26

is the threshold pressure gradient, in megapascals per meter (MPa/m); So and Sw are the
saturation of the oil phase and water phase, respectively.

By combining the initial conditions, internal and external boundary conditions with
Equations (1)–(3), a two-phase oil-water seepage model can be constructed.

2.2. Model of Fracture Permeability

The exponential model is currently the most widely used mathematical model for
stress sensitivity, which describes the relationship between formation pressure and fracture
permeability.

K = K0e−ασ (4)

σ = σo − p (5)

In the equation, K represents the fracture permeability, in Darcy (D); K0 is the initial
fracture permeability, also in Darcy (D); α is the dimensionless stress sensitivity coefficient; σ
is the effective stress, in megapascals (MPa); σ0 is the overburden pressure, in megapascals
(MPa); and p is the formation pore pressure, also in megapascals (MPa).

Based on previous studies on the relationship between formation pressure and fracture
permeability, a fracture permeability model under pressure-driven conditions is established:

When the formation pressure is in the ascending stage:

K = Ki, (p ≤ pc)

K = Kce−α1(σ0−p)(p > pc)
(6)

When the formation pressure is in the descending stage:

K = Kmine−α2(σ0−p), (p = pmin)
K = Kmin(p < pmin) (7)

In the formula, α1 and α2 represent the dimensionless stress sensitivity coefficients
obtained through fitting.

2.3. Solution of Pressure-Driven Model

The pressure analysis model for pressure-driven water injection wells describes a fluid–
solid coupling and oil-water two-phase nonlinear seepage problem, which is challenging
to solve analytically or semi-analytically. Therefore, the model is discretized, and the finite
difference method is employed to find its solution. In the differential equations governing
the seepage of oil and water phases, the right-hand side terms are discretized using the
first-order forward difference, while the left-hand side terms are discretized using the
second-order central difference. The unknowns are po, pw, so, sw, with the independent
variables being (x, y, t). Expanding the differential equations for oil and water phases
through discretization, the difference equations for the oil and water phases are obtained
as follows:
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In this context,
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(10)

In Equations (8) to (9), ∆xi represents the unit grid length in the x-direction, with units
of meters (m). ∆yj represents the unit grid length in the y-direction, with units of meters
(m). ∆t represents the unit time, with units of days (d). pn+1

oi,j is the oil phase pressure at

node (i,j) and time step (n + 1), with units of MPa. sn+1
oi,j is the oil saturation at node (i,j)

and time step (n + 1). pn+1
wi,j is the water phase pressure at node (i,j) and time step (n + 1),

with units of MPa. sn+1
wi,j is the water saturation at node (i,j) and time step (n + 1). Cp is

the rock compressibility coefficient. Co is the oil phase compressibility coefficient. Cw is
the water phase compressibility coefficient. Vi,j is the volume of grid (i,j), with units of
cubic meters (m3). Qoi,j,Qwi,j are the production or injection rates of grid (i,j), with units
of cubic meters per day (m3/d). Vpi,j is the pore volume of grid (i,j), with units of cubic
meters (m3). Tox

i± 1
2

, Tox
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2
, Toy
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2
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2
are the relative permeabilities of the water and

oil phases, respectively. Using the IMPES (Implicit Pressure, Explicit Saturation) method
to implicitly solve for pressure so = 1 − sw, we can let A = ρo

ρw
represent porosity and

[KW f =
W(x,t)3

12 × 109(8)]× A, represent the absolute permeability. By introducing these
notations and eliminating the saturation terms from the above equations, we focus on
solving for pressure implicitly. Additionally, KWf represents the fracture conductivity, with
units of 10−3 µm2·m.
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At each node, by applying Equation (11) to formulate equations, a pentadiagonal
system of equations is obtained. By substituting the initial and boundary conditions into
this system of equations, the pressure can be solved. Subsequently, the pressure values
obtained are substituted into the water phase difference Equation (9) to explicitly solve for
the water saturation. Finally, the fracture length, conductivity, pressure, and saturation
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distributions are updated, and the simulation calculation for the next time step is carried
out, thereby achieving the solution of the pressure analysis model for pressure-driven
water injection wells.

In the solution flowchart of the pressure-driven water injection well pressure analysis
model depicted in Figure 1, the notations Nx, Ny, Nt, and NN represent the number of grid
nodes in the x-direction, the number of grid nodes in the y-direction, the number of time
steps, and the total number of iterations, respectively. T denotes the total simulation time.
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During the process of solving the pressure-driven water injection well pressure analy-
sis model, the following steps are typically followed:

(1) Input Basic Parameters: Initially, the fundamental parameters required by the model
are input. These parameters may include rock and fluid properties, well specifications,
and operational conditions.

(2) Initialization and Boundary Conditions: Each grid cell is assigned an initial value, and
the outer boundary conditions of the model are specified. These boundary conditions
define the pressure or flow conditions at the edges of the simulated reservoir.

(3) Calculation of kro and krw: Using interpolation methods, the relative perm of oil
(kro) and water (krw) are determined for each grid cell. These values are crucial in
determining the flow behavior of the fluids within the reservoir.

(4) Calculation of Flow Coefficients: Based on the reservoir’s fundamental parameters
and the derived pressure-driven water injection well pressure analysis model, the
flow coefficients for each grid cell are computed. These coefficients reflect the ease of
fluid flow through the porous medium.

(5) Formation of the Five-Diagonal Equation System: A system of five-diagonal equations
is formulated, where each equation represents the pressure balance at a specific
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grid cell. This system encapsulates the governing equations of fluid flow and the
interactions between adjacent grid cells.

(6) Solution of the Equation System: The five-diagonal equation system is solved nu-
merically to obtain the pressure values at different grid nodes. This step is crucial in
determining the pressure distribution within the reservoir under the influence of the
water injection well.

(7) Explicit Saturation Calculation and Iteration: Following the pressure calculation, the
saturations are updated explicitly using the new pressure values. This step involves
applying the appropriate saturation–pressure relationships for the oil and water
phases. The updated saturations are then used in the next iteration of the simulation.

(8) Iteration and Simulation Completion: The above steps are repeated in a loop until
the end of the simulation time is reached. Each iteration refines the pressure and
saturation distributions, providing a more accurate representation of the reservoir’s
response to the water injection well.

By following this iterative process, the pressure-driven water injection well pressure
analysis model enables the prediction of pressure and saturation changes within the reser-
voir, facilitating informed decision-making in reservoir management and optimization.

3. Mechanism of Enhanced Oil Recovery Through Pressure-Driven Technology
3.1. High Pressure Coefficient: The Key to Establishing a Stable and Continuous Pressure Profile
for Long-Term Stable Production

The pressure-driven development of low-permeability reservoirs can create a complex
fracture network through high-pressure fluid loss, significantly enhancing permeability
and injection capacity for rapid energy replenishment. Compared to conventional water
injection, the water injection capacity improves by 10–30 times after pressure-driven water
injection. In the pressure-driven modification zone, the pressure front advances, increasing
the displacement pressure gradient between wells by 5 to 10 times. Consequently, the range
of easily flowing zones expands by 3 to 5 times (Figure 2), enabling the establishment of
effective displacement between injection and production wells.
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Figure 2. Pressure Gradient Profiles of Conventional Water Injection versus Pressure-Driven Water
Injection.

Figure 2 is a comparison of pressure gradient profiles between conventional water
injection and pressure-driven water injection. As can be seen from the figure, when the
well spacing reaches 80 m, the pressure head moves forward by 800 m, and at this point,
the pressure gradient increases by 60 times. This indicates that at this specific well spacing,
pressure-driven water injection can significantly improve the pressure gradient, which may
enhance the development effect of the reservoir.
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There are several reasons for this:

(1) Fluid dynamics effect: As the well spacing increases, the flow path of the fluid becomes
longer, leading to an increase in fluid resistance. In this case, using pressure-driven
water injection can overcome this resistance, allowing the fluid to pass through the
formation more effectively.

(2) Influence of microfracture zones: In the area of microfracture zones between wells,
the permeability of the formation will change. Pressure-driven water injection can
activate these microfractures by increasing the injection pressure, thereby further
improving the fluid flow capacity.

(3) Influence of matrix properties: Factors such as matrix permeability and well spacing
may affect the change in pressure gradient. Higher matrix permeability may make it
easier for fluids to flow through the formation, while longer well spacing may require
higher pressure to maintain the same flow rate.

In the actual oilfield development process, engineers typically determine the best
water injection strategy based on field test data and experience. The effect of pressure-
driven water injection within this range has been verified through multiple experiments
and practical applications.

Our proprietary long-core pressure transmission experiments have demonstrated that
the pressure transmission velocity is solely correlated with reservoir physical properties. In
contrast, the medium transmission velocity is influenced by both physical properties and
pressure gradients. Enhancing physical properties and displacement pressure gradients
can reduce the discrepancy between these two velocities.

Pressure transmission refers to the energy transfer resulting from fluid and matrix com-
pression, which is solely related to rock properties and the comprehensive compressibility
coefficient of the reservoir. The calculation formula for pressure transmission is:

η =
k
µ
· 1

ϕ · Ct
(13)

η: Pressure Transmission Coefficient.
k: Permeability, with units expressed in Darcies (Darcy, darcies) or millidarcies (mD).
µ: Dynamic Viscosity, quantified in units of Pascal-seconds (Pa·s) or centipoise (cP), where
1 Pa·s is equivalent to 1000 cP.
φ: Porosity, which represents the ratio of pore space to the total volume, is a dimensionless
value ranging from 0 to 1.
Ct: Total compressibility factor, encompassing the compressibility of both the fluid and the
rock matrix, measured in units of reciprocal Pascals (1/Pa).

Medium transmission refers to the mass transfer caused by fluid migration, which
is solely related to rock properties, fluid properties, and displacement pressure gradients.
The calculation formula for medium transmission is:

v =
k
µ
· ∆p

L
(14)

K: Permeability, units: Darcy (Darcy, darcies) or millidarcies (millidarcies, mD).
µ: Dynamic Viscosity, units: Pascal-seconds (Pa·s) or centipoise (centipoise, cP), where
1 Pa·s = 1000 cP.
∆p: Pressure Gradient, units: Pascals (Pa) or bars (bar), where 1 bar ≈ 100,000 Pa.
v: Fluid Flow Velocity, units: meters per second (m/s) or other velocity units.
L: Medium length, meters (m).

Physical simulation experiments on pressure transmission and medium transmission
indicate that the lower the reservoir permeability, the greater the discrepancy between the
pressure transmission velocity and the medium transmission velocity (Figure 3). When the
permeability increases from 5 × 10−3 µm2 to 35 × 10−3 µm2, the pressure transmission
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velocity increases from 70 cm/min to 80 cm/min, a mere increase of 10 cm/min. However,
under a pressure gradient of 0.025 MPa/m, the medium transmission velocity increases
from approximately 20 cm/min to 50 cm/min. At a pressure gradient of 0.015 MPa/m, the
medium transmission velocity rises from around 5 cm/min to 35 cm/min, and under a
pressure gradient of 0.01 MPa/m, it increases from approximately 2 cm/min to 25 cm/min.
Furthermore, the lower the reservoir permeability, the more significant the discrepancy
between the pressure transmission velocity and the medium transmission velocity becomes.

Energies 2024, 17, x FOR PEER REVIEW 9 of 27 
 

 

k: Permeability, with units expressed in Darcies (Darcy, darcies) or millidarcies (mD). 
µ: Dynamic Viscosity, quantified in units of Pascal-seconds (Pa·s) or centipoise (cP), where 
1 Pa·s is equivalent to 1000 cP. 
φ: Porosity, which represents the ratio of pore space to the total volume, is a dimensionless 
value ranging from 0 to 1. 
Ct: Total compressibility factor, encompassing the compressibility of both the fluid and the 
rock matrix, measured in units of reciprocal Pascals (1/Pa). 

Medium transmission refers to the mass transfer caused by fluid migration, which is 
solely related to rock properties, fluid properties, and displacement pressure gradients. The 
calculation formula for medium transmission is: 

v= k p
Lμ

Δ⋅  (14)

K: Permeability, units: Darcy (Darcy, darcies) or millidarcies (millidarcies, mD). 
µ: Dynamic Viscosity, units: Pascal-seconds (Pa·s) or centipoise (centipoise, cP), where 1 Pa·s 
= 1000 cP. 
Δp: Pressure Gradient, units: Pascals (Pa) or bars (bar), where 1 bar ≈ 100,000 Pa. 
v: Fluid Flow Velocity, units: meters per second (m/s) or other velocity units. 
L: Medium length, meters (m). 

Physical simulation experiments on pressure transmission and medium transmission 
indicate that the lower the reservoir permeability, the greater the discrepancy between the 
pressure transmission velocity and the medium transmission velocity (Figure 3). When the 
permeability increases from 5 × 10−3 µm2 to 35 × 10−3 µm2, the pressure transmission velocity 
increases from 70 cm/min to 80 cm/min, a mere increase of 10 cm/min. However, under a 
pressure gradient of 0.025 MPa/m, the medium transmission velocity increases from ap-
proximately 20 cm/min to 50 cm/min. At a pressure gradient of 0.015 MPa/m, the medium 
transmission velocity rises from around 5 cm/min to 35 cm/min, and under a pressure gra-
dient of 0.01 MPa/m, it increases from approximately 2 cm/min to 25 cm/min. Furthermore, 
the lower the reservoir permeability, the more significant the discrepancy between the pres-
sure transmission velocity and the medium transmission velocity becomes. 

 
Figure 3. Variation Curves of Pressure and Fluid Transmission Velocity with Permeability. 

Field practice in pressure-driven oil recovery demonstrates that under conditions of 
high pressure coefficients, the oil pressure drop rates of both oil and water wells are essen-
tially the same, maintaining a relatively constant injection–production pressure differential. 
This is conducive to establishing a continuous and stable pressure profile, resulting in a rel-
atively high initial production, a long natural flow period, and minimal decline. 

Continuous Pressure Transmission Type: After the first phase of pressure-driven water 
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Field practice in pressure-driven oil recovery demonstrates that under conditions of
high pressure coefficients, the oil pressure drop rates of both oil and water wells are essen-
tially the same, maintaining a relatively constant injection–production pressure differential.
This is conducive to establishing a continuous and stable pressure profile, resulting in a
relatively high initial production, a long natural flow period, and minimal decline.

Continuous Pressure Transmission Type: After the first phase of pressure-driven water
injection in D-1, the pressure coefficient reached 1.8, with an initial daily oil production
of 10.4 t/d. The natural flow period has been prolonged (>220 days) and is still ongoing
without any decline. The oil pressure drop rate of the water well is 0.07 MPa/d, while that
of the oil well is 0.1 MPa/d (Figure 4a, Continuous Pressure Transmission Type).
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Figure 4. Variation Curves of Oil Pressure and Daily Oil Production of Oil and Water Wells After
Well Opening in Block D-1-1. (a) Continuous Pressure Transmission Type, (b) Unstable Pressure
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Unstable Pressure Transmission Type: After pressure-driven water injection in Block
E-1, the pressure coefficient reached 1.3, with an initial daily oil production of 7.3 t/d.
However, the natural flow period was short (62 days), followed by a monthly decline rate
of 14.5% after flowback and 15.2% after switching to pumping, indicating a significant
decline. The oil pressure drop rate of the water well was 0.04 MPa/d, while that of the oil
well was 0.2 MPa/d (Figure 4b. Unstable Pressure Transmission Type).
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Numerical simulation studies on fluid–solid coupling in pressure-driven oil reservoirs
have shown that a high pressure coefficient can ensure stable pressure fronts, enhance the
displacement pressure gradient, and facilitate the establishment of a stable and continuous
pressure profile (Figure 5). The numerical simulation of the pressure-driven reservoir
indicates that a high pressure coefficient ensures a stable pressure head, increases the
displacement pressure gradient, and is beneficial for the establishment of a stable and
continuous pressure profile. The advanced pressure drive forms a continuous pressure
profile between the oil and water wells. Moreover, the high-pressure system can achieve
high and stable production with long-term natural flow. Therefore, three regions will form:
(1) In the natural flow zone (blue line), the pressure transmission profile is stable, with
continuous natural flow; (2) In the stable pumping zone (yellow line), the displacement
pressure is stably established, and the pumping maintains certain production capacity;
(3) In the depletion decline zone (green line), near the original reservoir pressure, the
production declines rapidly, with no period of natural flow.
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Based on the above research, it is concluded that a high-pressure system can achieve
long-term high and stable production with continuous natural flow.

3.2. Sequential Pressure Drive Followed by Fracturing Facilitates the Formation of Complex
Redirected Fracture Networks

Physical simulations indicate that high pore pressure reduces the compressive strength
of rocks, making reservoirs more susceptible to fracturing. Higher reservoir pressure
coefficients lead to lower rock fracture pressures, favoring the development of complex
fracture networks. When water injection wells undergo pressure drive prior to fracturing
oil wells, the stress field changes, resulting in the formation of redirected fractures.

A high pressure coefficient can ensure a stable pressure front, enhance the displace-
ment pressure gradient, and help establish a continuous pressure profile. When a water
injection well is pressure driven before fracturing an oil well, it can cause changes in the
stress field. This change may cause the pressure front to become unstable. So, after regular
water injection, sudden pressure changes can lead to an unstable pressure head, which in
turn affects pressure distribution and causes a decrease. In addition, high pore pressure
reduces the compressive strength of rocks, making reservoirs more prone to fracture and
forming complex fracture networks. This further affects the propagation and distribution
of pressure, leading to instability of the pressure front.

Rock mechanics failure experiments on cores from Block E-1-2 under varying pore
pressures reveal that increased pore pressure decreases compressive strength. When the
pore pressure is 10 MPa, the rock fracture strain variation rate is approximately 1.0, with
an axial stress difference of around 100 MPa. At a pore pressure of 30 MPa, the rock
fracture strain variation rate decreases to approximately 0.5, with an axial stress difference
of approximately 25 MPa (Figure 6).
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Fracture strength experiments on cores from Block E-1-2 under varying pressure
coefficients demonstrate that higher pressure coefficients result in lower fracture pressures.
At a pressure coefficient of 1.2, the core fracture pressure is 104.8 MPa; at 1.5, it decreases to
92.9 MPa; and at 1.8, it drops further to 30 MPa (Figure 7).
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In the instance where the lithostatic ratio (LSR) is 1.2, the reduction in the fracturing
pressure of the rock to 30 MPa is attributable to several factors:

(1) Influence of Pore Pressure: The increase in pore pressure leads to a decrement in the
compressive strength of the rock, rendering it more susceptible to fracturing. This is
corroborated by Figure 6, wherein the stress differential curves under varying pore
pressures illustrate a progressive decline in the rock’s load-bearing capacity as pore
pressure intensifies.

(2) Variations in Formation Stress: The alteration of the lithostatic ratio impacts the
effective stress state of the formation. When the formation is under-compacted (with
a lithostatic ratio less than 1), the rock may exhibit higher compressive strength;
conversely, as the lithostatic ratio approaches or exceeds unity, the increment in pore
fluid pressure results in a reduction in the rock’s effective stress, thereby diminishing
its resistance to fracturing.

(3) Support from Physical Simulation Experimentation: The relationship between the
lithostatic ratio and fracturing pressure depicted in Figure 8 further endorses this
perspective. As the lithostatic ratio increases from 1.0 to 1.8, a marked decrease in
the rock’s fracturing pressure is observed, with a significant drop to 72.9 MPa at a
lithostatic ratio of 1.5, and a further decline to 30 MPa when the ratio is 1.2.
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The decrease in fracturing pressure to 30 MPa at a lithostatic ratio of 1.2 is attributed to
the augmentation of pore pressure, which precipitates a decline in the rock’s compressive
strength, concurrently with the pivotal role played by changes in formation stress. These
findings are substantiated by the results of physical simulation experiments and are in
alignment with actual field production scenarios in oil and gas operations.

Numerical simulations of firstly fracturing an oil well followed by pressure drive of
a water well indicate that when an oil well is fractured and put into production while
maintaining a formation pressure coefficient of 1.0, subsequent pressure drive of the water
well tends to induce the formation of long fractures in the oil well that are parallel to the
principal stress direction, creating wings on both sides (Figure 8a. Oil wells are fractured
first, followed by pressure drive for water wells).

Physical experiments involving water well pressure drive preceding oil well fracturing
demonstrate that when the water well undergoes water injection and pressure drive two
months in advance, resulting in a formation pressure coefficient reaching 1.8, subsequent
fracturing of the oil well leads to the formation of complex fractures, with fracture directions
deflecting by approximately 45◦ (Figure 8b. Water wells undergo pressure drive first,
followed by fracturing for oil wells).

Field practice has shown that when fracturing precedes pressure drive, rapid water
breakthrough occurs in some oil wells. Adjusting the sequence of production and injection,
i.e., performing pressure drive before fracturing, can effectively control water breakthrough.

In Block A-1, the water injection well was fractured prior to the pressure-driven
enhancement of the oil well, resulting in rapid water breakthrough in the oil well. In
December 2018, well A-1-1 in this block was fractured with two stages, each having a
half-length of 122 m. In January 2021, generalized pressure-driven water injection was
performed in the water injection well of this block, with a total cumulative water injection
volume of 3.7 × 104 m3. Following the pressure-driven water injection, the water cut in
well A-1-1, aligned with the principal stress direction, increased rapidly, leading to swift
water breakthrough in the oil wells in that same direction (Figure 9).
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Figure 9. Water Cut Variation Curve of Oil Well A-1-1 in the Direction of Principal Stress (Block A).

In Block Bin 435, water wells were initially subjected to pressure-driven injection
prior to fracturing the oil wells, leading to a low water cut and a gradual increase in water
cut for the oil wells. In January 2023, the water wells in this block underwent staged
pressure-driven injection, with a total cumulative water injection volume of 9.6 × 104 m3.
By April 2023, the oil wells were brought into production following staged fracturing,
which included three fracture stages and a half-fracture length of 157 m. After production
commenced, the water cut remained stable, with a slow increase observed (Figure 10).
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In Block B-1, the water injection well underwent pressure-driven treatment prior to
the fracturing of the oil well, resulting in a low water cut and a gradual increase in the oil
well’s water cut. In January 2023, the water injection well in this block experienced staged
pressure-driven water injection, with a total cumulative volume of 9.6 × 104 m3. In April
2023, the oil well was brought into production following staged fracturing, which included
three fracture stages and a half-fracture length of 157 m. After production commenced, the
water cut remained stable and increased slowly (Figure 10).

3.3. Reservoir Physical Properties and Injection Displacement Are the Main Controlling Factors
Affecting the Morphology and Extension Range of Fracture Network

Physical experiments indicate that the rock-breaking mechanisms vary among reser-
voirs with different physical properties. Generally, fractures induced by pressure drive
in low-permeability reservoirs form during the fracture initiation stage, whereas those in
ultra-low-permeability reservoirs occur during the fracture propagation stage after rupture.
The distinct stages lead to differences in the morphology and scale of pressure-driven
fractures in reservoirs with varying physical properties.

Specifically, when the brittleness index is 2.71 and the gas-measured permeability is
16.0 × 10−3 µm2, pressure-driven fractures are generated during the fracture initiation
stage (Figure 11a. Brittleness Index: 2.71 Gas Logging Permeability: 16.0 mD).
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Figure 11. Strain–stress difference curves at permeabilities of 16.0 × 10−3 um2, 3.58 × 10−3 um2,
and 0.871 × 10−3 um2, respectively. (a) Brittleness Index: 2.71 Gas Logging Permeability: 16.0 mD.
(b) Brittleness Index: 59.7 Gas Logging Permeability: 3.58 mD. (c) Brittleness Index: 88.4 Gas Logging
Permeability: 0.871 mD.

When the brittleness index is 59.7 and the gas-measured permeability is 3.58 × 10−3 µm2,
pressure-driven fractures emerge during the fracture propagation stage following rupture
(Figure 11b. Brittleness Index: 59.7 Gas Logging Permeability: 3.58 mD).

With a brittleness index of 88.4 and a gas-measured permeability of 0.871 × 10−3 µm2,
pressure-driven fractures are generated during the fracture propagation stage subsequent
to rupture (Figure 11c. Brittleness Index: 88.4 Gas Logging Permeability: 0.87 mD).

Numerical simulations indicate that higher permeability leads to shorter fracture prop-
agation distances and more uniform fracture patterns, while higher injection rates result
in longer fracture propagation distances and less uniform fracture patterns. Therefore, to
achieve precise control over fracture morphology and propagation distance, it is necessary
to match different injection rates with varying reservoir properties.

The schematic diagram of pressure-driven fracture propagation under different perms,
with an injection rate of 2 × 10−4 m3/s and a cumulative injection volume of 0.1 PV, is
presented as follows:
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When the permeability is 3 × 10−3 µm2, the fracture propagation distance is the
longest, with fractures extending in all directions. In contrast, when the permeability is
50 × 10−3 µm2, the fracture propagation distance is the shortest, resulting in a more uni-
form fracture pattern (Figure 12a. Fracture network formed by pressure drive in reservoirs
with different physical properties).
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With a permeability of 10 × 10−3 µm2 and a cumulative injection volume of 0.1 PV,
the schematic diagram of pressure-driven fracture propagation under different injection
rates is shown below:

When the injection rate is 2 × 10−3 m3/s, the fracture propagation distance is the
longest, with fractures extending in all directions. Conversely, at an injection rate of
5 × 10−5 m3/s, the fracture propagation distance is the shortest, leading to a more uniform
fracture pattern (Figure 12b. Fracture network formed by pressure drive in reservoirs with
different physical properties).

By implementing advanced high-pressure drive with large well spacing in water wells,
we reduced pressure sensitivity and friction, thereby addressing the challenge of inefficient
production in low-abundance beach-bar sand reservoirs. Based on the different physical
properties of oil layers, we innovatively established a three-dimensional pressure drive
approach, optimizing different injection rates to control the propagation morphology of
pressure-driven fractures. This achieved high-pressure fluid loss and fracture network
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creation, resolving the issue of interlayer production differences in ultra-low-permeability
reservoirs. Through differential energy replenishment, response induction, displacement
adjustment, and flooding, we achieved a synergistic and uniform displacement in the
energy field, overcoming the problems of poor sweep efficiency and low recovery rates in
conventional low-permeability reservoirs. The in-depth study of pressure drive mecha-
nisms provides guidance for expanding the technical model of pressure drive development
in low-permeability reservoirs.

4. Research on Production Characteristics of Pressure Drive in Field Operations

Subsequently, we conducted research on the production characteristics of pressure
drive in field operations. Following pressure drive implementation, the daily injection rate
per well increased by more than two times, effectively solving the problem of “injection
difficulty”. The formation pressure maintenance level rose from 69.3% to 95.7%, effectively
restoring formation energy. The fluid production capacity of different types of reservoirs
improved by more than 1.2 times, addressing the challenge of “production difficulty”.

We divided the regions into old and new areas, with the previously studied region
designated as the old area and the newly developed one as the new area. Pressure drive
effectively overcame the “injection difficulty” issue. In the new area, after pressure drive,
the water injection capacity of turbidite rocks increased from 24.6 m3/d to 69.8 m3/d, and
that of beach-bar sands increased from 42.9 m3/d to 67.4 m3/d. The daily water injection
capacity after oil well conversion reached 37.9 m3/d, with a more than two-fold increase
compared to pre-pressure drive levels, and a greater improvement observed in turbidite
rocks than in beach-bar sands (Figure 13).

In the old area, after pressure drive, the water injection capacity of turbidite rocks in-
creased from 11.8 m3/d to 29.9 m3/d, and that of beach-bar sands increased from 7.7 m3/d
to 21.3 m3/d. The daily water injection capacity after oil well conversion reached 20 m3/d,
also with a more than two-fold increase compared to pre-pressure drive levels, and a
greater improvement in turbidite rocks than in beach-bar sands (Figure 13a. Effect diagram
of single-well daily injection increased by more than 2 times compared to before pressure
driving).

Pressure drive effectively restored formation energy, with notable improvements in
pressure maintenance levels across different rock types. Specifically, for turbidite rocks,
the pressure maintenance level increased from 69.1% prior to pressure drive to 100.3%
post-pressure drive. Similarly, in beach-bar sands, the pressure maintenance level rose
from 67.8% before pressure drive to 93.2% after the process. For conglomerates, the
pressure maintenance level improved from 73.5% pre-pressure drive to 88.2% post-pressure
drive. On average, the pressure maintenance level across all rock types increased from
69.3% before pressure drive to 95.7% afterward, with turbidite rocks exhibiting the highest
pressure recovery level, followed by beach-bar sands, and then conglomerates (Figure 13b.
Effect diagram showing a pressure maintenance level of 69.3% before pressure driving and
recovery to 95.7% after pressure driving).

Pressure drive addressed the challenge of “inadequate production”. In the new area,
the daily fluid production of turbidite rocks increased from 6.9 t/d before pressure drive
to a peak of 8.8 t/d afterward, currently stabilizing at 7.6 t/d. For beach-bar sands, daily
fluid production rose from 8.8 t/d pre-pressure drive to a peak of 17.0 t/d post-pressure
drive, currently at 8.5 t/d. In conglomerates, daily fluid production increased from 10.0 t/d
before pressure drive to a peak of 17.1 t/d afterward, currently averaging 13.8 t/d. These
data indicate that turbidite rocks and conglomerates maintained relatively stable fluid
production post-pressure drive, while beach-bar sands experienced a sharper increase
and subsequent decline (Figure 13c. Effect diagram showing liquid production capacity
increased by more than 1.2 times for different types of reservoirs).
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Figure 13. Histogram of Water Injection Capacity after Transition from Pressure-Driven Injection to
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showing a pressure maintenance level of 69.3% before pressure driving and recovery to 95.7% after
pressure driving. (c) Effect diagram showing liquid production capacity increased by more than
1.2 times for different types of reservoirs.
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In the old area, the daily fluid production of turbidite rocks rose from 4.3 t/d before
pressure drive to a peak of 7.0 t/d afterward, currently at 5.7 t/d. For beach-bar sands, daily
fluid production increased from 4.6 t/d pre-pressure drive to a peak of 8.0 t/d post-pressure
drive, currently stabilizing at 4.8 t/d. In conglomerates, daily fluid production rose from
3.0 t/d before pressure drive to a peak of 3.8 t/d afterward, currently averaging 3.5 t/d.
These observations suggest that turbidite rocks and conglomerates in the old area also
maintained good fluid production capacity post-pressure drive, while beach-bar sands once
again demonstrated a steeper increase followed by a quicker decline (Figure 13c. Effect
diagram showing liquid production capacity increased by more than 1.2 times for different
types of reservoirs).

5. Identify the Main Controlling Factors of Pressure-Driven Technology

In view of the differences in the effects of pressure drive, retrospective evaluations of
the main controlling factors of pressure drive in new and old areas are conducted using big
data analysis methods such as SHAP analysis and correlation analysis.

The SHAP values for the influencing factors on the effectiveness of pressure drive in
the new area are as follows: water injection volume during pressure drive has a SHAP
value of 1.1, injection–production well spacing has a SHAP value of 1.08, injection rate has a
SHAP value of 0.9, original formation pressure has a SHAP value of 0.66, permeability has a
SHAP value of 0.55, reservoir thickness has a SHAP value of 0.3, mid-depth of the reservoir
has a SHAP value of 0.22, porosity has a SHAP value of 0.2, and crude oil viscosity has a
SHAP value of 0.04 (Figure 14a. SHAP Values for Factors Influencing the Effectiveness of
the New Area).

Factors Influencing Cumulative Oil Increment in the New Area and Their Correlation
Coefficients:

The correlation coefficients for factors influencing cumulative oil increment in the new
area are: water injection volume during pressure drive (0.45), injection–production well
spacing (0.43), injection rate (0.40), original formation pressure (0.18), permeability (0.31),
reservoir thickness (0.15), mid-depth of the reservoir (0.02), porosity (0.01), and crude oil
viscosity (0.02) (Figure 14b Correlation Coefficients of Factors Influencing Cumulative Oil
Increment in the New Area).

According to the SHAP values of the influencing factors of the effectiveness status in
the new area and the correlation coefficient values of the influencing factors of cumulative
oil increase in the new area, the impact values of the main controlling factors of pressure-
driven technology in the new area, from largest to smallest, are: pressure-driven water
injection volume > injection–production well spacing > injection rate.

SHAP Values for Factors Influencing Effectiveness in the Old Area:
The SHAP values for factors influencing the effectiveness of pressure drive in the

old area are: depletion level (1.1), water injection volume during pressure drive (0.9),
injection–production well spacing (0.72), injection rate (0.65), permeability (0.36), depleted
volume (0.3), water cut before pressure drive (0.28), cumulative injection before pressure
drive (0.25), original formation pressure (0.25), mid-depth of the reservoir (0.24), reservoir
thickness (0.18), porosity (0.18), and crude oil viscosity (0.11) (Figure 14c. SHAP Values for
Factors Influencing the Effectiveness of the Mature Area).

Correlation Coefficients for Cumulative Oil Increment in the Old Area:
The correlation coefficients for factors influencing cumulative oil increment in the

old area are: depletion level (0.61), water injection volume during pressure drive (0.53),
injection–production well spacing (0.50), injection rate (0.33), permeability (0.33), reservoir
thickness (0.28), depleted volume (0.25), water cut before pressure drive (0.13), cumulative
injection before pressure drive (0.14), original formation pressure (0.13), mid-depth of the
reservoir (0.12), porosity (0.08), and crude oil (0.01) (Figure 14d. Correlation Coefficients of
Factors Influencing Cumulative Oil Increment in the Mature Area Contributions).
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New area: pressure-driven water injection volume > injection–production well spacing > injection
rate; Old area: degree of depletion > pressure-driven water injection volume > injection–production
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Based on the SHAP values of the influencing factors of the effectiveness status in
the old area and the correlation coefficient values of the influencing factors of cumulative
oil increase in the old area, the impact values of the main controlling factors of pressure-
driven technology in the old area, from largest to smallest, are: degree of depletion >
pressure-driven water injection volume > injection–production well spacing.

Oil wells with large depletions are more prone to water breakthrough, and the pressure-
driven design in old fields should pay more attention to the imbalance of pressure and flow
field caused by historical exploitation. Taking the well group C-1-1 as an example, well
C-1-2 in this group has a depletion of 12.1%, well C-1-3 has a depletion of 15.4%, well C-1-4
has a depletion of 7.1%, and well C-1-5 has a depletion of 10.1% (Figure 15). According to
the monitoring of the water injection front of well C-1-1, water breakthrough occurred in
well C-1-3, which has a larger depletion.
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Figure 16 illustrates the changes in the water injection front for Well Group C-1-1 at
different time periods, specifically on 24 May 2023, 1 June 2023, and 12 June 2023. As shown
in (Figure 16a), the water injection front change on 24 May 2023; in (Figure 16b), the water
injection front change on 1 June 2023; and in (Figure 16c), the water injection front change
on 12 June 2023.
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6. Prediction Model for Pressure Drive Effectiveness

A predictive model for pressure drive productivity, both non-time series- and time
series-based, has been established utilizing data-driven approaches specific to pressure
drive operations. This model aims to forecast the effectiveness of pressure drive measures
by leveraging historical and real-time data pertaining to the process.

Flowchart for Establishing and Validating a Pressure-Driven Production Prediction
Model with Non-Time-Series Data Sample Libraries, Including Data Preprocessing (Stan-
dardization), Selection of Appropriate Regression Algorithms (Figure 17).
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Figure 17. Flowchart of a Non-Temporal Pressure-Driven Production Prediction Model Based on
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In a neural network [41], multiple neurons can be combined to form a layer, and the
stacking of these layers creates the network structure. We employ a Multi-Layer Perceptron
(MLP).

z(l) = f (W(l)a(l−1) + b(l)) (15)

where:

z(l) represents the activation output of the l $-th layer.
W(l) denotes the weight matrix associated with the l $-th layer.
a(l) is the activation output of the l-1 layer, which also serves as the input to the l layer.
b(l) is the bias vector for the l layer.

Non-time-series pressure-driven production capacity prediction model based on ma-
chine learning (neural network regression algorithm), with the neural network fitting
diagram for the three months following pressure drive shown above (Figure 18).
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Time Series Production Forecast Model Based on Deep Learning:
Based on the established pressure-driven production capacity prediction model, a

regression plot for the daily oil production over three months was obtained, as shown
in the above figure (Figure 19). A time series production forecast model employing a
sequence-to-sequence (seq-seq) deep learning architecture has been developed. This model
comprehensively considers not only the temporal influence of production dynamics on
output but also the spatial impact of static geological parameters. The flowchart illustrat-
ing the model’s framework is presented below (Figure 20). Results from both training
and testing phases (Figure 21) demonstrate that the proposed deep learning-based time
series production forecast model achieves high accuracy, underscoring its effectiveness in
predicting production outcomes.
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Time series models for addressing pressure-driven problems can take various forms.
We base our approach on the linear autoregressive model (AR) and incorporate pressure
as an exogenous input variable. Let Pt denote the pressure at time t, and Xt represent the
target variable at time t (e.g., flow rate, head height, etc.) The pressure-driven time series
model can be expressed as:

Xt= c+
p

∑
i=1

ϕiXt−i + θPt + εt (16)

where:

c is the constant term.
ϕi is the coefficient of the autoregressive term, indicating the influence of past values of the
target variable on the current value.
p is the order of the autoregressive model.
θ is the coefficient of the pressure term, representing the impact of pressure on the target
variable.
Pt is the pressure at the current time.
εt is the error term, assumed to be a white noise process with a mean of zero.

This model assumes that the target variable Xt is influenced by its own past values as
well as the current pressure Pt. Such a model can be utilized to predict future values of the
target variable (including production) given current and past pressure data.

7. Conclusions

This study delves into the exploitation mechanism of pressure drive by establishing
mathematical models for oil-water seepage in tight oil reservoirs, a model of fracture per-
meability, and a prediction model for the pressure drive effect, elucidating the underlying
mechanisms of pressure drive technology in enhancing oil recovery (EOR).

(1) An innovative approach to complex fracture networks was developed by investigat-
ing the strategy of pressure drive prior to fracturing, revealing that establishing a
stable and continuous pressure profile with a high pressure coefficient is crucial for
achieving long-term stable production, and also facilitates the formation of complex
and branched fracture networks.

(2) Based on the varying physical properties of reservoirs, we innovatively developed
a three-dimensional pressure drive method, optimizing different injection rates to
control the propagation patterns of pressure-driven fractures, ultimately leading to
high-pressure leak-off and the creation of complex fracture networks.

(3) The analysis identifies reservoir physical properties and injection displacement as
the main controlling factors affecting the morphology and extension range of the
fracture network.

(4) We conducted field-scale studies on the production characteristics of pressure drive
operations, utilizing big data analytic tools such as SHAP analysis and correlation
analysis to retrospectively evaluate the primary controlling factors of pressure drive
in both new and established fields.

Compared to previous research on oil recovery solutions, the pressure drive method
investigated in this study yields more pronounced results. Looking forward, we aim to
explore deeper issues, expand our sample range, and experiment with different approaches
to further advance our understanding and application of this technology.

Author Contributions: Conceptualization, H.L.; Methodology, B.J.; Validation, B.J.; Formal analysis,
H.L.; Investigation, B.J.; Resources, B.J.; Writing—original draft, H.L. All authors have read and
agreed to the published version of the manuscript.
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