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Abstract: Strong overpressure conditions are widely distributed in the deep Longmaxi Formation
(Fm) shale reservoirs in the Southern Sichuan Basin, with pressure coefficients ranging from 1.75
to 2.45. Overpressure plays a positive role in the high yield of shale gas, but a detailed study of
its generation mechanism, evolution history, and potential impact on pore development is still
lacking. This study’s evidence from theoretical analysis and the logging response method indicates
that hydrocarbon generation expansion is the main generation mechanism for strong overpressure.
Through the combined analysis of basin modeling, inclusions analysis, and numerical simulation,
pressure evolution at different stages is quantitatively characterized. The results show that, during
the shale’s long-term subsidence process, the shale reservoir’s pressure coefficient increased to 1.40
because of oil generated by kerogen pyrolysis. Then it increased to 1.92 due to gas generated by
residual oil cracking. During the late strong uplift process of the shale, temperature decrease, gas
escape, and stratum denudation caused the pressure coefficient to first decrease to 1.84 and then
increased to 2.04. Comparing pore characteristics under different pressure coefficients indicates that
higher pressure coefficients within shale reservoirs contribute to the maintenance of total porosity
and the development of organic macropores, but the influence on the morphology of organic pores
is negligible. These results will provide the scientific basis for optimizing sweet spots and guiding
shale gas exploration in the study area.

Keywords: generation mechanism; overpressure evolution; numerical simulation; Longmaxi
Formation shale

1. Introduction

Abnormal pressures are wildly developed in sedimentary basins, and more than
180 basins with abnormal pressures have been identified worldwide, the vast majority
of which are overpressured basins [1–4]. Overpressure, referring to the fluid pressure
significantly higher than a hydrostatic pressure at a given depth, dominates in deeply
buried strata [5]. A comprehensive understanding of the generation mechanism and
evolution process of overpressure is becoming increasingly important for the research on
petroleum geology and the drilling engineering deployment because of its profound impact
on the generation, migration, accumulation of oil and gas, and drilling safety [6–12]. For
example, differences in overpressure evolution characteristics (formation time, pressure
intensity, and duration time) in Yinggehai Basin and Qiongdongnan Basin, China, are
proven to have different degrees of delay effect on the mature and hydrocarbon generation
of organic matter [6]. It is suggested that the overpressure related to disequilibrium
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compaction protects the reservoir quality of the Mexico Gulf basin [7]. The overpressure
caused by disequilibrium compaction and hydrocarbon generation expansion in the Bohai
Bay basin in China is considered to promote the migration of the oil generated in the Es3u
downward to the Es4 reservoirs and improve the efficiency of oil accumulation [12].

With detailed research on shale reservoir characteristics and shale gas enrichment
patterns under the different structural settings and sedimentary environments, as well as
the application of horizontal well and hydraulic fracturing technology, great progress in
China’s shale gas exploration has been made in the Silurian Longmaxi Formation (Fm)
shale in Sichuan Basin [13–15]. Early exploration focused on shallow formations with burial
depths less than 3500 m in the Southeastern Sichuan Basin, where both normal pressure
(pressure coefficient < 1.2) and overpressure (1.2 < pressure coefficient < 1.6) exist in shale
reservoirs. However, the shale reservoir with economic value is mainly under overpressure
conditions. Numerous research has been undertaken on the overpressure characteristics
and their impact on shale reservoirs. This suggests that the overpressure was related to gas
generated from the retention oil thermal cracking and evolved into normal pressure in some
areas due to the late tectonic activity [11,16–18]. The existence of overpressure is proven to
be in favor of enrichment and high production of shale gas because overpressured shale
reservoirs are generally characterized by better reservoir conditions (porosity and pore
structure) compared with normally pressured shale reservoirs [19,20].

In recent years, shale gas exploration in the Longmaxi Fm has gradually advanced to
deep formations with burial depths ranging from 3500–4500 m in the Southern Sichuan
Basin. Exploration. Practice shows that different degrees of overpressure (pressure coeffi-
cient > 1.6) exist in deep shale reservoirs, but gas yield between wells varies greatly. The
correlation between pressure and gas yield is not linear and clear. The published research
attributed it to the differences in hydrocarbon generation conditions and preservation
conditions between shale at shallow and deep buried settings, but the potential impact
of different overpressure conditions has not been paid attention to [21]. In addition, the
understanding of the generation mechanism and evolution process of overpressure in
deep shale reservoirs is still inadequate and controversial due to the analysis method.
For example, based on the geological background analysis only, overpressure generation
is attributed to disequilibrium compaction, tectonic activity, or hydrocarbon generation
expansion [22–24]. According to the paleo-pressure value obtained by inclusion analysis,
some researchers suggested that the pressure coefficient decreased in the uplift stage [25,26].
In contrast, by using basin modeling, other researchers believed that the pressure coef-
ficient increased continuously or remained stable in the uplift stage [27,28]. Additional
detailed studies are required to characterize overpressure characteristics and determine
their potential impacts on shale reservoirs. The objectives of this study are (i) to identify the
main generation mechanism of overpressure by applying multiple methods; (ii) to achieve
the whole process characterization of paleo-pressure evolution by using basin modeling,
numerical simulation, and paleo-pressure reconstruction, and (iii) to clarify the effects of
different strong overpressure conditions on pore development. These results will provide
the scientific basis for optimizing sweet spots and guiding shale gas exploration in the
study area.

2. Geological Background

The Sichuan Basin is a Palaeozoic oil- and gas-bearing superimposed basin developed
on the upper Yangtze Craton, covering an area of more than 18 × 104 km2 (Figure 1).
The basin in the north is connected with Micang Mountain and Daba Mountain, and the
southern part is situated adjacent to Daxiangling Mountain. The western part connects to
Longmen Mountain, whereas the eastern part is bounded by the Hubei-Hunane-Guizhou
fold belt. Divided by the Huayingshan and Longquanshan anticlines, the basin is divided
into six secondary tectonic units (including the north, east, south, southwest, west, and
central zones).
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zoic to the Quaternary. The Early Palaeozoic to Triassic cratonic depression deposits con-
sist of marine carbonates, and that of the Late Triassic to Eocene foreland basin mainly 
consists of continental clastic rocks. During the Early Silurian, the south zone of the Si-
chuan Basin was in a shallow to deep water continental shelf environment, forming a set 
of thick shale (Longmaxi Fm shale) with a thickness of approximately 300 m. According 
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(Mbr 12) and lower (Mbr 11) two sub-members. 

The deep shales studied in this paper come from the Luzhou, Yongchuan, and Dazu 
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Figure 1. (a) Structure division of Sichuan Basin and the location of the study area; (b) geological
map of the southern Sichuan Basin, showing the present-day burial depth of the Silurian Longmaxi
Fm shale and the locations of sampling and data wells; (c) stratigraphic column of the Lower Silurian
Fm of Well H-2 in the study area.

Two tectonic stages are responsible for the evolution of the Sichuan Basin: the Early
Palaeozoic to Triassic cratonic depression stage and the Late Triassic to Eocene foreland
basin stage. The present tectonic pattern was formed under the control of a series of tectonic
movements, including Caledonian (late Sinian-Silurian), Hercynian (Devonian-Permian),
Indosinian (Triassic), Yanshanian (Jurassic-Late Cretaceous), and Himalayan (Paleogene-
Quaternary). The Sichuan Basin is covered by the strata from the Neoproterozoic to
the Quaternary. The Early Palaeozoic to Triassic cratonic depression deposits consist of
marine carbonates, and that of the Late Triassic to Eocene foreland basin mainly consists
of continental clastic rocks. During the Early Silurian, the south zone of the Sichuan
Basin was in a shallow to deep water continental shelf environment, forming a set of
thick shale (Longmaxi Fm shale) with a thickness of approximately 300 m. According to
cycle characteristics, the Longmaxi Fm shale can be divided into the upper (Member 2
(Mbr 2)) and lower (Mbr 1) two members. From the bottom up, the lithology of the Mbr 1
of Longmaxi Fm shale changes from black organic-rich siliceous shale to grey organic-poor
silty shale and calcareous siltstone (Figure 1). Based on cycle characteristics and lithologic
changes, the Mbr 1 of Longmaxi Fm shale can be further divided into the upper (Mbr 12)
and lower (Mbr 11) two sub-members.

The deep shales studied in this paper come from the Luzhou, Yongchuan, and Dazu
areas in the southern Sichuan Basin (Figure 1). The burial depth of the Longmaxi Fm shale
in the Southern Sichuan Basin is mainly influenced by regional tectonic activity. Unlike the
shale in Changning and Weiyuan areas which have experienced late strong uplift and are
now buried at a shallow depth of 2000–3500 m, the study area has experienced relatively
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little uplift, so the shales are buried at a deep depth of 3500–4500 m. The study area,
especially the Luzhou area, is in the depositional center of the deep-water shelf during the
Early Silurian, and the thickness of shales exceeds 400 m. The TOC content of shale ranges
from 0.4–18.4%, with an average value of 2.5%, and the high TOC section is concentrated
in the Mbr 11 of Longmaxi Fm [29]. The thermal evolution of the shale has reached a
highly over-maturity stage, with the average equivalent vitrinite reflectance over 2.4% [30].
The development degree of large faults and the intensity of tectonic activity in the study
area are both relatively lower, and the overpressure is widely distributed, making it a
tectonically stable area suitable for shale gas enrichment and accumulation. Overall, the
deep Longmaxi Fm shale gas reservoir in the study area has both excellent hydrocarbon
generation and preservation conditions. Therefore, a key area and a major target layer for
future shale gas exploration in the Sichuan Basin.

3. Samples and Analytical Methods
3.1. Overpressure Analysis Method

In this study, the measured pressure data of over 26 horizontal wells were collected
from the PetroChina Research Institute of Petroleum Exploration & Development-Langfang
to investigate the characteristics of overpressure. Well-log data, including sonic, resistivity,
and density, from four typical Wells (L-2, H-2, Z-1, and Z-2) in the study area were selected
to analyze the overpressure distribution and identify its generation mechanism. The
logging analysis methods used include the logging curve combination method and the
density vs. vertical effective stress plots method. The effective vertical stress (MPa) in shale
is determined by subtracting the pore pressure calculated by the Eton (1972) method from
the pore fluid pressure obtained by density logging [31].

3.2. Basin Modeling Method

This study used one-dimensional basin modeling in PetroMod® 2016 Software to
reconstruct the burial, thermal, and maturity evolving histories of representative Well H-2.
In the burial history modeling, the parameters to be input include the burial depth of
the top and bottom boundary, lithology and absolute age of each stratum, and the start
and end time and denudation thickness corresponding to the denudation event. These
data were acquired by drilling and seismic data, as well as published research results.
Relevant research pointed out the erosion thickness of the middle Silurian to early Per-
mian, the late Permian, the late Triassic, and the late Cretaceous to nowadays in the study
area are 300 m, 200 m, 400 m, and 2800 m, respectively [30,32]. The thermal and ma-
turity evolution histories modeling was achieved by EASY% Ro [33]. The parameters
that need to be determined include present-day heat flow and paleo-heat flows, the latter
of which is acquired according to published research results. The results show that the
heat flow value in the study area was at a relatively low stage (46~54 mW/m2) in the
early Paleozoic, reached the peak (60~80 mW/m2) at about 259 Ma, gradually declined
during the late Permian to the late Triassic, and then maintained a nearly stable heat
flow (average 53 mW/m2) to the present day [30,34,35]. The present-day heat flow calcu-
lated by the geothermal gradient and thermal conductivity of rock was provided by the
PetroChina Research Institute of Petroleum Exploration & Development-Langfang, which is
53.8 mW/m2. Finally, the measured equivalent vitrinite reflectance (Reqv) was used to
calibrate the modeling results.

3.3. Fluid Inclusions Analysis Method

To obtain information on trapping temperature and trapping pressure, one typical
fibrous calcite vein in the core from the Mbr 11 of Longmaxi shale with burial depths of
4028.5 m was collected from Well H-2 for systematic fluid inclusion analysis (petrographic
observation, Raman spectral analysis, and micro-thermometric analysis) and calculation.
Firstly, the core sample was prepared as thick, doubly polished sections approximately
100 µm in thickness. Secondly, a NIKON-LV100 microscope equipped with transmission
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white light and incident ultraviolet light (UV) source was used to observe the types and
morphological characteristics of fluid inclusions. Thirdly, some single-phase methane
inclusions were selected for laser Raman analysis to determine the Raman band shift (Vd)
of host minerals and fluid composition, which was conducted using a JY/Horiba LabRAM
HR800 Raman system equipped with a frequency-doubled Nd: YAG laser (532.06 nm). The
Vd of methane was taken into the formula fitted according to the experimental results [36]
to calculate its density. The formula is as follows:

D = Vd − V0 = 211.3ρ4 − 73.238ρ3 + 24.477ρ2 − 29.0632ρ

where ρ represents the density of methane inclusions (g/cm3) and D (cm−1) is the difference
between the measured peak position of methane in inclusion (Vd) and the known peak
position of methane near zero pressure (V0). The lab reference shift V0 for our laboratory
is 2917.52 cm−1.

Then, some two-phase aqueous inclusions that coexisted with methane inclusions
were selected for micro-thermometric analysis to obtain the homogenization temperature
(Th) and determine the trapping temperature, which was conducted on a calibrated Linkam
THM600 heating−freezing stage with a heating rate of 5 ◦C/min. Finally, the equation of
state for the supercritical methane system established by Duan et al. (1992) was used to
calculate trapping pressure [37]. Only high-density and high-purity methane inclusions
were selected for calculation. The equation is as follows:

Z = PV
RT = PrVr

Tr
= 1 + B

Vr
+ C

V2
r
+ D

V4
r
+ E

V5
r
+ F

V2
r

(
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V2
r
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e
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r

)
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r
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T
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; Vr =
V
Vc

= MPc
ρRTc

;

where Z is the compression factor; P is the pressure (bar); T is the temperature (K), V is the
molar volume (dm3/mol) calculated by molar mass and the density of methane inclusions;
R is the gas constant (0.08314467 bar·dm3·K−1·mol−1); Pr and Tr are the relative pressure
and temperature, respectively; Pc and Tc are the critical pressure (46 bar) and temperature
(190.4 K), respectively.

3.4. Pore Characteristics Analysis Method

To determine the control effect of different strong overpressure conditions on pore
development, a comparative study of three overpressured shale reservoirs (Well L-02 with
a pressure coefficient of 2.24, Well H-2 with a pressure coefficient of 2.04, and Well Z-2 with
a pressure coefficient of 1.86) was conducted. The relative position of the three wells can be
seen in Figure 1. A total of 22 core samples from the Mbr 11 of Longmaxi Fm shale of three
typical wells were selected for analytical testing. The samples came from a 3850–4320 m
depth interval, and the lithology is black shale. The mineral composition was quantitatively
analyzed by using Bruker D8-AdvanceX-ray diffractometer. Before the test, the shale
samples were crushed into powders with a grain size of <150 µm. All tests were carried
out under the SY/T 5163–2010 standard. The total organic carbon (TOC) content was
measured by a Leco CS230 carbon/sulfur Analyzer based on the Chinese national standard
GB/T 19145-2003. Before analyzing, all samples were crushed into less than 100 mesh and
pretreated with hydrochloric acid for 48 h to remove the inorganic carbon. Total porosity
measurements were carried out with Ultrapore-300 using a helium expansion method.
Several samples with similar material composition were argon-ion-milled with Gatan
600 DuoMill using a custom-designed sample holder and then observed and analyzed using
Focused ion beam-Scanning Electron Microscopy (FIB-SEM, Quanta 200F) in low vacuum
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mode at the PetroChina Research Institute of Petroleum Exploration & Development.
Considering the heterogeneity of shales, 60 evenly spaced pictures were taken within
the sample to document the morphology and organic pores. All the experiments were
performed at a humidity and temperature of 35% and 25 ◦C, respectively. SEM image
analysis was implemented on Avizo® 2019 Software. By adjusting the threshold of images,
organic pores were extracted to further carry out the pore shape coefficient and pore size
distribution analysis. The pores’ shape coefficient is calculated according to the following
equation: 4*PI*A/P2 where PI is Π; A is the area of the region, and P is the perimeter of
the region.

4. Results
4.1. Well-Log Response Characteristics of Overpressure

The pressure coefficient (the ratio of actual fluid pressure to normal hydrostatic pres-
sure at the same depth) is applied to quantify the intensity of fluid pressure in this study.
The pressure coefficient between 1.2 and 1.8 is regarded as overpressure, and a value greater
than 1.8 is regarded as strong overpressure. The plots of pressure coefficients and fluid
pressures versus depths are presented in Figure 2. It can be seen that the fluid pressures
of the Mbr 11 of Longmaxi Fm shale are higher than hydrostatic pressures with pressure
coefficients ranging from 1.79–2.42, indicating strong overpressure is wildly developed in
the study area. Secondly, significant variation in pressure coefficient can be observed even
at a similar burial depth, indicating that the evolution of fluid pressure is complex and
different among different gas reservoirs.
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Figure 2. Plots of measured pressure and corresponding pressure coefficient versus depth in the
study area show strong overpressure development in deep shale reservoirs.

For shale with normal pressure, an enhanced compaction effect with increasing depth
will cause acoustic travel time to decrease and density to increase. In contrast, the exis-
tence of overpressure will weaken the compaction effect and cause the logging response
characteristics to deviate from the normal compaction trend. Therefore, shale overpressure
is commonly identified based on wireline logging methods and confirmed by measured
pore pressure data where available. In addition, combining sonic, density, and resistivity
logging is necessary to identify overpressure development because the abnormal trend of
single logging response may be affected by other factors. In this study, one representative
Well, H-2, with a pressure coefficient of 2.04, is investigated for its well-logging responses
to overpressures in the Longmaxi Fm shales to gain insights into the fluid pressure distribu-
tion and the mechanism of overpressure generation. The profiles of sonic, resistivity, and
density data, as well as measured fluid pressure data, are shown in Figure 3. It can be seen
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that the sonic log data of the Mbr 11 of Longmaxi Fm shales display obvious responses to
strong overpressure, which have longer acoustic travel time than the normally pressured
shales for the corresponding depth. The density log data of the shale with anomalously
high acoustic travel time also respond to the strong pressure, which shows an abnormal
decreasing trend. The resistivity log data indicate that overpressured shales show abnor-
mally increased trends compared with normally pressured shales identified by the sonic
and density log responses. Based on the sonic, density, and resistivity log response and
measured pressure data, the top of the strong overpressure in this well can be placed
at 4015 m.
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4.2. Burial and Thermal Histories Modeling

Basin modeling results are presented in Figure 4. It can be seen the burial history
of Longmaxi Fm shale in the study area can be divided into two stages: (1) long-term
subsidence stage (444–65 Ma), during which shale experienced two rapid subsidence
(444–432 Ma and 260–240 Ma), two slow subsidence (298–264 Ma and 227–65 Ma) and three
weak uplifts (432–298 Ma, 264–260 Ma, and 240–227 Ma). By the end of 65 Ma, the shale
depth reached 6800 m; (2) late strong uplift stage (65–0 Ma), during which shale experienced
a continuous strong uplift and denudation and reached the current burial depth of about
4100 m (Figure 4a). Sedimentation rate modeling indicates that the study area has relatively
lower sedimentation rates (less than 100 m/Ma) during the slow subsidence periods and
reached more than 354 m/Ma and 135 m/Ma in the late Silurian and Early Triassic rapid
subsidence periods, respectively (Figure 4b).
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The thermal and maturity evolution history of the Longmaxi Fm shale in the study area
can also be divided into two stages, corresponding to the burial history: (1) temperature
increasing stage (444–65 Ma), the formation temperature increased from 25 ◦C to 211 ◦C,
and the maturity of organic matter increased from 0.2% to 2.7%. It can be subdivided into
five stages according to the difference in the maturity of organic matter: immature stage
(444~280 Ma), low-mature stage (280~246 Ma), mature stage (246~195 Ma), high-mature
state (195~117 Ma), and over-mature state (117~65 Ma); (2) cooling stage (65–0 Ma), the
formation temperature decreased from 211 ◦C to 129 ◦C, and the thermal maturity process
tended to stop. The good agreements between modeled and measured Ro values indicate
the appropriateness of related parameters and modeling results (Figure 4).

4.3. Fluid Inclusion Analysis
4.3.1. Petrographic Observations

At room temperature, fluid inclusion assemblages observed in fibrous calcite veins
consist of single-phase methane inclusions and two-phase aqueous inclusions (Figure 5).
The methane inclusions occurred a lot in veins and were predominantly quadrangle and
sub-rounded with diameters ranging from 3–20 µm, appearing either in groups or isolated.
Most of the methane inclusions were bright in the middle and grayish-black at the edge
and had relatively low transparency, whereas a few inclusions were almost completely
opaque (Figure 5a,b). The two-phase aqueous inclusions were elongated quadrangle,
rhombic, and irregular shapes with long axis ranging from 3–10 µm and were generally
alongside methane inclusions (Figure 5c,d). This phase coexistence in the same fluid
inclusion assemblage indicates that fluid inclusions were trapped during a two-phase
immiscible field, and the aqueous inclusions were methane saturated. Therefore, the
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measured homogenization temperatures of the aqueous inclusions represent the trapping
temperatures of inclusion.
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Figure 5. Occurrences and morphologies of representative methane inclusions (a,b) and aqueous
inclusions (c,d) in fibrous calcite veins within the Mbr 11 of Longmaxi Fm shale of well H-2, Southern
Sichuan Basin.

4.3.2. Raman Spectroscopy Analysis

After petrographic observation, several single-phase methane inclusions with rela-
tively regular morphology and complete preservation were selected to check components
and calculate density by Raman spectroscopy analysis. In the Raman spectra, only high-
intensity peaks of methane and host mineral calcite can be observed, indicating the high
purity of the methane inclusions (Figure 6). The trapping pressure calculation of fluid
inclusions is greatly influenced by fluid components. The calculation of single-component
inclusions is relatively accurate, whereas that of multi-component inclusions would not
be precise due to the difficult estimation of the concentration of each component [38].
The methane inclusions found in this study were confirmed to be of high purity, provid-
ing favorable conditions for accurate calculation. The measured Raman band shift (Vd)
of the methane inclusions is 2911.28 cm−1. Taking the Vd into empirical formulae, the
corresponding inclusion density is calculated to be 0.2640 g/cm3, which indicates that
it belongs to supercritical high-density methane inclusions and is suitable for capture
pressure calculation.
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Figure 6. Laser Raman spectra of the methane inclusions in fibrous calcite vein within the Mbr 11 of
Longmaxi Fm shale of Well H-2, Southern Sichuan Basin. The Raman scattering peaks representing
the host mineral calcite are 156 cm−1, 283 cm−1, 713 cm−1, and 1086 cm−1.

4.3.3. Microthermometry and Trapping Pressure Calculation

Before trapping pressure calculations, the capture temperature of methane inclusion
needs to be determined. Previous research suggested that the lowest homogenization tem-
perature of two-phase aqueous inclusions coexisted with methane inclusions in immiscible
fluid inclusions was the trapping temperature [16,39]. Therefore, this study selected two-
phase aqueous inclusions that coexisted with methane inclusions for micro-thermometric
analysis, and the homogenization temperatures’ results are presented in Figure 7. It can
be seen that homogeneous temperature distribution is unimodal, varying from 165 ◦C to
189 ◦C. Taking the density of methane inclusions analyzed by Raman spectroscopy and
the measured minimum homogenization temperature of aqueous inclusions into the equa-
tion of state, the calculated trapping pressure and corresponding pressure coefficient are
95.21 MPa and 1.84, respectively (Table 1).
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Table 1. Analysis and calculation results of representative methane inclusions in fibrous calcite vein
from Well H-2 in the Southern Sichuan Basin.

Sample Depth (m) Host
Mineral

Measure
Point Vd (cm−1) Density

(g/cm3) Th TP (MPa) Pc

H-2 4028.5 calcite
1 2911.28 0.264 165 95.21 1.84
2 2911.28 0.264 165 95.21 1.84

Note: Vd is the Raman band shift; Th is the minimum homogenization temperature; TP and Pc are the trapping
pressure and pressure coefficient.

4.4. Shale Reservoir Characteristics
4.4.1. TOC Content and Mineral Composition

Table 2 shows that overpressured shale samples from three related wells have similar
TOC contents and mineral composition. The TOC contents of samples from Well L-2, Well
H-2, and Well Z-2 range from 1.78–5.79 %, 2.03–5.88%, and 1.53–5.10%, with average values
of 3.20%, 3.39%, and 2.94%, respectively. The TOC contents increase with the increase
of buried depth and exhibit a negative correlation with the density logging response
(Figure 8). The mineral compositions are dominated by siliceous minerals (including quartz
and feldspar), ranging from 55.5–73.3%, 40.7–85.4%, and 42.7–72.7%, with average values
of 63.1%, 63.0%, and 56.2%, respectively. This is followed by clay minerals, ranging from
16.4–32.8%, 9.9–43.3%, and 21.3–32.2%, with average contents of 25.9%, 27.5%, and 26.3%,
respectively. The content of carbonate minerals (including calcite and dolomite) is the
lowest, ranging from 16.4–32.8%, 9.9–43.3%, and 21.3–32.2%, with average values of 25.9%,
27.5%, and 26.3%, respectively. Their lithofacies belong to siliceous shale and mixed shale.

Table 2. Total organic carbon content, mineral composition, and total porosity data of three represen-
tative Mbr 11 of Longmaxi Fm shale reservoirs located in the Southern Sichuan Basin.

Well Name Depth
(m)

TOC
Content (%)

Siliceous
Mineral

Content (%)

Carbonate
Mineral

Content (%)

Clay
Mineral

Content (%)

Porosity
(%)

L-2

4273 3.06 61.5 16.0 22.5 6.82
4278 2.78 73.2 7.2 19.6 5.77
4282 2.75 62.4 7.0 30.6 7.03
4288 1.78 57.0 10.6 32.4 4.67
4297 1.86 63.8 6.2 30.0 4.54
4301 2.11 58.5 13.0 28.5 5.99
4306 2.53 55.5 11.7 32.8 5.74
4312 4.14 66.1 13.5 20.4 5.15
4314 5.79 70.4 13.2 16.4 5.34
4320 5.15 62.4 11.4 26.3 4.61

H-2

4044 2.05 40.7 16.0 43.3 5.25
4052 2.14 58.7 9.6 31.7 3.99
4054 2.72 55.9 7.2 36.9 4.20
4058 2.03 55.6 10.6 33.8 2.95
4063 2.80 60.9 8.3 30.8 4.63
4066 3.47 72.9 3.2 23.9 4.25
4070 3.97 64.4 8.2 27.4 3.79
4073 3.78 74.1 5.0 20.8 4.57
4076 5.02 85.4 4.6 9.9 4.32
4079 5.88 61.4 22.6 16.0 4.81

Z–2

3863 1.73 43.1 16.3 40.6 1.92
3868 1.82 47.3 17.1 35.6 4.12
3871 1.53 52.4 15.4 32.2 2.91
3878 3.37 40.7 34.7 24.6 3.31
3884 2.46 51.6 17.0 31.4 2.94
3889 2.62 59.6 16.5 23.8 2.45
3893 4.91 60.3 15.0 24.7 2.75
3897 5.10 72.7 6.0 21.3 3.71
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Figure 8. Cross-plots of buried depth and logging density versus TOC content in 4020–4100 m
interval of the Mbr 11 of Longmaxi Fm shale of Well H-2. The strong correlation between density and
organic matter abundance indicates that overpressure and organic matter enrichment control density.

4.4.2. Total Porosity and Organic Pores Characteristics

The total porosity results of three groups of samples are presented in Table 2. The
pore development of Well L-2 is relatively better, with porosity ranging from 4.54–7.03%
(averaging 5.57%), followed by Well H-2, with porosity ranging from 2.95–5.25 % (averaging
4.28%). The pore development of Well Z-2 is relatively poorer, with the porosity ranging
from 1.92–4.12%, with an average of 3.01%. The cross plots of total porosity with TOC
content, clay minerals, and siliceous minerals show that the porosity of Well L-2 is generally
higher than that of Well Z-2, even under the same TOC content and mineral compositions
(Figure 9).
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mainly round and oval, and irregular pores are relatively limited. The pore size distribu-
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22.71%, respectively. Followed by Well H-2, the percentages are 15.09%, 68.18%, and 
16.72%, respectively. The size of organic pores in Well Z-2 is the smallest, and the percent-
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Figure 9. A comparison of the total porosity of shale reservoirs with similar material composition
and different pressure coefficients illustrates that the L-2 shale reservoir with a pressure coefficient of
2.24 has a relatively higher total porosity, and the Z-2 shale reservoir with a pressure coefficient of
1.86 has relatively lower total porosity.

According to FIB-SEM results (Figure 10), the organic pore in the Mbr 11 of Longmaxi
Fm overpressured shale is the intrarenal pore developed in organic matter with round,
elliptic, and crescent shapes. The image analysis results of the three groups of samples
show that there is no significant statistical difference in the percentage of organic pores with
different shape coefficients, but the percentage of organic pores with different diameters
changes greatly (Figure 11). The percentages of organic pores with shape coefficients greater
than 0.7 are all greater than 65%, and the percentages between 0.4 and 0.7 are about 25%.
This characteristic indicates that organic pores in the deep Longmaxi Fm shale are mainly
round and oval, and irregular pores are relatively limited. The pore size distribution of
organic pores among three groups of samples exhibits a significant decrease trend. The
size of organic pores in Well L-2 is the largest, and its percentages of diameters larger
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than 100 nm, ranging from 50–100 nm, and smaller than 50 nm are 56.10%, 21.19%, and
22.71%, respectively. Followed by Well H-2, the percentages are 15.09%, 68.18%, and 16.72%,
respectively. The size of organic pores in Well Z-2 is the smallest, and the percentages are
13.89%, 29.88%, and 56.24%, respectively.
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Figure 11. Based on FIB-SEM image analysis, comparing the structural characteristics of organic
pores in the Mbr 11 of Longmaxi Fm shale with different pressure coefficients. A higher proportion
of organic macropores occur in shale reservoirs with a higher pressure coefficient. However, no
differences are presented in shape coefficient distribution, illustrating the positive impact of the
pressure coefficient on the pore size distribution of organic pores and the limited impact on pore
morphology. N represents the total number of organic pores counted.
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5. Discussion
5.1. Generation Mechanism for Strong Overpressure

Theoretical analysis and numerical simulation analysis based on geological condi-
tions and distribution characteristics of overpressure are commonly utilized in the early
research of analyzing overpressure generation mechanisms in the study area. However,
the above two methods actually belong to indirect analysis methods, often resulting in
many differences and uncertainties in determining the mechanism. For example, Liu et al.
(2015) found that overpressured Longmaxi Fm shale had abnormally high porosity and was
characterized by “under-compaction” and thus proposed that disequilibrium compaction
was the main generation mechanism of overpressure [22]. Liu et al. (2016) believed that
Longmaxi Fm shale experienced rapid uplift in the late stage without fluid escape, resulting
in the maintenance of fluid pressure, the rapid reduction of overburden pressure, and the
apparent increase of pressure coefficient and then suggested tectonic activity played an
important role in overpressure generation [23]. Chen et al. (2016) concluded that hydro-
carbon generation expansion was the main mechanism because the Longmaxi Fm shale
was characterized by a high abundance of organic matter and thermal maturity [24]. In
recent years, geophysical logging response methods (logging combination method, Bowers
method, acoustic velocity density cross mapping method) have been widely used in many
overpressure basins around the world because it provides direct evidence for identifying
the main mechanism [4,12,40,41]. In this section, the combined evidence from theoretical
analysis and logging response method indicates that hydrocarbon generation expansion is
the main mechanism of strong overpressure in deep Longmaxi Fm shale in the Southern
Sichuan Basin.

The generation mechanisms of overpressure mainly include disequilibrium com-
paction, hydrocarbon generation expansion, diagenesis (clay mineral transformation), and
tectonic compression. The overpressure related to disequilibrium compaction generally
occurs in thick mudstone, marl, and shale successions with low penetrability [42,43]. High
sedimentation rates are essential for this mechanism, resulting in a rapid increase in over-
burden pressure [44]. In this case, overpressure would develop if fluids cannot be expelled
sufficiently and rapidly. Basin modeling indicates that sedimentation rates of the study area
are relatively higher only in the early-middle Silurian (444–432 Ma) and early-middle Trias-
sic (254–241 Ma), with values more than 100 m/Ma (Figure 4b). Therefore, the generation of
strong overpressure should be earlier than 241Ma, if caused by disequilibrium compaction.
The maintenance of overpressure in a basin depends on the competition of overpressure
generation and dissipation mechanisms. The study area experienced four tectonic uplifts,
especially the fourth continuous strong uplift, which lasted from the Late Cretaceous to the
present day, with a denudation thickness of over 2000 m. The temperature decrease and
gas escape during this process may cause the overpressure caused by disequilibrium com-
paction to dissipate to a certain extent. Therefore, theoretically, disequilibrium compaction
is unlikely to be the main mechanism of strong overpressure generation.

Clay mineral transformation in the diagenetic stage causes the orientational arrange-
ment of minerals, further weakening the framework strength of rock particles and shifting
compressive load from matrix to pore fluids [45]. In this case, overpressure will develop
if pore fluid cannot be expelled in time. However, lithofacies paleogeography research
suggested that the study area was in a semi-deep to deep water shelf environment in the
Early Silurian and mainly developed siliceous shale [46,47]. The test results of mineral
composition in this study are consistent with the above conclusion (Table 2). The average
content of siliceous minerals in the Mbr 11 of Longmaxi Fm shale is as high as 53.5% to
63.1%, and the average content of clay minerals is between 25.9% and 29.3%. Therefore, it
is doubtful that the transformation of relatively limited clay mineral content can generate
strong regional overpressure and maintain it till now.
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Structural compression can increase the minimum horizontal stress and cause over-
pressure similar to the vertical disequilibrium compaction mechanism [48]. The following
three reasons theoretically indicate that tectonic compression is unlikely to contribute to
strong overpressure. Firstly, the study area is located in the stable structural belt within the
basin, with relatively lower tectonic activity intensity. Secondly, the current exploration area
is mainly distributed in the core of the wide gentle syncline, and its tectonic compression
deformation is relatively lower. Finally, the overpressure distribution shows that strong
overpressure only occurs in the Mbr 11 of Longmaxi Fm reservoir with gas saturated but
not in the adjacent water-saturated reservoirs. These distinct pressure states within the two
reservoirs negate the tectonic compression mechanism.

Overpressure related to hydrocarbon generation expansion occurs when the vol-
ume increase rate due to hydrocarbon generation exceeds the volume loss rate caused
by hydrocarbon migration and expulsion [49,50]. The magnitude of overpressure gen-
erated by this mechanism is controlled by organic matter abundance, type, thermal ma-
turity, and rock permeability [42,51]. The Mbr 11 of Longmaxi Fm shale in the study
area was deposited under the deep-water shelf environment, which is characterized by
large single-layer thickness (more than 60 m) and stable lateral distribution. The micro-
scopic organic components are dominated by sapropelinite (above 90%), indicating type
I kerogen. The TOC contents range from 1.53–5.88%, with an average value higher than
3.30%. The calculated average equivalent vitrinite reflectance exceeds 2.40%, indicating
the shale has reached the over-mature stage. Thermal evolution history modeling re-
vealed that oil generation in Longmaxi Fm shale in the study area mainly occurred during
247–192 Ma, and gas generation mainly occurred during 163–65 Ma. The above factors
provide theoretical evidence for the generation of strong pressure due to hydrocarbon
generation expansion in the study area.

Overpressures with different mechanisms can be determined by the comprehensive
analysis of logging curves due to their unique logging response characteristics. Overpres-
sure caused by disequilibrium compaction is considered to inhibit sediment compaction
and maintain primary pores and pore water contents [3], resulting in abnormally low
density and resistivity and abnormally high acoustic travel time compared with logging
response in normal pressure. In comparison, overpressure related to hydrocarbon genera-
tion expansion, especially when sediments are compacted and pore water is replaced by
hydrocarbon, presents abnormally high resistivity and acoustic travel time and slightly
decreasing density on wireline logs [4]. The transformation of clay minerals destroys
and changes the microstructure of shale, resulting in abnormally increasing density and
acoustic travel time on wireline logs [45]. Tectonic compression further strengthens the
compaction effect of rocks, so the overpressure related to this mechanism will not cause
apparent anomalies in the three logging responses [52]. In deep Longmaxi Fm shale, the
acoustic travel time and resistivity data in the strong overpressured systems show an
apparent increase compared with those in normally pressured zones, and the density
data present a certain decrease (Figure 3). These characteristics indicate that strong over-
pressure is closely associated with hydrocarbon generation expansion. In addition, it is
worth noting that density is not only related to overpressure but controlled by material
composition. There is a good negative correlation between the TOC and density of Well H-2
(Figure 8), which indicates that overpressure related to hydrocarbon generation expansion
and the enrichment of organic matter together lead to the abnormal reduction of density
logging response.

Density-vertical effective stress cross plots can effectively identify the different gen-
eration mechanisms of overpressure [53,54]. For normally compacted stratum, increasing
trends are presented in both effective vertical stress acting on the rock matrix and density
with increasing depth, which forms a loading curve. Compaction is impeded for the over-
pressured strata with disequilibrium compaction origin, which will simultaneously reduce
density and effective vertical stress. Therefore, the data points of the overpressured stratum
that experienced disequilibrium compaction remain on the loading curve [55]. In contrast,
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strata that first compact under normal pressure conditions and then become overpressured
by hydrocarbon generation expansion form an unloading curve. Hydrocarbon generation
expansion will significantly reduce the effective stress but slightly reduce the density due
to the irreversibility of the compaction process. Thus, overpressures generated by this
mechanism follow a pathway that deviates from the loading curve [40]. In this study,
density-vertical effective stress cross plots from four representative wells show that all of
the normally pressured data points from the Mbr 2 and Mbr 12 of Longmaxi Fm shales
fall on the loading curve, indicating the normal compaction process (Figure 12). On the
contrary, all of the strong overpressured data points from the Mbr 11 of Longmaxi Fm lie
outside the loading curve, significantly reducing effective vertical stress. This characteristic
indicates that hydrocarbon generation expansion is the main generation mechanism of
strong overpressure.
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compaction, or overpressure caused by disequilibrium compaction, whereas the data are on an
unloading curve, suggesting overpressure resulted from hydrocarbon generation expansion.
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5.2. Reconstruction of the Paleo-Pressure Evolution History

The most commonly used methods in the early research of reconstructing paleo-
pressure evolution in the study area are basin modeling and paleo-pressure reconstruc-
tion [25–28,39]. Both methods have their applicability and limitations. Combining with the
paleo-pressure coefficient obtained by inclusion analysis and the measured present-day
pressure coefficient, Wang et al. (2020) concluded that the pressure coefficient of Longmaxi
Fm shale during the uplift stage changed from 2.20 at 85 Ma to 1.55 at present [11]. It can
be seen that the advantage of this method lies in the accuracy of evolution results, but it
cannot clearly reflect the pressure characteristics at a certain time during the evolution
process. Through basin modeling, Liu et al. (2020) proposed that the pressure coefficient
of Longmaxi Fm shale during the uplift stage increased slowly from 1.80 to 2.50 when
considering the influence of temperature decrease [25]. In contrast, Wu et al. (2022) be-
lieved that the pressure coefficient during the uplift stage always slightly fluctuated near
2.1 under the influence of gas escape [28]. The above results show that the advantages of
basin modeling come from its ability to characterize the entire process of pressure evolution.
However, the accuracy of the evolution results is limited by what geological factors are
considered and what initial pressures are set. In general, the published research on pressure
evolution only focuses on the uplift stage, and its characterization results are limited by the
methods used. Recently, Qiu et al. (2020) proposed a new idea (basin modeling + numerical
simulation + paleo-pressure reconstruction) to reconstruct paleo-pressure evolution history,
which is more accurate in characterizing the whole process and has been well applied in
several normal-pressured, weakly overpressured, and negative-pressured reservoirs [56].

The new reconstruction method is adopted in this study to obtain quantitative values
of fluid pressure and pressure coefficient during individual geological periods. First, the
corresponding mathematical model is used to quantitatively calculate the contribution of
each main control factor to the fluid pressure. According to the subsidence and uplift of
the stratum and the change of main control factors, the reconstruction of paleo-pressure
evolution in the study area can be divided into two stages. The first is the long-term
subsidence stage (overpressure generation), when fluid pressure is mainly controlled
by hydrocarbon generation expansion. The second stage is the late strong uplift stage
(overpressure adjustment), when hydrocarbon generation tends to stop, and the over-
pressure is adjusted to a certain extent under the control of temperature decrease, pore
rebound, and gas escape. Then, the pressure evolution process is clarified under the
constraint of the paleo-pressure restored by fluid inclusions analysis and the measured
present-day pressure.

5.2.1. Paleo-Pressure Evolution during the Overpressure Generation Stage

After confirming that hydrocarbon generation expansion is the main generation mech-
anism of overpressure, a quantitative evaluation model of hydrocarbon generation pressur-
ization proposed by Tang et al. (2022), is used to reconstruct the paleo-pressure evolution
in this study [55]. Taking the hydrocarbon expulsion process and the influence of over-
pressure on pore fluid compression, this model has been well applied to reconstruct the
paleo-pressure evolution of Qiongzhusi Fm shale in the Sichuan Basin and Shahejie Fm
shale in the Bohai Bay Basin, China [57,58].

For the type I kerogen, this model consists of two main parts: oil generated by kerogen
pyrolysis (Ro: 0.5–1.3%) and gas generated by crude oil cracking (Ro: >1.3%), and follows
five assumptions: (1) the initial pore pressure is hydrostatic pressure (Ph), and the pore
is filled with water; (2) hydrocarbon generation does not influence normal compaction;
(3) hydrocarbon generation process follows the mass balance and volume balance principles;
(4) all water, oils, and gases in the reservoir are under a unified pressure system; (5) the
thermal expansion of fluids can be ignored. In the process of oil generated by kerogen
pyrolysis, the volume of crude oil generation (V1) equals the reduced volume of original
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kerogen (Vk) and the compressed volume of pore water (∆Vw) and residual kerogen (∆Vk).
Therefore, the increment of fluid pressure (∆P) can be expressed by the following formula:

V1 = Vk + ∆Vw + ∆Vk
HioFMko

ρo
[1 − (Ph + ∆P)Co] =

HioFMko
ρk

+ Cw∆PVwo +
(1−HioF)Ck∆PMko

ρk

∆P = HioFMko[αn(1−PhCo)−1]
Cw∆PVwo+(1−HioF)CkMko+αnHioFMkoCo

where Hio is the original hydrogen index of kerogen; F is the Conversion ratio of kerogen;
Mko is the original mass of kerogen; ρo and ρk are the density of crude oil and kerogen,
respectively; Co and Cw are the compressibility of oil and formation water; Vwo is the
volume of formation water; α is the residual coefficient of oil, which is the ratio of the mass
of retention oil in shale pores to the mass of the original oil generated; n is the ratio of
kerogen density to crude oil density.

In the process of gas generated by crude oil cracking, the volume of adsorbed gas and
free gas (Vspt) equals the total volume of gas generated by crude oil cracking (Vg) minus
the volume of gas dissolved in oil (Vgo) and water (Vgw). The volume of gas that can be
contained in the actual stratum (V) equals the volume reduced by crude oil cracking (Vod)
and the volume of residual oil (∆Vo) and water (∆Vw) being compressed minus the volume
of residual carbon (∆C). Taking Vspt and V into the gas equation of state to calculate the
increment of fluid pressure (∆P):

Vspt = Vg − Vgo − Vgw = ∅V1CrN
Bo

− P1Sgo(1−Cr)VoTo
PoT1Z1

− P1SgwVwTo
PoT1Z1

V = Vod + ∆Vw + ∆Vo − ∆C = ∅CrV1 + Cw∆PVw + Co∆P(1 − Cr)Vo −∅CrV1Vr

where Ø is oil saturation; V1 is the volume of the pore (V1 = Vw + Vo); Cr is the cracking
proportion of crude oil; N is the volume ratio of gas relative to cracked oil in standard
conditions; Bo is oil volume factor; Po and To are pressure and temperature in standard
conditions, respectively; P1, T1, and Z1 are formation pressure, temperature, and gas
compressibility factor during crude oil cracking, respectively; Zo is the compressibility
of gas in standard conditions; Sgo and Sgw are the solubilities of gas in oil and water,
respectively; Vr is the volume of remaining carbon residue after crude oil cracking.

The burial and thermal evolution parameters of Well H-2 are taken into the hydrocar-
bon generation pressurization model to calculate paleo-pressure (Figure 13). Considering
the change of hydrocarbon generating stage and pressure state, the pressure evolution of
deep Longmaxi Fm shale can be divided into three stages before 65 Ma: (1) Silurian–Early
Triassic (443–244 Ma): the shale was shallowly buried and still in the immature to the low
mature stage with relatively limited hydrocarbon generation. During this period, fluid pres-
sure was roughly equal to the hydrostatic pressure, causing the shale to maintain normal
pressure. When the thermal maturity reached 0.7%, the corresponding fluid pressure and
pressure coefficient were about 25.10 MPa and 1.10, respectively; (2) Early Triassic–Early
Jurassic (244–192 Ma), the shale continued to subside, and its thermal maturity increased
from 0.7% to about 1.3%. During this period, a large amount of oil generated by kerogen
pyrolysis led to overpressure. When the thermal maturity reached 1.3%, the cumulative
pressurization was about 12.81 MPa. The corresponding fluid pressure and pressure co-
efficient were about 45 MPa and 1.40, respectively; (3) Early Jurassic–Late Cretaceous
(192–65 Ma), the shale subsided significantly, and its maturity increased from 1.3% to
2.6%. During this period, a large amount of natural gas generated by crude oil cracking
greatly increased the fluid pressure, resulting in strong overpressure. At the maximum
burial position, the cumulative pressurization was about 61.70 MPa, and fluid pressure and
pressure coefficient reached 128.96 MPa, and 1.92, respectively.
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Figure 13. Overpressure evolution of deep Longmaxi Fm shale reservoir in the Southern Sichuan
Basin. (a) Burial, thermal, and maturity histories of the Mbr 11 of Longmaxi Fm shales, presenting
the formation temperature corresponding to different mature stages and the trapping temperature
obtained by inclusion analysis (165 ◦C); (b) evolution of hydrostatic pressure and fluid pressure of
shale reservoir, illustrating fluid pressure increases to 128.96MPa during the long-term subsidence
stage owing to hydrocarbon generation expansion and decreases to 81.63MPa at the late strong uplift
stage because of temperature reduction and gas escape.; (c) evolution of pressure coefficient of shale
reservoir, showing an apparent five stages from 445 Ma to present.

5.2.2. Paleo-Pressure Evolution during the Overpressure Adjustment Stage

Pore rebound caused by the weakening of the overlying load, temperature decrease,
and gas escape are three important mechanisms leading to the reduction of fluid pressure in
the period of gas reservoir uplift [55]. However, the pore structure of shale after compaction
is dominated by micron- and nano-scale pores, resulting in a less significant pore rebound
effect than that of sandstone. Li et al. (2016) found that the Longmaxi Fm shale in Southeast
Sichuan Basin was denuded over 3800 m, but its volume of pore rebound was less than
2% [27]. Therefore, the influence of pore rebound on fluid pressure can be ignored in this
study, and the pressure evolution of deep Longmaxi Fm shale in the late uplift stage is
controlled by temperature decrease and gas escape.
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Since the thermal expansion coefficients of the shale skeleton and pore fluid are
unequal, the deformation of pore space cannot compensate for the volume decrease of pore
fluid under reduced temperature conditions, decreasing the fluid pressure [56]. At present,
Soave Redlich Kwong (SRK) equation of state is widely used to quantitatively evaluate the
impact of temperature on gas reservoir pressure [59]:

P = RT
V−b − a(T)

V(V+b)

α(T) = 0.4748β(T)R2T2
c

Pc

b = 0.08664RTc
Pc

[β(T)]0.5 = 1 +
(
0.48 + 1.576ω− 0.176ω2)(1 −

(
T
Tc

)0.5
)

where P, T, and V are pressure, temperature, and volume, respectively; R is gas constant;
α(T) is the intermolecular gravitational force; b is the volume of the gas molecule itself;
ω eccentricity factor; Tc and Pc are the critical temperature and critical pressure of the
gas, respectively.

Basin modeling showed that the temperature and fluid pressure of the deep Longmaxi
Fm shale at the maximum burial depth was about 211 ◦C and 128.96 MPa, respectively.
The current temperature and fluid pressure reach approximately 130 ◦C and 81.63 MPa,
respectively. Taking paleo and current temperatures into the SRK equation of state, the
pressure reduction caused by temperature decrease is 27.81 MPa. To balance with the cur-
rent actual fluid pressure, the pressure reduction caused by gas escape should reach at least
19.52 MPa. The paleo-pressure restored by the inclusion indicates that the fluid pressure
of the gas reservoir reached 95.21 MPa around 13 Ma, and the corresponding pressure
coefficient was 1.84. Finally, the shale reservoir’s fluid pressure and pressure coefficient
evolution curves are plotted by combining the above-calculated data and measured data
(Figure 13). According to the trend of the pressure coefficient, the pressure evolution in
the strong uplift stage can be divided into two stages: (1) Early Paleogene–Early Neogene
(65–13 Ma), the fluid pressure decreased from 128.96 MPa to 95.21 MPa, in which the
pressure reductions caused by temperature decrease and gas escape were 17.22 MPa and
16.56 MPa, respectively (Figure 13). At the same time, the overburden pressure is reduced
by 15.50 MPa due to uplift and erosion. Since the ratio of fluid pressure reduction to
overburden pressure reduction is greater than 1.92, the pressure coefficient also decreases
from 1.92 to 1.84; (2) Early Neogene–present (13–0 Ma), there are no inclusions below
160 °C found in the veins, which indicates microfractures were closed at this stage and
the gas escape gradually slowed down. The reduction of fluid pressure was mainly con-
trolled by temperature decrease. In this stage, fluid pressure decreased from 95.21 MPa to
81.63 MPa, in which the pressure reductions caused by temperature decrease and gas
escape were 10.59 MPa and 2.96 MPa, respectively. Meanwhile, the overburden pressure is
reduced by 11.74 MPa. Because the ratio of fluid pressure reduction to overburden pressure
reduction is greater than 1.84, the pressure coefficient increased from 1.84 to 2.04.

5.3. Influence of Pressure State on Pore Development

In addition to material compositions and thermal maturity, the pressure state of the
shale reservoir is also an important control factor for pore development [60–62]. The
qualitative analysis proposed that the pore development results from the balance between
overburden pressure and fluid pressure, and the increase of fluid pressure due to hydrocar-
bon generation and retention largely offsets the overburden pressure, protecting the pore
structure [63]. The differential influence of overpressure and normal pressure on pore devel-
opment has also been quantitatively investigated in recent years. Liu et al. (2020) compared
shale reservoirs with similar material composition and found that shale reservoir with
overpressure (Jiaoshiba area) has a higher porosity and surface porosity compared with
normally pressured shale reservoirs (Nanchuan and Pengshui area) [63]. Wang et al. (2020)
proposed that the evolution of the pressure state from overpressure to normal pressure
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will cause the organic pores to gradually transform from nearly round macropores with
hundreds of nanometers to micrometers into elliptic or irregular micropores and mesopores
less than 50 nm [8]. In general, the quantitative observation results are consistent with the
qualitative analysis; that is, the existence of overpressure protects the pores, whereas the
pores within normally pressured shale reservoirs are damaged to some extent.

Our paleo-pressure evolution results show that the pressure state of the deep Longmaxi
Fm shale reservoirs has only undergone minor adjustments during the uplift stage and
still maintains the strong overpressured state today (Figure 13). Comparative research
about three shale reservoirs with different pressure coefficients was conducted to determine
whether strong overpressure conditions affect pore development. Our research shows that,
in the case of similar TOC content and mineral, samples from Well L-2 (with a pressure
coefficient of 2.24) generally have relatively higher total porosity, and most organic pores
are larger than 100 nm in diameter; samples from Well H-2 (with a pressure coefficient of
2.04) have moderate porosity and the diameter of most of the organic pores range from
50–100 nm; samples from Well Z-2 (with a pressure coefficient of 1.86) generally have
relatively lower porosity and most organic pores are less than 50 nm (Figure 11). The
shape coefficient distributions of organic pores in the three reservoirs are consistent. The
above results show that, even under the background of strong overpressure, the effect of
pressure on pore development is still different. Higher overpressure coefficients contribute
to the maintenance of total porosity and the development of organic macropores, but the
influence on the morphology of organic pores is negligible.

Shale gas stored in organic-rich shale mainly exists in the form of both free gas and
adsorbed gas [64–67]. The total amount of free gas under geological conditions is the
key to the high yield of shale reservoirs in the early stage of development [14]. Since
free gas is mainly stored in macropores and fractures [68,69], the storage capacity of free
gas is dependent on total porosity and the proportion of macropores. Adsorbed gas is
mainly adsorbed on the surfaces of micropores and mesopores of organic matter and clay
minerals [70–74], so the development of mesopores and micropores determines the ability
to store adsorbed gas. For deep shale reservoirs, the pressure state could be one of the
decisive factors for pore development and storage capacity. Our results indirectly suggest
that under the background of strong overpressure, shale reservoirs with higher pressure
coefficient (>2.0) are characterized by larger pore volume because of higher total porosity
and a higher proportion of organic macropores, which contribute to the storage of free gas.
In contrast, shale reservoir with relatively lower pressure coefficient (<2.0) are featured by
higher specific surface area owing to lower total porosity and higher proportions of organic
meso- and micro-pores, which is beneficial to the storage of free gas.

6. Conclusions

Different degrees of strong overpressures are developed in the deep Longmaxi Fm
shale in Southern Sichuan Basin, with pressure coefficients ranging from 1.75–2.45. To reveal
the origin and evolution of strong overpressure and its influence on pore development,
logging responses analysis, basin modeling, numerical simulation, fluid inclusion analysis,
and pore characteristics analysis were analyzed, and the new method to restore paleo-
pressure evolution history was applied in this study. The main conclusions can be drawn
as follows:

Evidence from theoretical analysis based on geological background, comprehensive
logging curve, and vertical effective stress-density cross plot indicate that hydrocarbon
generation expansion is the main generation mechanism for the strong overpressure that
existed in the Mbr 11 of Longmaxi Fm shale.

The pressure evolution of the Mbr 11 of Longmaxi Fm shale during the long-term
subsidence stage, simulated by the mathematical model of hydrocarbon generation pres-
surization, has evolved through three stages: the first stage (443–244 Ma) was marked
by normal pressure (pressure coefficient: 1.10) due to relatively lower thermal maturity
and limited hydrocarbon generation; the second stage (244–192 Ma) was featured by over-



Energies 2023, 16, 2533 22 of 25

pressure (pressure coefficient: 1.40) owing to a large amount of oil generated by kerogen
pyrolysis; the third stage (192–65 Ma) was characterized by strong overpressure (pressure
coefficient: 1.92) because of a large amount of natural gas generated by crude oil cracking.

During the late strong uplift stage, the pressure evolution of the shale, analyzed by
SRK state equation and fluid inclusion, has evolved through two stages: in the first stage
(65–13 Ma), the reduction of fluid pressure controlled by temperature decrease and gas
escape is higher than the reduction of overburden pressure, slowly decreasing the pressure
coefficient from 1.92 to 1.84; in the second stage (65–13 Ma), the degree of gas escape is
weakened, and the pressure reduction caused by temperature reduction is higher than the
reduction of overburden pressure, gradually increasing the pressure coefficient from 1.84
to 2.04.

Under the background of strong overpressure, the influence of pressure on pore
development is different, but the influence on the morphology of organic pores can be
ignored. Higher pressure coefficients contribute to the maintenance of total porosity and the
development of organic macropores, which could further cause differences in the content
of adsorbed gas and free gas in deep shale reservoirs. The organic pores with different
strong overpressure conditions are mainly round and oval.
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