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Abstract:



Recent low gas prices have greatly increased pressure on drilling companies to reduce costs and increase efficiency. Field trials have shown that implementing automation can dramatically reduce drilling costs by reducing the time required to drill wells. This study uses the DYNamic upstreAm gAs MOdel (DYNAAMO), a new techno-economic, bottom-up model of natural gas supply, to quantitatively assess the economic impact of lower drilling costs on the US upstream gas industry. A sensitivity analysis of three key economic indicators is presented, with results quoted for the most common field types currently producing, including unconventional and offshore gas. While all operating environments show increased profitability from drilling automation, it is found that conventional onshore reserves can benefit to the greatest extent. For large gas fields, a 50% reduction in drilling costs is found to reduce initial project breakevens by up to 17 million USD per billion cubic metres (MUSD/BCM) and mid-plateau breakevens by up to 8 MUSD/BCM. In this same scenario, additional volumes of around 160 BCM of unconventional gas are shown to become commercial due to both the lower costs of additional production wells in mature fields and the viability of developing new resources held in smaller fields. The capital efficiency of onshore projects increases by 50%–100%, with initial project net present value (NPV) gains of up to 32%.






Keywords:


energy systems modelling; drilling; natural gas; upstream gas












1. Introduction


1.1. Drilling Automation


The exploration and production of hydrocarbon reserves is inherently expensive due to the high costs associated with drilling wells. To increase profitability at low gas prices, it is vitally important that the industry cuts the costs of both exploration and production. A study by the US Energy Information Agency (EIA) has shown that drilling accounts for a substantial proportion of both exploration and production costs [1]. For example, the development of Chevron’s Big Foot project required drilling and completion costs of around 1 billion USD, which was approximately a quarter of the project’s overall expenditure. A technology outlook study by DNV GL predicted that drilling automation will contribute significantly to reducing drilling costs by 2025 [2]. This prediction is not new, as automation has been suggested as a means of reducing drilling costs since at least the 1960s [3]. It has been suggested that the technology has not been adopted due to a lack of technical capability in automation and the oil industry’s use of day rate contracts [4]. Critics of drilling automation have claimed that it will reduce the ability of drilling crews to respond manually during emergency situations through the loss of skills. Similar issues have been faced by the airline industry and have been resolved through the use of simulation devices to prepare crews for automation failures. The implementation of automation is not predicted to completely eliminate drilling crews, but will act as a decision support system that directs the attention of drillers to where it is most required [5].



Studies have shown that drilling automation can decrease the time required to attain a targeted depth by around 30%–40%, by eliminating the interruptions that occur with traditional drilling methods [6,7,8]. By avoiding interruptions to the drilling process, the wellbore will be less likely to collapse and will avoid problems such as “stuck pipe” [9]. A type of drilling automation technology known as continuous drilling has been predicted to reduce drilling costs by 40%–45% and is currently undergoing field trials in Stavanger, Norway [10]. One study showed that the technology was able to increase the overall rate of penetration (ROP) for the first three wells drilled to 36 ft/hr (11.0 m/hr), which increased to almost 47 ft/hr (14.3 m/hr) for the next four wells drilled. This was an increase of around 30% over conventional methods. This ultimately led to a reduction in the time that the drilling rig was required on site by around 26% [11]. Safety on drilling rigs can also be greatly improved with automation, as it can reduce or even remove personnel from the drilling floor. The positioning and connection of drilling pipe is traditionally guided by manual labor, which exposes the drilling crew to the potentially fatal danger of being crushed by pieces of heavy drilling floor equipment [12].



The benefits of automated drilling technology have been summarized by Grinrod et al. [8] as follows:

	
Significantly improved tripping speed.



	
Significant improvement in time to run casing.



	
Possibility of built-in continuous circulation and drilling.



	
Improved personnel safety.



	
Improved wellbore stability.



	
Improved well safety.



	
Avoidance of differential sticking.



	
Lower power consumption.



	
Less equipment wear.








Tripping speeds of 1800 to 3600 m/hr have been demonstrated in field trials, as have casing running speeds of 900 m per hour [8]. Both of these values exceed the “perfect well” speeds used as a theoretical maximum in the study by Brett [13,14], where the maximum theoretical tripping speed was estimated at 1645 m per hour and casing runs were estimated at 820 m per hour.



The vast majority of wells drilled across the world are undertaken by drilling contractors that supply both the rig and the crew. The efficiency of these operators is commonly measured by “nonproductive time,” which is defined as the time spent on activities that were unplanned and unnecessary. This is calculated as a percentage of the time taken to drill a well. As there are numerous other factors involved in the length of time it takes to drill a well, nonproductive time is not a reliable method of measuring the performance of different drilling projects [15]. Drilling contractors charge field operators for each day that they are required to drill wells based upon a pre-agreed day rate contract. Figure 1 shows cost estimates for rig day rates as a function of time. Offshore rig rates are around an order of magnitude greater than onshore. This is due to the substantial costs associated with operating at sea and the extensive support structure necessary for offshore personnel. The variation in day rate is similar for both onshore and offshore rigs and is primarily driven by supply and demand pressures, which are in turn driven by prevailing oil prices. The decline in day rates in late 2014 was a consequence of the collapse in oil prices that occurred around that time. Through 2015, offshore day rates dropped from 430,000 to 260,000 USD. Onshore day rates fell from 18,750 to 15,730 USD during the same period. Estimates of the cost of automated drilling equipment are not presently in the public domain, but it is likely to be offset by the reduction in drilling personnel costs and will have very little influence on the day rate cost relative to the oil price. The savings from implementing drilling automation will therefore come from the reduction in time spent drilling wells. Drilling contractors have little motivation to reduce drilling times other than competition with rival companies for contracts, which is not significant during periods when demand for their service outstrips supply. The lack of automation in the present-day drilling industry suggests that the policies required to encourage its adoption are not yet in place. It may be that the recent low oil price environment and the increased competition that this has created could be the critical factor that induces its adoption. This paper assumes that the recent predictions of its imminent adoption will prove correct and explores the economic benefits that could be achieved through the use of energy system modelling techniques.


Figure 1. Estimates of rig rates and the price of West Texas Intermediate crude oil (WTI) during the oil price collapse in 2014/2015 [19,20,21].



[image: Energies 11 02241 g001]






Although continuous drilling can reduce costs by reducing the time it takes to drill, it is of course not immune to failure. Such failure may furthermore be harder to rectify due to indirect effects, such as the reduction in personnel actively overseeing operations [16]. Conversely, there is evidence that over a third of incidences of stuck pipe are attributable to drilling crew changeovers [17], which could be eliminated with automation. This study avoids the need for a detailed (and inevitably speculative) breakdown of cost savings and risks associated with continuous drilling by focusing on sensitivity to a single independent parameter, well capital expenditure (capex) relative to a business-as-usual reference scenario. In the scenarios presented, given savings in well capex should be interpreted as already including indirect costs from downtime due to failure and/or the cost of fixing equipment. For this reason, the findings of this study apply equally to any strategy that companies might employ to reduce drilling costs, with automation recognized as a likely important contributor, among others [18], in the near future.




1.2. Energy Systems Modelling


Energy systems models [4,5] are powerful tools for studying long-term transitions of energy systems and provide stakeholders with valuable information to inform decision-making about investments in new assets (in terms of capacity, type, and geographical context), technological R&D, and the likely impact of future climate change mitigation policies. They help stakeholders make reasoned investment decisions that are based upon quantitative data rather than opinion or speculation. The ModUlar energy systems Simulation Environment (MUSE) is a new open-access energy systems model being developed at Imperial College’s Sustainable Gas Institute [22] with a specific focus on understanding the role of natural gas in the future energy mix. MUSE is a global, technology-rich simulation of partial equilibrium across all energy vectors that seeks to combine engineering reality with a realistic treatment of investor behavior. Its modular structure facilitates a sophisticated treatment of the heterogeneous nature of energy supply and demand, with every sector (natural gas, coal, nuclear, renewables, etc.) modelled in a way most appropriate to its specific needs. On the supply side, one such module is the DYNamic upstreAm gAs MOdel (DYNAAMO) [23,24], a new dynamic simulation of the upstream gas industry. Although principally developed to interface with MUSE, DYNAAMO can run independently of MUSE and produce a range of technical, emissions-related, and econometric outputs that are of interest in their own right. In contrast to most “static” supply-side models, which bracket natural gas resources by cost, DYNAAMO generates dynamic supply curves by aggregating incremental supply on a subfield level, while incorporating realistic investment and operating decisions. DYNAAMO makes use of decades-long time series data [25] from thousands of gas fields worldwide to establish a realistic picture of both production and expenditure patterns over the life cycle of a typical field, including abandonment costs, the fiscal environment, and the costs of finding and developing additional resources. This detailed expenditure breakdown, in terms of both timing and type, makes DYNAAMO a useful tool for investigating the impact of new technologies on the upstream gas industry.




1.3. Methodology


To investigate the likely techno-economic consequences of drilling automation, we restrict our attention to the USA, for which there is a wealth of historic data that can be used to calibrate the model. Within the DYNAAMO framework, production is broken down by field environment, a combination of technology and operating environment with distinctive production and cost characteristics. Table 1 defines the 5 main field environments that can account for almost all natural gas production in the USA.


Table 1. Definitions of field environments.










	
	Field Environment
	Definition





	1
	Shelf
	Offshore sandstone reservoirs in water depths <125 m



	2
	Deep offshore
	Offshore sandstone reservoirs in water depths >125 m



	3
	Onshore conventional
	Onshore sandstone reservoirs that do not rely upon hydraulic fracturing to achieve economically viable production rates



	4
	Tight/shale
	Onshore sandstone and shale reservoirs that require horizontal wells with extensive hydraulic fracturing to achieve production rates that are economically viable



	5
	Coal bed methane (CBM)
	Natural gas extracted from coal seams









For each field environment, DYNAAMO constructs a prototypical field life cycle profile based on the 2P (The term “2P” stands for the sum of the proven and probable reserve estimates. A reserve is classified as proven if it is likely that 90% or more of that resource can be profitably recovered in the current economic climate. Probable reserves are deficient in geological data, making their presence and profitability uncertain. To compensate for this, the gross estimate is reduced by 50%.) estimated ultimate recovery (EUR) of the field. All aspects of the expenditure and production profile modelling are informed by historic data for US fields. Typical profiles are shown in Figure 2 and Figure 3. A reservoir follows standard preproduction, ramp-up, plateau, and decline phases [26], with the decline rate and abandonment time determined endogenously based on a reference forward price scenario, such that the anticipated total production equals the initial EUR. Large fields tend to produce a smaller fraction of their EUR per year on plateau than small fields, reflecting a trade-off between variable operational expenditure (opex) and the discounting of future cash flow. The result is that large fields normally produce over a longer period than small fields, although the field environment also plays a role, mainly due to the greater costs associated with offshore operations. Based on an analysis of historic production data [25], DYNAAMO uses a relationship of the form rate ~ EURy to model the plateau rate, with [image: ] and [image: ] for onshore and offshore fields, respectively (this is consistent with other modelling efforts [27]). As well as the production profile of a field, operational and capital expenditure (opex and capex) profiles vary considerably by field environment, reflecting both the relative importance of facilities and infrastructure costs in overall project financing and the timing and intensity of drilling. A detailed account of DYNAAMO’s approach to expenditure and production modelling can be found in [24].


Figure 2. Example of an expenditure timeline for a small deep offshore field in DYNamic UpstreAm GAs Model (DYNAAMO).
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Figure 3. Schematic of a standard production profile for a 4.5 BCM gas field. On plateau, the field produces about 6% of its estimated ultimate recovery (EUR) per year, before production enters a managed exponential decline of 11% per year. The field is decommissioned when its remaining net present value (NPV) drops to zero due to the decline in production.
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Once the field life cycle profiles have been established, a range of economic and technical outputs can be calculated. This study focuses on 3 key outputs deemed most relevant to the economic evaluation of drilling automation:



• Initial net present value (NPV)



This is the field NPV at the start of the preproduction phase. It includes all future post-tax cash flow (including possible subsidies) discounted at 10% per annum based on a flat forward reference price for gas.



• Initial and midcycle breakeven price



This is the gas price for which the forward NPV = 0 at the start of preproduction and midway through the plateau phase, respectively. Breakevens can vary significantly over a project life cycle, depending on the field environment, reflecting the expected timing of positive and negative cash flow.



• Capital efficiency



This is a measure of expected return on capital, here taken as NPV per net present cost of capital (The cost of capital represents the opportunity cost of competing capital investments. It is contained in the rate used to discount capital expenditure, which in this report is set equal to the overall discount rate (10% per annum)) (including only discounted capex spent over the preproduction and ramp-up life cycle phases).



DYNAAMO was first run in the absence of automated drilling technology to create a business-as-usual (BAU) reference scenario. A forward gas price of 135 million USD per billion cubic metres (MUSD/BCM) (3.8 USD/MMbtu), corresponding to the average wellhead price during the period 2010 to 2015 [28], was used to calibrate production profiles against EUR, although the findings of this study are not significantly sensitive to the exact price chosen. The impact of automated drilling was then investigated in 5 scenarios in which the total project well capex was reduced from its BAU value by 10% to 50% in increments of 10%. Based on historic expenditure data, the percentage of total project capex allotted to drilling costs was taken to be 12%, 35%, 38%, 70%, and 70% for field environments 1 to 5, respectively (see Figure 4 and Table 1). Note that these estimates include drilling costs associated with primary, secondary, and tertiary recovery. The timing of drilling (and associated costs) also accounts for step-out and in-fill drilling, which typically occur toward the end of the plateau stage of production.


Figure 4. Breakdown of capital expenditure (capex) for individual field environments.
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The field life cycle profiles (and therefore all consequent model outputs) depend on the initial 2P EUR. This varies enormously by individual field. However, data from several thousand historic and currently producing fields indicate that EUR is log-normally distributed, with a mean and variance characteristic of the particular field environment (see Figure 5). To model this diversity of field sizes, which can impact the economics of production via economies of scale, DYNAAMO samples the field size distributions to construct an asset class, a field of a specified field environment and characteristic size. The economic results quoted in this study are volume-weighted averages across asset classes.


Figure 5. Field size distributions showing the relative frequency vs. the log of the initial 2P EUR (in BCM) for (a) onshore conventional, (b) shelf, (c) deep offshore, (d) CBM, and (e) tight/shale. The bin width is 0.2. The number of fields used to derive the distributions is: tight/shale = 523, CBM = 29, onshore conventional = 241, shelf = 2534, deep offshore = 162.
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2. Results


2.1. Breakeven Prices


The analysis assumes that the application of automated drilling can reduce drilling capex by up to 50%. Figure 6 shows a comparison of supply curves for US natural gas with and without automated drilling technology (here assumed to reduce well capex by the full 50%). DYNAAMO generates these by calculating the forward breakeven prices of producing fields, with each data point corresponding to a breakdown by asset class as well as the age of the field (life cycle year). Because the drilling profile depends heavily on the field environment, it is important to take into account the maturity of the field when estimating the impact of drilling automation on breakeven prices. The analysis shows that the application of drilling automation can reduce breakeven prices of the younger fields, as these will undergo the greatest quantity of drilling. The older fields tend to be large sandstone reservoirs that have already been drilled and will only require a small number of additional production wells to increase recovery. The younger fields tend to be tight/shale gas fields that require substantial drilling and can therefore benefit greatly from cost reduction. The modelled effect of drilling automation shifts the supply curve downward, but also to the right. This is a consequence of additional volume that becomes commercial to lift as a result of the technology. The effect is most pronounced during the decline phase of unconventional production, in which well capex is ongoing.


Figure 6. Breakeven price as a function of production volume.
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The area between the two lines is an estimate of the additional profit that can theoretically be obtained and was calculated to be 4364 MUSD (at a nominal forward price of 135 MUSD/BCM). The most expensive fields will be profitable only if gas prices rise substantially. For comparative purposes, the average Henry Hub price between 2010 and 2015 is also shown in Figure 6.



The breakeven price is the lowest price a rational producer will accept and still choose to continue operations. Breakeven prices are therefore often used to construct supply curves, but they also indicate how resilient the industry is to low price environments. Figure 7 shows the initial breakeven gas price as a function of well capex reduction. This is the breakeven price for a field commencing its preproduction phase. All five field environments can obtain a reduction in breakeven price by applying automated drilling technology. The cheapest field environments are deep offshore and CBM, as they primarily consist of large fields that require only a few production wells to be drilled throughout their operational lifetime. These types of field environment only began to be exploited in recent decades and, as such, the largest and best-quality reserves are presently being produced. In contrast, fields situated in the shelf region of the Gulf of Mexico have been heavily exploited in the past and only small reservoirs exist that are relatively expensive to produce. Opex is relatively consistent during a field’s lifetime, whereas production declines. This results in production costs increasing dramatically toward the end of operations. As shelf reservoirs are primarily sandstone, only a small number of production wells need to be drilled, with most of the cost coming from expensive topside production equipment. Tight/shale gas has the second highest breakeven price due to the high costs associated with horizontal drilling and fracking. The rapid depletion rate of tight/shale wells means that new wells are regularly required to maintain production levels. The large requirement for drilling also translates into greater cost reductions, as there is greater benefit realized from reduced drilling costs. Onshore conventional benefits to the greatest extent, as it has the highest initial breakeven price and therefore the greatest opportunity for gain. Recent onshore conventional discoveries tend to be smaller than unconventional fields, as the largest reserves were discovered and exploited decades ago. Recent discoveries therefore have a high capex-to-reserve ratio. A reduction in well capex will therefore benefit onshore conventional projects to the greatest extent. Figure 8 shows the breakeven prices for mature gas fields that are midway through the plateau stage of production illustrated in Figure 3. Midcycle breakevens are considerably lower than initial breakevens (producers will accept a lower price, given that most capital costs are already paid), yet only tight/shale and CBM benefit from drilling automation in this scenario, as the other field environments have completed the majority of the required drilling activity.


Figure 7. Initial breakeven price as a function of well capex reduction.
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Figure 8. Mid-plateau breakeven price as a function of well capex reduction.
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2.2. Net Present Value (NPV)


The net present value of different investment options is often used for comparative purposes when making investment decisions. Some exploration and production companies operate in multiple asset classes, and NPV analysis can be a useful method for estimating the optimal investment strategy [29]. Figure 9 shows variation in NPV as a function of well capex reduction. The analysis excludes fields with negative NPV, as these would not be produced. All field environments show an increase in NPV with increasing cost savings from drilling automation, with onshore conventional reserves showing the largest increase and offshore shelf the smallest. In comparing the impact of drilling cost reductions on NPV for conventional, unconventional, and offshore projects, several competing factors are at play. Onshore conventional reserves increase dramatically in value (and even more so in terms of capital efficiency; see Figure 10) because the capex associated with drilling takes place in the early stages of the project, in contrast to unconventionals, where it is spread over the project life cycle. However, unconventionals are far more drilling-intensive than conventionals (see Figure 4), suggesting that for unconventional reserves, the impact of cost reductions on NPV should also be significant. For shelf and deep offshore field environments, the production facilities capex is so large that a relatively smaller fraction of the total capex is spent on drilling and the increase in NPV is less pronounced. The low level of drilling involved in these field environments also limits the impact that automated drilling technology can have on profitability as a whole.


Figure 9. Increase in NPV as a function of well capex reduction.
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Figure 10. Capital efficiency as a function of well capex reduction.
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Both tight/shale and CBM have consistently higher NPVs relative to the other field environments. For tight/shale, the large size of the assets yields a consistently large NPV. For onshore conventional, only the largest fields have a positive NPV, and while these account for a relatively small proportion of asset classes within this field environment, they benefit greatly from the application of drilling automation.




2.3. Capital Efficiency


Capital efficiency is the ratio of net present value to discounted capital expenditure and is an indicator of risk, as it favors investments that require a lower capex to achieve a given return. Figure 10 shows capital efficiency as a function of well capex reduction. The analysis shows that capital efficiency is highest for the CBM field environment. While results will vary greatly according to the specifics of each well, CBM is an efficient use of capital, because the average size of the CBM fields is large relative to the other field environments.



The average field size of CBM is around six times greater than tight/shale in the USA, although there are presently far fewer fields. CBM fields are also generally cheaper to develop than tight/shale [25]. For example, a (typically sized) 10 BCM CBM field has an average capex per volume of 40.8 MUSD/BCM, whereas a tight/shale field of the same size has a capex per volume of 52.9 MUSD/BCM. CBM fields enjoy similar reductions in overall project opex. While there is significant variation, CBM fields are inherently cheaper to drill, as the typical depth of a CBM field is around 400 m, whereas tight/shale averages around 1500 m [30].



The well capex of unconventional resources such as CBM and tight/shale is spread out over the entire life of the field [25,30], whereas sandstone field environments tend to have most of their capital spent prior to commencing production. The time value of money therefore increases the capital efficiency of unconventional resources, as these typically involve smaller up-front capital financing. Capital efficiency is also greater due to the relative immaturity of unconventional natural gas. Its development will require extensive and continual drilling and is likely to be highly profitable as the best reserves are not yet exploited.



If drilling automation can reduce well capex by 50%, then this can improve capital efficiency to the extent that both onshore conventional and tight/shale can be economically competitive with deep offshore wells. The extensive drilling required by tight/shale means that drilling automation can greatly improve the project economics of these reserves.



Shelf production in the Gulf of Mexico shows virtually no change in capital efficiency due to the maturity of fields in this region. Production declined from 140 BCM in 2001 to 30 BCM in 2016 [31] and only a small quantity of production wells are expected to be drilled in the future. The offshore field environment shows the smallest improvement because well capex accounts for a smaller fraction of the total capex (i.e., facilities capex is large). The largest improvement is achieved for the onshore conventional field environment, as early-stage well capex can be reduced and the time value of money results in a large increase in NPV.




2.4. Wellhead Breakeven Price


The wellhead breakeven price is a critical metric for assessing the value of different asset classes. It is an estimate of the cost of production but does not include transportation or processing costs. When these two factors are included, the wellhead breakeven price would be equal to the Henry Hub price. The wellhead and Henry Hub prices therefore track each other and vary relative to supply and demand. Figure 11 shows the wellhead breakeven price as a function of cumulative reserves. The data show that automated drilling is able to decrease the wellhead breakeven price for all field environments. Only the unconventional gas reserves of CBM and tight/shale show noticeable increases in reserve volume. This is because low-permeability gas reservoirs require extensive drilling to achieve economically viable flow rates and are at an early stage of their developmental life. Therefore a substantial quantity of drilling is required to develop these fields in the future. The figure also highlights how US gas reserves are presently dominated by tight/shale gas. Automated drilling is therefore especially important for the US gas industry, since this field environment is where the greatest quantity of drilling is required and automation can consequently have the greatest impact. Shelf and deep offshore environments presently account for a small percentage of reserves and are likely to decrease further as a consequence of their low NPV, as shown in Figure 9. There is a slight increase in the quantity of overall reserves of around 160 BCM.


Figure 11. Wellhead breakeven price as a function of cumulative 2P reserves held in producing fields in the US. For clarity, the breakeven is volume-weighted over all asset classes belonging to a given field environment. The business-as-usual scenario (full drilling costs) is shown in light shades and a CD50 scenario (representing a 50% reduction in drilling costs) is shown in dark shades. The CD50 scenario shows a reduction in breakeven prices across all field environments (the darker blocks are lower than the light blocks), as well as reserve additions in shale/tight and CBM field environments (the supply curve of darker blocks is shifted to the right).
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3. Conclusions


The recent decrease in international oil and gas prices has led to a sharp reduction in demand for well-drilling services. Automation of the drilling process is expected to reduce drilling costs, with the fastest adopters of this technology likely to gain a competitive advantage over rival drilling companies.



This study sought to quantify the impact of drilling costs on the economics of the upstream gas industry. The USA was chosen as a case study, due to its diversity of production methods and the wealth of historic techno-economic data available. However, if regional fiscal considerations are accounted for, our findings should be relevant to natural gas production worldwide. We have shown that drilling costs play a significant role in determining the likely return on upstream investment. Every USD saved on drilling adds roughly 0.3 USD to initial NPV for large CBM fields and 0.75 USD for large deepwater fields. This study indicates that such savings also imply lower initial breakeven prices, with every 10 percentage point decrease in drilling costs lowering breakevens by 1.8–2.3 MUSD/BCM across all field environments. Significant reserve growth is likely to occur in tight/shale and conventional onshore fields, with modest additions for CBM plays. At current hub prices, it is estimated that adopting drilling automation is worth an additional 4.4 billion USD to the US gas industry as a whole.
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