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Abstract

:

Hydraulic Fracturing is considered to be one of the most important stimulation methods. Hydraulic Fracturing is carried out by inducing fractures in the formation to create conductive pathways for the flow of hydrocarbon. The pathways are kept open either by using proppant or by etching the fracture surface using acids. A typical fracturing fluid usually consists of a gelling agent (polymers), cross-linkers, buffers, clay stabilizers, gel stabilizers, biocide, surfactants, and breakers mixed with fresh water. The numerous additives are used to prevent damage resulting from such operations, or better yet, enhancing it beyond just the aim of a fracturing operation. This study introduces a new smart fracturing fluid system that can be either used for proppant fracturing (high pH) or acid fracturing (low pH) operations in sandstone formations. The fluid system consists of glutamic acid diacetic acid (GLDA) that can replace several additives, such as cross-linker, breaker, biocide, and clay stabilizer. GLDA is also a surface-active fluid that will reduce the interfacial tension eliminating the water-blockage effect. GLDA is compatible and stable with sea water, which is advantageous over the typical fracturing fluid. It is also stable in high temperature reservoirs (up to 300 °F) and it is also environmentally friendly and readily biodegradable. The new fracturing fluid formulation can withstand up to 300 °F of formation temperature and is stable for about 6 h under high shearing rates (511 s−1). The new fracturing fluid formulation breaks on its own and the delay time or the breaking time can be controlled with the concentrations of the constituents of the fluid (GLDA or polymer). Coreflooding experiments were conducted using Scioto and Berea sandstone cores to evaluate the effectiveness of the developed fluid. The flooding experiments were in reasonable conformance with the rheological properties of the developed fluid regarding the thickening and breaking time, as well as yielding high return permeability.
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1. Introduction


Hydraulic fracturing and acid fracturing operations are currently considered as one of the most important stimulation methods in the oil and gas industry [1]. In acid fracturing, the acid is spent to create uneven etches (channels) in the rock (fracture face). In acid fracturing, the formation rock must contain minerals that are partially soluble in the acid used to create those etches. On the other hand, in hydraulic fracturing, single or multiple fractures are induced in the formation by injecting a high-pressure fluid to stimulate and enhance the producing wells. These fractures are then kept open using a proppant, thus preventing the closure of those fractures due to stresses that are acting on the formation. After the completion of the process, the injected fluids are broken into low viscosity liquids using breakers to enhance the flow back of the fluid to the surface [2,3,4,5].



Hydraulic Fracturing is prominent amongst permeability-impaired formations (low permeability reservoirs) i.e., shale-gas and tight-gas [6,7,8,9]. Hydraulic fracturing significantly improves the productivity of the wells and the overall recovery factor [10]. Hydraulic fracturing is also widely used in moderate permeability reservoirs (up to 50 mD for oil and 1 mD for gas) with the large skin around the vicinity of the wellbore by bypassing the damaged zone to further enhance the flow of hydrocarbon, allowing for accelerated production without negatively impacting the formation reserves. However, this case relies mostly on the economic feasibility of conducting such operations [11].



The fracturing fluid must be designed and tested carefully in order to avoid incompatibility with the formation. Especially, if the reservoir contains minerals that are water sensitive, such as clay minerals (smectite, illite) found in tight gas or shale gas reservoirs, which can cause fines migration or swelling that results in damaging the reservoir furthermore. Due to the large quantities of gas in those formations, any enhancement on their recovery is of great importance. Tight reservoirs are those reservoirs that are characterized by a low-permeability (i.e., less than 0.5 mD), they are either carbonate or sandstone reservoirs [12,13]. Problems that are associated with tight gas production in drilling or hydraulic fracturing operations include aqueous phase trapping, natural fractures (fluid leak-off), folding and faulting (making the prediction of fracture pressure difficult), and fluid incompatibility with the formation [14]. Water blockage or aqueous phase trapping (APT) is a serious problem in tight formations among others [15,16,17].



Several types of fracturing fluids have been used in oil & gas fields which include but not limited to linear polymer gel, viscoelastic surfactants, crosslinked polymer gels, and foam-based fracturing fluids [18,19,20,21,22,23,24,25,26,27]. Linear and crosslinked polymer fracturing fluids can achieve high viscosity, less fluid leak-off, and good proppant suspension capabilities for varying reservoir permeabilities. Polymer-based fracturing fluids are also thermally stable. At high pressure, filter cake formation further reduces the leak-off of fluids into the formation. However, high residue that is deposited within the fracture after the completion of fracturing process is a major disadvantage of the polymer-based fracturing fluid. Different types of breakers are used to break the viscosity after completion process. The viscoelastic surfactant-based fracturing fluid is thermodynamically stable and it causes less damage to the formation when compared to the polymer-based gel. However, the rheological properties of viscoelastic gels are severely affected by temperature, counterions, and surfactant concentration. The viscoelastic surfactant-based gels have more leak-off due to low molecular weight and absence of filter cake. Therefore, a fracturing fluid with better rheological properties, thermal stability, proppant suspension capability, and less leak-off is required.



In this work, we introduce a new smart fracturing fluid system that can be either used for proppant fracturing (high pH) or acid fracturing (low pH) operations in tight as well as conventional formations. The fluid system consists of glutamic acid diacetic acid (GLDA) that can replace cross-linker, breaker, biocide, and clay stabilizer from fracturing fluid formulation. GLDA could be manufactured in the form of sodium-GLDA or potassium-GLDA, and both sodium and potassium are considered as clay stabilizers. At the same time, GLDA at high pH is gentle to the clay minerals and does not break them like HCl [28,29]. Also, published literature showed that GLDA not only acts as a biocide, but also boosts the activity and efficiency of biocides as well [30,31]. GLDA is compatible and stable with both freshwater and seawater which is advantageous over other fracturing fluids. It is also stable in high-temperature reservoirs (up to 300 °F). GLDA (which is the main constituent of the newly proposed fracturing fluid) is a low-interfacial tension (IFT) fluid, which will reduce the IFT eliminating the APT. At low pH, GLDA reacts as an acid with the carbonate minerals in the formation producing CO2 as a by-product, and at high pH, it will react with the rocks creating a lower IFT fluid than the initial value, which makes the fluid in both pH ranges effective in reducing the APT effect. The new fluid system was tested and evaluated in low and high permeability sandstones core samples (Scioto and Berea). The fracturing fluid was tested with several polymers at several concentrations and pH ranges.




2. Experimental


The fracturing fluid formulation was prepared by dissolving the polymer and chelating agent in fresh water. Five different polymers used are shown in Table 1. Partially hydrolyzed polyacrylamide (HPAM) and Copolymer of 2-acrylamido-2-methylpropane sulfonic acid and acrylamide (AMPS) were supplied by SNF FLOERGER, France [32,33,34,35,36]. Thermoviscofying polymer (TVP) was obtained from Hengju Polymer Co., Beijing, China. The structures of the chelating agents are given in Table 2. The GLDA was supplied by AkzoNobel, while other chelating agents were purchased from Sigma Aldrich (Saint Louis, MO, USA). Core sample characteristics and mineral compositions of core samples are given in Table 3 and Table 4, respectively. Thermogravimetric analysis (TGA) was carried out using SDT-Q600 (TA Instruments, New Castle, DE, USA) at a heating rate of 9 °F/min under a nitrogen flow rate of 20 cm3/min. Fourier Transform Infrared Spectroscopy (FTIR) of the solutions at a different pH was conducted using Bruker Tensor27 equipment (Bruker, Billerica, MA, USA). The rheological properties were determined using high temperature and high-pressure rheometer (Grace 5600, Grace Instrument Co., Houston, TX, USA).



Two different sandstone cores with varying permeability (Table 3) were used in two coreflooding experiments. The cores were cut, polished, and the end faces were ground. The core samples were saturated with 3 wt % potassium chloride (brine water) to prevent damage occurring from clay minerals if contacted by fresh water. The preparations of core consisted of several steps. The cores were dried in an oven at 250 °F for 24 h. The dry cores were weighted and then saturated with brine under vacuum using a pump and a desiccator for 6 h. The saturated cores were weighted and the porosities of the cores were calculated. The permeabilities of the cores were calculated using Darcy’s law. The schematic diagram of coreflooding setup is shown in Figure 1. For Scioto sandstone core samples, 20 wt % GLDA at pH 12 and 45 pounds per thousand gallons (pptg) of AMPS polymer diluted in deionized (DI) water were prepared for the continuous pumping experiment. For Berea sandstone core sample, 20 wt % GLDA at pH 12 and 70 pptg of XC-Polymer diluted in DI water were prepared for the continuous pumping experiment. The following procedure was adopted for coreflooding experiments:




	
Fill the cell from the top with the fracturing fluid, and tighten the cell top and connect the pressure lines coming from the transfer cells (Figure 2).



	
Insert the core sample into the cell and tighten the cell bottom of the cell against the core sample to prevent leaking and attach the pressure lines leading to the back-pressure system.



	
Set the temperature to the required value and allow enough time for the core sample to be heated (about 1 h).



	
Apply the required pressure on the transfer cells, and open the valves leading to the core cell, and apply the required back pressure to the system, and open the valves leading to the core cell.



	
Using the water pump, the injection rate was set to the required value and activated to start flooding the core sample, the pressure drop was monitored with time until the required pore volumes were injected. Effluents from some intervals were collected for analysis.








The inlet pressure, back pressure, and temperature was 500 psi, 200 psi, and 300 °F, respectively, for both cores. The injection rate for Scioto sandstone core was 1 cm3/min and for the Berea sandstone core it was 20 cm3/min.




3. Results & Discussion


The results and discussion section is divided into four different sections. The first section deals with the thermal stability of polymers that were used in this study. The second section describes the rheological properties of different fracturing fluids. The third section represents the FTIR analysis of the fracturing fluid formulations. Finally, the coreflooding results of the selected formulation are given in the fourth section.



3.1. Thermal Stability


Five different water-soluble polymers from different classes were selected to develop the optimum fracturing fluid formulation using polymer-chelating agent solution. The details of these polymers are given in Table 1. In the first step, the thermal stability of all the polymers was investigated using the thermogravimetric analyzer. Thermogravimetric analysis (Figure 3) showed that HPG polymer had the lowest mass loss of all the tested polymers (11.63%), followed by XC polymer (12.83%), AMPS (13.3%), HPAM (13.8%), and TVP (18.5%). However, the overall tolerance of the five polymers was good when subjected to high temperatures, a 10% average of mass loss of those polymers can be attributed to the residual humidity in the polymer powder and that is indicated by the sharp decline in the mass loss in temperatures up to 212 °F. No severe polymer degradation was noticed in the five polymer samples, which indicates that the polymers are resistive when subjected to temperatures similar to reservoir conditions (up to 350 °F).




3.2. Rheological Properties


The fracturing fluid formulation was developed by evaluating three different chelating agents and five polymers. The performance of three different chelating agents (DTPA, GLDA, and EDTA) with xanthan gum was determined. The apparent viscosity of the xanthan polymer solution in deionized water was measured by adding three different chelating agents at a fixed concentration (20 wt %). The concentration of the polymer was fixed to 0.43 wt % (typical field concentration). Figure 4 shows the apparent viscosity of xanthan gum with three different chelating agents. All of the investigated chelating agents (DTPA, GLDA, and EDTA) exhibited a thickening effect, however, only GLDA experienced breaking behavior without the addition of breakers. Owing to a constant viscosity with time (no breaking), DTPA and EDTA were excluded from further testing. It is, however, worth mentioning that the DTPA and EDTA can be used if a breaker is to be introduced to the system.



Five different polymers (TVP, HPG, XC, AMPS, and HPAM) at a fixed concentration (20 pptg) were mixed with GLDA (20 wt %) and the apparent viscosity was measured versus time for each sample. Figure 5 shows the viscosity of polymers-GLDA solution in deionized water at 300 °F and 300 psi. The maximum thickening effect was obtained using XC polymer followed by HPAM. The viscosity of the XC polymer was 2.9 cP after 370 min. The HPAM achieved the viscosity of water after 280 min, while the TVP and HPG approached the viscosity of water after 100 min. The minimum thickening effect was achieved using AMPS polymer.



Figure 6 shows the apparent viscosity of GLDA-XC polymer solution at different pH values. The mixing of GLDA with XC increased the apparent viscosity from 33 cP (the apparent viscosity of 0.43 wt % XC alone) to higher values at all investigated pH. At a pH of 4, the apparent viscosity of the GLDA-XC polymer solution increased to 55 cP, which was reduced to 50 cP after 10 h due to breakage of linked branches of the polymer. At a pH of 7, the apparent viscosity increased to 75 cP and reduced to 60 cP after 3.5 h. At a pH of 12, the apparent viscosity of the mixture increased to 45 cP. After 7 h, the viscosity of the mixture was reduced to below the initial value of XC polymer. Only at this pH, both thickening and breaking took place, which is the main requirement in fracturing fluids. This indicates breaking characteristics of GLDA at pH 12. The apparent viscosity of the GLDA-XC polymer solution at room temperature (pH = 12) increased 50 cP and remained intact throughout the entire time of mixing (approx. 40 h), which indicated the failure of breaking at room temperature.



Figure 7 shows the apparent viscosity of the AMPS polymer-GLDA solutions at different pH and temperatures. The viscosity of the AMPS-GLDA solutions is higher when compared to the viscosity of the AMPS solutions. The viscosity at pH 4 and pH 7 was almost constant throughout the experiment and no breakage of the solution viscosity was observed at both pH. However, at pH 12, the viscosity of the AMPS-GLDA solutions was increased initially and then decreased. At low temperature (77 °F), the viscosity of the AMPS-GLDA solution was fluctuating between 6 cP and 7 cP without any breaking. This indicates that, at room temperature, the GLDA thickens the polymer solution but it did not break it. This suggests that viscosity of chelating agent-polymer solution strongly depends on temperature and pH. When the polymer concentration was increased to 45 pptg, the initial viscosity was much higher when compared to the solution with 20 pptg solutions. However, the viscosity declined sharply after 30 min, which indicates the breaking of the polymer chains. As expected, increasing polymer concentration enhanced the viscosity of the thickened fluid. However, the stability of the fluid with time under constant shearing decreased.



The concentration of the GLDA was optimized using 45 pptg of AMPS polymer at 300 °F and pH of 12. The apparent viscosity of GLDA-polymer solutions at a different concentration of GLDA is shown in Figure 8. As observed from Figure, 5 wt % of GLDA yielded a very stable solution under high-temperature high-pressure conditions but the viscosity increase was minimal due to the small concentration of GLDA. The solution’s viscosity is very close to the viscosity of the polymer alone, which indicates that the thickening effect was also minimal on this solution. The similar effect was observed at 10% of GLDA. At higher concentrations (20–40%), the thickening effect was increased significantly. At 40% GLDA, the thickening effect was less compared to the effect at 20% and 30%. The highest viscosity was obtained using a GLDA concentration between 20% to 30% and using 45 pptg of AMPS polymer in fresh water. The results clearly indicate that the viscosity thickening effect can be controlled with the concentration of GLDA, and for optimum conditions, it should not be more than 30 wt %. All of the stimulation operations in the field are performed with a concentration of 20 wt % because it was found to be the optimum in case of stimulation [37,38,39]. In this case, 20% of GLDA also showed the optimum results.




3.3. FTIR Analysis


FTIR analysis was carried out to understand the thickening and breaking mechanism using GLDA. The FTIR analysis of GLDA was conducted at pH 4 and pH 12 (Figure 9). At pH 4, the carboxyl group was identified at the wavenumber 3477 cm−1, which are the functional group of GLDA. It is characterized by a broad spectrum at 3477 cm−1 due to the OH group. The presence of C=O from the carboxyl group was identified at wavenumber 1641 cm−1. At the wave number 1396 cm−1, a peak was found and it was caused by the (C-N) group, however, this group is a non-functional group and it will not contribute to the thickening and breaking of the polymer. At pH 12, two peaks were identified at wavenumbers 1587 cm−1 and 1685 cm−1; the first was associated with C=O of the carboxylate group (COO−), while the later was associated with the C=O of a carboxyl group (C(=O) OH). The OH group was also identified at wavenumber 3610 cm−1. Comparison between the two spectra at pH 4 and 12 shows that increasing the pH of GLDA resulted in a reaction between GLDA and base. The reaction between GLDA and base resulted in the partial loss of a proton from COOH group leaving behind the both COOH and COO−, which is evident by the two peaks (1587 cm−1 & 1685 cm−1).



FTIR analysis of the polymer in fresh water and polymer/GLDA solution is given in Figure 10. From the spectrum, the amide group (O=C-NH2) was identified as the functional group, with the carbonyl group (C=O) at a wavenumber of 1631 cm−1 and (N-H) at wavenumber 3488 cm−1. A mixture of GLDA (at pH 12) and the polymer in fresh water was prepared, and FTIR analysis was conducted on this fluid at the thickened and breaking stage in order to identify the functional groups responsible for the thickening-breaking effect. The (OH) from GLDA appeared at a wavenumber of 3621 cm−1. The N-H from the AMPS also contributes to this broad peak. The peak around 1670 cm−1 is due to the contribution of carbonyl from amide group of the polymer and COOH from GLDA. The spectrum also shows two distinct (C-N) groups peaks forming at wavenumber 1403 cm−1 and 1322 cm−1, one coming from the GLDA and the other from the polymer. The initial increase in the viscosity is associated with the partial loss of proton at high pH leaving behind the COO−. This results in the formation of a complex of GLDA and the polymer that cause an increase in the viscosity. However, there is another competing reaction between the polymer and OH−, which will result in the degradation of the polymer chain and viscosity reduction.




3.4. Coreflooding


Two sandstone core samples were cut and prepared for flooding using the continuous pumping setup. The porosity of the core samples was determined by measuring the dry and saturated weight of the core samples. The core samples were dried and weighted, followed by the saturation with 3 wt % KCl. After saturating the core with 3 wt % KCl, the core sample permeability has been measured using the set-up after the flow and pressure difference has been stabilized. The two cores selected were of different permeabilities and different fracturing fluids were evaluated. For high permeability core, 20% GLDA (at pH = 12) with 70 pptg XC polymer was used. For low permeability core, 20% GLDA (pH = 12) with 45 pptg AMPS polymer was injected.



3.4.1. High Permeability Coreflooding


The permeability was calculated using Darcy’s law and the average permeability was found to be 151.2 mD. The fracturing fluid that was used in this core experiment consists of 20 wt % of GLDA (at pH 12) mixed with 70 pptg of XC polymer in fresh water. The reason behind using high polymer concentration is the high permeability of the core sample, which requires a thick fluid system. The viscosity of the developed fluid after thickening reached 200 cP. The experiment was conducted for approximately three hours and the pressure profile is shown in Figure 11. It can be seen from the pressure profile that the fracturing fluid did not flow at the beginning of the experiment due to the high viscosity of the fluid, which suggests that the thickening succeeded. The pressure difference that is required for this fluid to flow was 1048 psi using Darcy’s law. Since the fluid was unable to flow through the core sample, the pressure started to build up until the fluid started to gradually break and hence allowing the fracturing fluid to flow through the core. The pressure started dropping after approximately two hours from the start of the flooding. The return permeability of the core sample was measured by reversing the core and flowing it back with 3 wt % KCl. The average return permeability was found to be 128 mD, and the regained permeability was found to be 85.2% of the original permeability.




3.4.2. Low Permeability Coreflooding


After saturating the core with 3 wt % KCl, the core sample permeability was measured and the average permeability of the core was found to be 3.837 mD. The fracturing fluid was prepared using 20 wt % of GLDA and 45 pptg of AMPS in fresh water. The experiment was conducted for approximately 4 h. It can be seen from the pressure profile (Figure 12) that the fracturing fluid did not flow at the beginning of the experiment due to the high viscosity of the fluid which suggests that the thickening succeeded. The pressure difference that is required for this fluid to flow was 1025 psi using Darcy’s law. Since the fluid was unable to flow through the core sample, the pressure started to build up until the fluid started to gradually break, and hence allowing the fracturing fluid to flow through the core. The pressure started dropping after two hours from the start of the flooding. This result is not with great conformance with the rheology. This is because of the imposed shear rate in a rheological experiment that reduced the stability of the fluid. Whereas, in this case, the fluid was in the static state, which prolonged the breakage of the fluid. The return permeability of the core sample was then measured by reversing the core and flowing it back with 3 wt % KCl. The average return permeability was found to be 3.4067 mD, and the regained permeability was found to be 88.8% of the original permeability.






4. Conclusions


In this work, five different water-soluble polymers and three different chelating agents at various temperature, concentration, and pH were evaluated to develop a new, simple, smart, environmentally-friendly fracturing fluid for fracturing sandstone formations. The fracturing fluid mainly consists of a water-soluble polymer and chelating agent. Thermal stability, rheology, FTIR, and core flooding was performed to determine the optimum conditions and concentration of fracturing fluid. The thermogravimetric analysis reveals that all of the investigated polymers were thermally stable at reservoir temperature. The rheological properties were investigated by changing temperature, pH, shear rate, chelating agent type and concentration, and polymer type and concentration. Among investigated chelating agents, only GLDA shows both thickening and breaking profiles only at basic pH range. EDTA and DTPA showed the thickening behavior but could not break the viscosity. The optimum concentration of the GLDA was found to be between 20% and 30%, and the developed fluid will be more stable at high temperature. Fourier Transform Infrared Spectroscopy analysis was conducted to determine the functional groups that were responsible for the thickening and breaking of the developed fracturing fluid. The main groups that were responsible for the thickening and breaking effect are the amide group (present in the polymer) and the carboxyl group (present in the GLDA). Core flooding experiments were conducted on a low and a high permeability sandstones cores (Scioto & Berea) to prove the effectiveness of the developed fluid, by treating the core surface as the fracture face and studying the invasion of the fluid to the core. The coreflooding of Scioto (low permeability core) yielded a return permeability of 89% and the fluid used composed of 20 wt % of GLDA, 45 pptg of Co-polymer (AMPS) mixed in fresh water. The second coreflooding experiment on Berea sandstone yielded a return permeability of 85% and the fluid that was used to flood composed of 20 wt % GLDA, 70 pptg of XC polymer mixed with fresh water. The developed fluid could result in replacing several additives that are essential in the formulation of typical fracturing fluids, such as cross-linker, breaker, biocide, clay stabilizer, and friction reducer.
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Figure 1. Filter-Press with continuous pumping set-up. 
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Figure 2. Cell and Core specifications of the continuous pumping set up. 
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Figure 3. Thermogravimetric analysis of polymers used in this work. 
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Figure 4. Apparent viscosity of xanthan gum (0.43 wt %) with three different chelating agents (20 wt %) in deionized water (Shear rate- 170.3 s−1, T = 200 °F, P = 300 psi, pH = 12). 
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Figure 5. Apparent viscosity of different polymers (20 pptg) with glutamic acid diacetic acid (GLDA) (20 wt %) in deionized water (Shear rate = 511 s−1, T = 300 °F, P = 300 psi, pH = 12). 
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Figure 6. Apparent viscosity XC polymer (0.43 wt %) with GLDA (20 wt %) at different pH values (Shear rate- 170.3 s−1, P = 300 psi). 
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Figure 7. Apparent viscosity of acrylamide (AMPS) polymer with GLDA (20 wt %) at different conditions (Shear rate = 511 s−1, P = 300 psi). 
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Figure 8. Apparent viscosity of AMPS polymer with a different concentration of GLDA at 300 °F (Shear rate = 511 s−1, P = 300 psi, pH = 12). 
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Figure 9. Fourier Transform Infrared Spectroscopy (FTIR) analysis of GLDA at different pH. 
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Figure 10. FTIR analysis of polymer in deionized water and developed fracturing fluid. 
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Figure 11. Coreflooding data for the GLDA-XC polymer solution. 
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Figure 12. Coreflooding data for GLDA-AMPS polymer solution. 
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Table 1. The structure of the polymers used in this study.
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	Polymer
	Abbreviation
	Structure





	Partially hydrolyzed polyacrylamide
	HPAM
	 [image: Energies 11 01663 i001]



	Xanthan Gum
	XC
	 [image: Energies 11 01663 i002]



	Guar Gum
	HPG
	 [image: Energies 11 01663 i003]



	Thermoviscofying polymer
	TVP
	 [image: Energies 11 01663 i004]



	Copolymer of 2-acrylamido-2-methylpropane sulfonic acid and acrylamide
	AMPS
	 [image: Energies 11 01663 i005]










[image: Table] 





Table 2. The structure of the chelating agents used in this study.
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	Chelating Agent
	Abbreviation
	Structure





	glutamic acid diacetic acid
	GLDA
	 [image: Energies 11 01663 i006]



	Ethylenediaminetetraacetic acid
	EDTA
	 [image: Energies 11 01663 i007]



	Diethylenetriaminepentaacetic acid
	DTPA
	 [image: Energies 11 01663 i008]
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Table 3. Core Sample Characterization.
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	Sample
	1
	2





	Type
	Sandstone
	Sandstone



	Origin
	Berea
	Scioto



	Diameter
	6.35 cm
	6.35 cm



	Length
	5.08 cm
	5.08 cm



	Pore Volume
	35.4 cm3
	19.3 cm3



	Bulk Volume
	160.8 cm3
	160.8 cm3



	Porosity
	22%
	12%



	Pemreability
	151.2 mD
	3.837 mD
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Table 4. Mineral composition of the core samples.
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	Minerals
	Berea
	Scioto





	Quartz
	86
	70



	Dolomite
	1
	-



	Calcite
	2
	-



	Feldspar
	3
	2



	Kaolinite
	5
	Trace



	Illite
	1
	18



	Chlorite
	2
	4



	Plagioclase
	-
	5
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media/file13.jpg
ity (¢P)
2

Viscosi

iy
s

)
S

——300 °F, pH 4, 20 ppig
——300 °F, pH 12, 20 pptg

[—300 °F, pH 7,20 pptg
—77 °F, pH 12, 20 pptg
|—300 °F, pH 12, 45 pptg

100 200 300
Time (mins)






media/file4.png
Seals

Back Pressure ———yjp

44— [nlet Flow

Fracture Face






media/file30.png





media/file27.png





media/file18.png
Transmittance (%)

—pH4
—pH 12

4000

3500

3000

2500 2000 1500
Wavenumber (cm)

1000

500





media/file21.jpg
Pressure (psi)

1000

100

10

3wt.% KCL

Zero Invasion Region

AP Tnjection Rﬁg——\

GLDA/Polymer

100
‘Time (mins)

150

200

z
k-
E






media/file31.png





media/file26.png
i

—0

-(04,—11':(%— i

ONa*

=





media/file3.jpg
Back Pressure —»

—— Tnlet Flow

Fracture Face

2in






media/file22.png
1000

3 wt.% KCL

e AP  ==]njection Rate

100 -

)

&

=

510-
1

al —

GLDA/Polymer

Zero Invas'rn Region

B—_

S0 100
Time (mins)

150

200

[\
n

[\
)

—
n

—
&

N

Injection rate (cm3/min)






media/file19.jpg
Transmittance (%)

a

[—Polymer
— Frac Fluid (Thickened)
| —Frac Fluid (Broken)

4000

3500

3000

2500 2000 1500 1000
‘Wavenumber (cm™)

500





media/file7.jpg
60

IS
S

Apparent Viscosity (cP)
»
2

——GLDA
——EDTA
——DTPA

500

1000 1500
Time (mins)

2000

2500





media/file28.png





media/file10.png
Viscosity ( cP)

0 100 200

Time (mins)





media/file32.png





media/file14.png
100

Viscosit

N
&

y(cP)

e
—

[\
)

] —300 °F, pH 4, 20 pptg
' —300 °F, pH 12, 20 pptg
_ —300 °F, pH 7, 20 pptg
- =77 °F, pH 12, 20 pptg
. —300 °F, pH 12, 45 pptg

0 100 200 300
Time (mins)





media/file11.jpg
—=200 °F, pH 4

=200 °F, pH 12

Viscosity ( cP)

0 500 1,000 1,500 2,000 2,500
Time (mins)





media/file6.png
100

95

90

85

WEIGHT LOSS (%)

80

| \ —HPAM —AMPS —— XC
—HPG ——TVP
75 125 175 225 275 325

TEMPERATURE (°F)





media/file15.jpg
Viscosity ( ¢P)

250

200

@
g

100

50

=5 % GLDA

=10 % GLDA
=20 % GLDA
=30 % GLDA
——40 % GLDA

100 150
Time (mins)





nav.xhtml


  energies-11-01663


  
    		
      energies-11-01663
    


  




  





media/file29.png





media/file16.png
—
N
&

Viscosity ( cP)

50 -

100 -

S0

=10 % GLDA
=20 % GLDA
=30 % GLDA
=40 % GLDA

—3 % GLDA

100 150
Time (mins)





media/file2.png
® Pressure Gauge

Pressure Display

Voltage Recorder

Filter Press

Pressure Display
Thermostat "

Tansducer

Transfer Cells :

Pneumatic Water Pump '

A

Water Tank
Nitrogen Cell
Pressure Gauge
Relief Valve
Back Pressure Tansducer
. t
Nitrogen Cell
Pressure Gauge

Pressure Display

- 4;::] 1

Data Acquisition PC

Power lines
—y  Pressure lines






media/file20.png
R VAR

—Polymer
—Frac Fluid (Thickened)
—Frac Fluid (Broken)

Transmittance (%)

4000 3500 3000 2500 2000 1500 1000 500
Wavenumber (cm)





media/file23.jpg
1000

Pressure (psi)

100

10

3wt% KCL | =—AP ——Injection Rate

GLDA/Polymer

Zero Invagsion Region

25

20

n rate (cm/mi






media/file5.jpg
WEIGHT LOSS (%)

100

80

—HPAM —AMPS ——XC
—HPG  —TVP

75

125

175 225 275 325
TEMPERATURE (°F)






media/file24.png
1000
3 wt.% KCL e AP === ]njection Rate
= 100 - GLDA/Polymer i
g
=
7 i
S 10 -
- Zero InVTion Region
1 | | ‘//-
0 S0 100 150 200 250

Time (mins)

ok k. [\ (\®
> N > N

Injection rate (cm3/min)

N






media/file33.png
COOH
oc /\ﬂ ~N ~~N"COOH
kCOOH





media/file1.jpg





media/file12.png
Viscosity ( cP)

80 -
70
60
50
40 :
30
20 :
10 3

e

=200 °F, pl1 4
=200 °F, pH 12
=200 °F, pH 7
===77 °F, pH 12

C—

500

1,000

1,500 2,000 2,500

Time (mins)





media/file9.jpg
Viscosity ( ¢P)

100

200
Time (mins)






media/file0.png





media/file8.png
60

A
S
;>40 -
4 e GLDA
A
N e EDT A
= e DTPA
<P
= 20 -
=
=
<

0 T T T T T T T T T T T T T T T T T T

0 500 1000 1500 2000

Time (mins)

2500





media/file17.jpg
Transmittance (%)

—pH4
—pH12

4000

3500

3000

2500 2000 1500
‘Wavenumber (cm)

1000

500





