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Abstract: Because the limitations of water-based fracturing fluids restrict their fracturing efficiency
and scope of application, liquid CO2 is regarded as a promising substitute, owing to its unique
characteristics, including its greater environmental friendliness, shorter clean-up time, greater
adsorption capacity than CH4 and less formation damage. Conversely, the disadvantage of high
leak-off rate of CO2 fracturing due to its very low viscosity determines its applicability in gas shales
with ultra-low permeability, accurate measurement of shale permeability to CO2 is therefore crucial
to evaluate the appropriate injection rate and total consumption of CO2. The main purpose of this
study is to accurately measure shale permeability to CO2 flow during hydraulic fracturing, and to
compare the leak-off of CO2 and water fracturing. A series of permeability tests was conducted on
cylindrical shale samples 38 mm in diameter and 19 mm long using water, CO2 in different phases
and N2 considering multiple influencing factors. According to the experimental results, the apparent
permeability of shale matrix to gaseous CO2 or N2 is greatly over-estimated compared with intrinsic
permeability or that of liquid CO2 due to the Klinkenberg effect. This phenomenon explains that
the permeability values measured under steady-state conditions are much higher than those under
transient conditions. Supercritical CO2 with higher molecular kinetic energy has slightly higher
permeability than liquid CO2. The leak-off rate of CO2 is an order of magnitude higher than that of
water under the same injection conditions due to its lower viscosity. The significant decrease of shale
permeability to gas after water flooding is due to the water block effect, and much longer clean-up
time and deep water imbibition depth greatly impede the gas transport from the shale matrix to the
created fractures. Therefore, it is necessary to substitute water-based fracturing fluids with liquid or
super-critical CO2 in clay-abundant shale formations.

Keywords: CO2 permeability; leak-off rate; shale gas; hydraulic fracturing; water flooding;
formation damage

1. Introduction

Extensive shale gas extraction has greatly eased the pressure on the global energy supply [1], and
hydraulic fracturing plays an indispensable and irreplaceable role in the commercial production of
shale gas, because the ultra-low permeability of shale seriously hinders gas transport from the shale
matrix to the production well, and the created fracture network, as a bridge between them, can greatly
increase shale formation permeability [2,3]. Water-based fracturing fluids are currently used, but the
combination of water and shale matrix with strong water imbibition results in severe formation damage.
The softening effect caused by the imbibition of water can lead to strength reduction of fracture surfaces,
and large deformation of fracture surfaces greatly reduces its self-propping potential and increases
the embedment depth of proppants, which greatly compress the fracture width and may even close
the fracture completely [4,5]. The imbibition of water into the shale matrix easily causes a blocking
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effect in tiny pore throats, which closes the channels for gas transport from the shale matrix to the
created fractures [6]. The formation damage caused by injected water is more serious in clay-abundant
shale formations, because the interaction between water and clay minerals can induce the swelling
of clay minerals, which further reduces the porosity of pores and fractures [7]. In the light of other
environmental concerns caused by water-based fracturing fluids, such as large water consumption and
wastewater generation [8], hydraulic fracturing have been banned legislatively in some countries [9].
Therefore, a more suitable fracturing fluid should be considered for shale gas production, and the
mixture of sand and liquid CO2 with its many unique advantages has been successfully applied in
hydraulic fracturing [10–12]. Except of proppant effect of sand, the strong self-propping potential of
the reservoir rock is also crucial to the success of CO2 fracturing, because the unfavorable proppant
placement, due to the low proppant carrying capacity of CO2 caused by its low viscosity, restricts the
fracture conductivity, while more complex and extensive fracture networks created by CO2 fracturing
can counteract this disadvantage in shale formations with ultra-low permeability. Viscosity-modified
CO2 can also be used to deliver proppants after the CO2 fracturing [13]. The advantages of CO2 mainly
include its greater environmental friendliness and better fracturing efficiency.

In relation to environmental aspects, firstly, as a kind of non-aqueous fracturing fluid, the use
of CO2 can greatly reduce the water consumption in shale gas production, especially for shale gas
formations located in drought regions [14,15]. Consequently, no wastewater flows back after fracturing,
which can mitigate the risk that underground water and surface water are contaminated, because
fracturing wastewater contains hazardous substances, including high levels of salinity, toxic elements
and radioactivity [16,17]. Secondly, due to the much greater adsorption capacity of CO2 than CH4 [18],
injection of CO2 into shale formations can significantly promote the desorption process of CH4, and
the substitution process provides a scientific basis for effective geological sequestration of CO2 in shale
gas formations [19].

In terms of better fracturing efficiency, after the fracturing process, most of the injected CO2,
in the injection well and the created fractures, will flow back to the surface, and this process takes
only several hours or days instead of several years for water-based fracturing fluids [20]. The fast
flow-back process with high recovery not only saves time and costs for gas production, but also makes
it a reality to collect and recycle CO2 to the next fracturing stage, which can greatly reduce the cost of
CO2 fracturing [21]. Another significant advantage of CO2 is that its low combination with the shale
matrix leads to less formation damage which is common for water-based fracturing fluids.

The potential drawbacks of CO2 as fracturing fluid which limit its popularity include security
concerns, high costs and high leak-off rates [22]. The higher cost than water is mainly associated with
the difficulties in the capture and transport of CO2, but the market demand for CO2 storage and the
shorter distance of power plants to shale gas formations greatly alleviate the cost pressures. The risk
of CO2 leakage to operational staff requires much more strict operating standards and more secure
fracturing equipment. In terms of the feasibility of fracturing using liquid CO2, the high leak-off rate of
injected CO2 with ultra-low viscosity may threaten the development of fracturing pressure. Drawing
lessons from the application of hydraulic proppant fracturing with highly viscosity in high permeable
formations (10−12–10−14 m2) and slick water fracturing in low permeable formations (<10−15 m2) [23],
the permeability of suitable shale formations for CO2 fracturing should be much lower than 10−15 m2.
Considering that the permeability of shale gas formation is usually less than 10−17 m2 [24], the ultra-low
permeability significantly reduces the leak-off rate of injected CO2 into the shale matrix, otherwise, the
huge leak-off rate poses challenges to the fracturing equipment for a fast injection rate and sufficient
injection volume. An accurate estimation of the leak-off of injected CO2 is crucial for fracturing design
using CO2, and an understanding of the flow behavior of injected CO2 through the shale matrix
is therefore a precondition for CO2 fracturing. The complicated thermodynamic properties of CO2

increase the difficulty of evaluating the apparent permeability to CO2 [25], and many other media,
such as N2, water and He, have been used to measure the permeability of shale samples. The difference
of flow behavior among different injected fluids may lead to the mis-estimation of the leak-off rate of
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injected CO2, especially for the permeability value measured using gas, where the Klinkenberg effect
cannot be ignored [26,27]. The aim of this study is therefore to distinguish the difference between
permeability values using different measure media and to find the most appropriate method for the
estimation of CO2 leak-off, following a comprehensive set of permeability tests on shale samples.

2. Experimental Methodology

2.1. Samples Description

Shale outcrop samples were obtained from the Lower Cambrian Niutitang Formation, which is
located in north-western Hunan Province, China [28,29]. According to X-ray diffraction analysis, the
mineral composition of the tested samples mainly included quartz and clay minerals (see Figure 1).
The density of sample was 2.20 g/cm3 and their porosity ranged from 0.3–1.3% with an average value
of 0.65% [29]. There were none natural fractures in the tested samples, and only matrix permeability
was investigated in this study. The pores encircled by mineral particles are of infinitesimally tiny size,
because shale is mainly composed of fine-grained particles, and clogging and plugging of pore throats
by tiny particles lead to many isolated holes and greatly reduce the connectivity of the pore structure.
The low porosity and tiny pores are responsible for the ultra-low permeability of the shale samples.

Figure 1. Mineral composition of shale samples [29].

2.2. Experimental Set-Up

Due to the ultra-low permeability of the shale samples, a high precision core flooding set-up
was used (see Figure 2). In order to reduce the measurement time, the length of shale samples is
usually shorter than that of standard samples [30,31], in this study, the length is 19 mm, which is half
the samples’ diameter. The cylindrical cores were placed into flexible Viton sleeves with the same
diameter, both ends were covered by a pedestal and steel cap, respectively, and two clamps were used
to tighten the pedestal and steel cap with the Viton sleeve to prevent any leakage of confining fluid
into samples. The assembly was then inserted in the core holder and fixed, fluid was injected from
one end of samples to the other. In order to simulate the shale samples under complicated geological
conditions, the effects of confining pressure, temperature, injection pressure were considered [32].
The related sub-systems are explained in detail in the following section.

(1) Confining pressure. After installing the sample into the cell, distilled water was injected into the
enclosed core holder using compressed air. Once the core holder was fully filled with water, the outlet
was closed and a pump was used to provide the required confining manually. During the test, the
confining fluid was reserved in the enclosed core holder to maintain the confining pressure. Although
the confining pressure value was sensitive to the change of temperature of the core holder and sample
deformation, the maximum variation of around 50 Psi recorded during tests was much lower than the
confining pressure and can therefore be ignored. For the tests considering the effect of temperature,
in order to avoid the effect of temperature variation on the confining pressure, the confining fluid
remained in the core holder for at least 1 day before being heated to the oven temperature before
applying confining pressure.
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(2) Injection system. Different injection pump systems were used for water and gas injection.
For water injection cases, a QX-6000 metering pump (Quizix, Broken Arrow, OK, USA) was used,
controlled by the Quizix Pump Works Version 6.15 software, and the water injection rate was
automatically recorded by the data acquisition system with an accuracy of 0.001 mL/min. For CO2

or N2 injection cases, a 500D syringe pump was used (Teledyne Isco, Lincoln, NE, USA), full scale of
25.86 MPa, with an accuracy of 0.1% FS for the pressure transducer and 0.01 mL/min for flow rate).
In this study, both pumps were controlled to maintain a constant injection pressure.

(3) Temperature control. Because water, CO2 and N2 are sensitive to temperature variation, it is
extremely important to maintain a stable temperature environment, including the room temperature
and core holder temperature. The room temperature was maintained by high-powered central air
conditioning at 22 ◦C, and the core holder temperature was controlled by a temperature-controlled
electric oven. Two temperature transducers were placed in the core holder and oven to monitor the
temperature change, and the recorded data showed that the temperature variation was less than
0.1 ◦C. In order to alleviate the influence of room temperature on the pressure transducers, most of the
pressure tubing was located in the oven, and much longer injection tubes were rolled to guarantee that
injected fluids were heated to the required temperature before being injected into shale samples.

(4) Flow meter. In the steady-state tests, a flowmeter (MilliGascounter®, MGC-1 V3.0,
Ritter, Bochum, Germany) with a measuring accuracy of 3% and a measurement range between
1 mL/h–1 L/h was used to measure the extremely low flow rates of CO2 and N2 at downstream.

(5) Pressure transducers. For permeability tests, especially under transient conditions, the accurate
recording of upstream and downstream pressures is crucial to the permeability calculation. Therefore,
pressure transducers with an accuracy of 0.01% of reading were used to measure the gas pressure and
confining pressure, and pressure values were recorded on Microsoft Excel spreadsheets.

Figure 2. Core flooding set-up for permeability tests.

2.3. Experimental Procedure

In this study, permeability tests under steady-state conditions and transient conditions were
conducted, and the influences of effective stress, the Klinkenberg effect and the temperature effect
were also considered. Moreover, since hydraulic fracturing using CO2 is currently used as a remedial
method for unsuccessful fractured shale formations using water-based fracturing fluids, the influence
of water flooding on the permeability of the shale matrix to gas is vital, not only for the leak-off of
injected CO2 but also for shale gas production after fracturing.

2.3.1. Steady-State Conditions and Transient Conditions

Accurate quantitative determination of the permeability of fine-grained reservoir rock is quite
difficult, and multiple laboratory methods based on different sample scales result in a wide range of
permeability estimates [24]. Steady-state tests using water or gas are widely used to measure rock
permeability due to their simplicity, while for samples from tight oil/gas reservoirs, especially for
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shale samples with permeability less than 0.01 mD, the extremely low flow rate through the sample
challenges the measurement accuracy, non-steady-state tests are therefore commonly used for shale
samples. While the investigation of the difference between steady-state tests and non-steady-state
tests is seldom for shale samples. Therefore, the influence of different methodologies on permeability
measurement was also investigated in this study.

In the steady-state tests with atmosphere pressure (0.1 MPa) at downstream, the influence of
stress condition on shale permeability to CO2 was investigated under a series for a series of confining
pressures (Pc = 10, 20, 30 and 40 MPa) and injection pressures (1–7 MPa at Pc = 10 MPa, and 2–16 MPa
at Pc = 20–40 MPa). For each injection case, the development of flow rate with time was recorded
and the injection pressure was increased to the next value when the flow rate reached steady-state
condition. Similarly, the confining pressure was increased from 10 MPa to 40 MPa. The permeability
testing using N2 was conducted as a contrast test only at Pc = 40 MPa after CO2 injection in order to
avoid the influence of stress fatigue.

Under the transient conditions, permeability testing under the same stress conditions as
steady-state conditions was conducted. In real shale formations, the injected CO2 is in supercritical
state due to the high temperature in deep shale formations. The effect of temperature on the flow
behavior of CO2 is therefore crucial to the leak-off rate of injected CO2 and this was investigated
under transient conditions, because supercritical CO2 cannot be present at low pressure around
downstream under steady-state conditions. The temperatures considered were at room temperature
(22 ◦C), 35 ◦C and 45 ◦C, and the temperature effect was also only investigated at confining
pressure of 40 MPa. For transient methods, the accuracy of calculated permeability depends on
two prerequisites: the quantification and leakproofness of the downstream volume. Preventing
leakage from the downstream volume is crucial, because even a very small leak can seriously influence
the pressure development at downstream. A trial test was therefore done by checking the pressure
change after closing all valves at upstream and downstream when the downstream pressure reached
equilibrium under transient conditions. The downstream volume was calculated by analyzing the
development of downstream pressure after closing the downstream valve at a stable flow rate under
steady-state conditions.

2.3.2. Effect of Water Flooding

In the light of the blocking effect of water flooding on matrix permeability and the dominant
application of water-based fracturing fluids in shale gas enhancement, the investigation of the flow
behavior of water through the shale matrix and the flow behavior of gas after water flooding are
therefore significant to compare the feasibility of water- and CO2-based fracturing fluids. After the
last N2 injection case in the steady-state tests, water was injected into the sample at the same injection
pressure of 16 MPa. During the water flooding process, the downstream was open to the atmosphere,
and the sample was regarded as fully saturated when water appeared at downstream after nearly
3 days, and the entire process of water flooding lasted for 7 days. Shale’s permeability to water can be
regarded as its intrinsic permeability and was used in contrast to the flow behavior of gas. After the
water flooding process, N2 was injected again to check its flow capacity through the shale matrix
at 16 MPa. During the fracturing and production processes, the pore pressure in the shale matrix
evolves within a wide range, and a series of injection pressures of water and N2 ought therefore to be
conducted. However, due to the extremely long time required for shale samples, only the injection
pressure of 16 MPa was considered in this study.

3. Comparison of Permeability between Steady-State and Transient Conditions

The main objective of this study was to estimate the leak-off rate of injected CO2 into shale
formations, which depends on the permeability values of reservoir rock. Steady-state and transient
methods are currently used to measure matrix permeability, and distinct difference in results between
the two methods increase the difficulty of evaluating the CO2 consumption and injection rates.
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An accurate calculation of permeability to CO2 is therefore crucial for CO2 fracturing by analyzing the
difference between steady-state and transient methods.

3.1. Permeability Testing under Steady-State Conditions

Due to the ultra-low permeability of the shale matrix, the downstream flow rates reached
steady-state condition slowly, and the development of flow rates of CO2 and N2 with time at the
confining pressure 40 MPa is shown in Figure 3. The time to steady state for each CO2 injection case is
in the magnitude of hours, and with the increase of injection pressure, the higher pressure gradient
along the sample leads to a higher flow velocity. Meanwhile the lower compressibility of CO2 at higher
pressure results in quicker pressure evolution and higher flow velocity accelerates this process, and the
time for each injection case with the same increasing range of 2 MPa therefore decreased. For example,
the time decreased from 7 h at injection pressure of 4 MPa to 3.7 h at 6 MPa, while the time decreased
significantly when the injection pressure was in liquid state with much lower compressibility, and the
time further decreased to 1.8 h at 14 MPa. For N2 injection cases, its lower viscosity can speed up to
a steady state when the injection pressure is higher than 6 MPa, the time required for the pressure
equilibrium state of N2 is much shorter than CO2. Interestingly, when the injection pressure is lower
than 6 MPa, the viscosity of N2 is slightly higher than that of gaseous CO2, but the pressure equilibrium
time for N2 is still much shorter than CO2. This is possibly due to the higher adsorption capacity of
CO2, because the flow channels for CO2 are squeezed by the thin adsorption layer [33], which can
reduce the flow capacity for CO2 in the shale matrix with many of tiny pore throats. For example, the
flow rates for CO2 at 2 MPa and 4 MPa were 0.018 L/h and 0.0649 L/h, respectively, which are lower
than the 0.0226 L/h and 0.0807 L/h for N2. Overall, the average time for N2 injection cases was around
15–30% of that for CO2, and the permeability value calculated using N2 may exaggerate the leak-off of
injected CO2.

Figure 3. Development of downstream flow rates with time under steady-state conditions at confining
pressure of 40 MPa.

The steady-state flow rates for CO2 and N2 are shown in Figure 4, which indicates that the
variation trend of flow rates with injection pressure is different for the two gases. For CO2 injection
cases, there is a quadratic growth with injection pressure when the injection pressure is lower than
6 MPa, because CO2 is in the gaseous state with nearly constant viscosity, and according to Darcy’s
law for gas, its flow rates are not only directly proportional to the pressure gradient along the sample
but also to the gas density, which is proportional to the gas pressure. The quadratic increment with
injection pressure testifies that the flow behavior of gaseous CO2 through the shale matrix belongs to
laminar flow (see Equation (1)). The same phenomenon also appears for gas N2 injection cases when
the injection pressure is between 2 and 16 MPa. However, the variation trend for CO2 injection cases
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changes when the CO2 injection pressure is higher than 6 MPa, and according to Figure 4, there is a
nearly linear relationship between flow rate and injection pressure instead of a quadratic relationship
when CO2 is injected in liquid state at upstream. This is because the nearly linear relationship between
CO2 density and pressure is invalid for liquid CO2, which has a relatively stable density, and according
to Darcy’s law, the CO2 flow rate in the liquid state is proportional to the pressure gradient, and
the presence of liquid CO2 is therefore responsible for the linear increase of flow rate instead of the
quadratic increase for N2. Due to the phase transition of CO2, the leak-off rate of injected CO2 at higher
pressure mainly depends on its flow behavior in the liquid phase, which is much lower than the value
calculated for the gaseous phase. For example, at a confining pressure 40 MPa, the flow rate of N2

is slightly higher than that of CO2 when the injection pressure is between 2 MPa to 6 MPa. With the
increase of injection pressure to 8 MPa and 10 MPa, the flow rates of CO2 overtake that of N2, because
a portion of the sample around upstream is filled by liquid CO2 with higher density, which enhances
the flow rate of CO2. When the injection pressures are higher than 12 MPa, the length of existence
of liquid CO2 along sample increases, the higher density of CO2 should endow it with higher flow
rate than N2. However, strangely, the flow rates of N2 overtake that of CO2 again and the difference
between their flow rates further increases with the increase of injection pressure. This indicates that the
permeability to liquid CO2 is much lower than that of gaseous CO2 and the linear increase of leak-off
of CO2 with injection pressure is within a controllable range and acceptable for fracturing operations.

Figure 4. Variation of downstream flow rates with injection pressure under steady-state conditions.

Besides the effect of injection pressure on the flow rates of CO2, the effect of confining pressure is
also obvious. According to Figure 4, with the increase of confining pressure, the flow rate decreases
due to the compression of flow channels under higher confining pressure, while the deformation
resistance of flow channels is also enhanced, which leads to the slowing of the decrease of flow rate
with confining pressure. For example, at an injection pressure of 4 MPa, the flow rate at 10 MPa
confining pressure is 0.1643 L/h, and decreases by 33.0%, 53.1% and 60.5% at 20 MPa, 30 MPa and
40 MPa.

The permeability of the shale matrix to gaseous CO2 and N2 was calculated using Poiseuille’s
equation based on Darcy’s law for laminar flow of a compressible gas through a porous material
(see Equation (1)) [34]. Due to the co-existence of gaseous and liquid CO2 along the sample when
the injection pressure is higher than the liquefaction point at 6 MPa, Darcy’s law is only suitable for
gaseous CO2 injection cases less than 6 MPa, and the permeability for liquid CO2 was calculated using
the method proposed by Zhang et al. [25] (see Equations (2) and (3)). Figure 5 shows the calculated
permeability to CO2 and N2, and that the permeability of N2 decreases with the increase of injection
pressure due to the Klinkenberg effect [26]. Based on the fitting formula of Klinkenberg effect in
Equation (4), it is speculated that the Klinkenberg parameter b for N2 injection is around 1.67 MPa,
and the permeability to liquid kl is 47 nD. The great difference in permeability between gas and liquid
in Equation (4) explains the suddenly decrease of permeability to CO2 from 59.92 nD at 6 MPa to
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27.70 nD at 8 MPa injection pressure under 40 MPa confinement. The opposite trend of permeability
with injection pressure indicates the dominant influence of the Klinkenberg effect and effective stress in
gaseous and liquid sections, respectively. Interestingly, unlike the continuous decrease of permeability
to N2 with the increase of injection pressure, the variation of permeability to gaseous CO2 is much
more complicated (see Figure 5). The density of gaseous CO2 under high pressures is higher than the
predicted value for ideal gas, which is responsible for the higher apparent permeability to CO2 at 6 MPa
injection pressure than that at 4 MPa injection pressure. The much lower effective stress at 10 MPa
confining pressure can accelerate the increase of permeability to CO2 at the injection pressure between
2 MPa and 6MPa. The permeability value for liquid CO2 at 16 MPa injection pressure is 32.25 nD is
slightly lower than the intrinsic permeability of N2, because all the permeability results calculated
under steady state conditions for N2 injection cases are over-estimated due to the Klinkenberg effect
around downstream:

kg =
2QoPoµL

A
(

P2
i − P2

o
) (1)

where, kg is the permeability for gas (m2), Qo is flow rate at downstream (m3/s), µ is gas viscosity
(MPa·s), L and A are the length (m) and cross-sectional area of specimen (m2), and Po and Pi are
downstream pressure and upstream pressure (MPa):

Ll = L− Lg = L− Q6L
Qo

(2)

kl =
Qlµl Ll

A(Pi − Pt)
(3)

where, Ll is the length of liquid CO2 in the sample (m), Lg is the length of gas CO2 in the sample (m),
Q6 is the flow rate at 6 MPa injection pressure (m3/s), kl is the permeability for liquid CO2 at a certain
injection pressure (>6 MPa) (m2), Ql is the liquid CO2 flow rate at liquefaction point (m3/s), µl is the
viscosity of liquid CO2 at room temperature (MPa·s), Pt is pressure at liquefaction point and here it
equals 6 MPa (MPa), and Pi is upstream pressure (MPa):

kg = kl(1 +
4cl
r
) = kl(1 +

cκ

π
√

2r3

T
P
) = kl(1 +

b
P
) (4)

where, kg and kl are the permeability to gas and liquid (m2), c is a constant, r is pore radius (m), l is
mean free path of CO2 molecules (m), κ is Boltzmann’s constant (MJ·K−1), T is gas temperature (K),
P is gas pressure (MPa) and b is the Klinkenberg slip factor (MPa).

Figure 5. Relationship between the calculated permeability to CO2 and N2 and injection pressure
under steady-state conditions.
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3.2. Permeability Testing under Transient Conditions

Due to the lack of consideration of the Klinkenberg effect in the traditional Darcy’s law for
steady-state tests in Equation (1), the accuracy of permeability results is unconvincing. Therefore,
in order to obtain the accurate evolution of permeability with pore pressure, the pressure difference
between upstream and downstream should be controlled to within a small range, which can be realized
under transient conditions or by controlling the back-pressure at downstream. In this study, transient
tests were conducted to measure the permeability to CO2 at different pressures. The permeability
values were calculated using Equations (5) and (6) [35], where a pressure difference between upstream
and downstream less than 0.2 MPa is adopted to reduce the influence of pore pressure on permeability:

∆P(t) = ∆P0e−αt (5)

α =
kA

βVdownLµ
(6)

where, α is the decay exponent (s−1), ∆P0 is the initial pressure difference between upstream and
downstream (MPa), which equals 0.2MPa, ∆P(t) is the pressure difference between upstream and
downstream with time (MPa), k is the permeability to CO2 (m2), β is the CO2 compressibility(MPa−1),
Vdown is the volume of the downstream reservoir (m3), µ is the CO2 viscosity (MPa·s), and L and A are
the length (m) and cross-section area (m2) of the sample, respectively.

Figure 6 shows the development of downstream pressure with time at the injection pressure of
2 MPa. Unlike the stable pressure gradient under each steady-state condition, the pressure gradient
under transient conditions decreases with time. Much slower flow rates under transient conditions
significantly extended the time for pressure equilibrium to be reached. It took around 80 h and 16 h to
reach pressure equilibrium at 2 MPa and 16 MPa injection pressure respectively at 40 MPa confining
pressure, which are much longer than 12.5 h and 1.8 h under steady-state conditions, and the faster
pressure equilibrium process at higher injection pressure is because of lower compressibility.

Figure 6. Development of downstream pressure with time under transient conditions at injection
pressure of 2 MPa.

The permeability under transient conditions is shown in Figure 7, which demonstrates the
opposite trend of permeability evolution with injection pressure at different phases, which is similar
to that under steady-state conditions. At 40 MPa confining pressure, the permeability decreased
from 54.79 nD at 2 MPa injection pressure to 15.47 nD at 6 MPa injection pressure, while it started to
increase from 12.77 nD at 8 MPa injection pressure to 27.24 nD at 16 MPa. The slightly upward trend of
permeability with injection pressure for liquid CO2 is related to the decrease of effective stress, and the
permeability at 8 MPa is around 12.77 nD, which can be considered as the intrinsic permeability of the
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shale matrix at confining pressure of 40 MPa because the influence of pore pressure is minimal at 8 MPa
injection pressure for liquid CO2. In the gaseous phase, the significant decrease of permeability is due
to the Klinkenberg effect. According to Equation (4), the Klinkenberg parameter is around 6.75 MPa
when the liquid permeability is assumed to be 12.77 nD, and the parameter is much higher than that
under steady-state conditions, which indicates the Klinkenberg effect is severely under-estimated
under steady-state conditions, because the permeability for each injection case is over-estimated due to
the presence of the Klinkenberg effect at low pore pressure. During the hydraulic fracturing process in
target shale formations, the leak-off rate of CO2 mainly occurs under the pressure difference between
the injection pressure and the pore pressure, and the pressure gradient decreases with the increase of
leak-off distance. The circumstances of CO2 leak-off are similar to those of the permeability test under
transient conditions where the CO2 is in liquid phase, and the Klinkenberg effect is non-existent in this
process, and the higher leak-off rate based on the flow behavior of gaseous CO2 under steady-state
conditions can exaggerate CO2 consumption and the injection rate during the fracturing process.

Figure 7. Relationship between the calculated permeability to CO2 and injection pressures under
transient conditions.

4. Effect of Temperature

The temperature in shale formations increases with depth from the surface, and the average
geothermal gradient is about 25–30 ◦C/km [36]. Assuming the surface temperature is 15 ◦C, the
temperature of gas shale located 1 km deep equals around 40 ◦C and reaches 65 ◦C at 2 km deep.
During the fracturing process, the heat exchange between liquid CO2 and the rock matrix can quickly
increase the temperature of CO2 and exceeds its critical temperature at 31.1 ◦C, and the phase of
CO2 therefore converts to super-critical state from sub-critical state in the target shale reservoirs [37].
The properties of super-critical CO2 are between gas and liquid state, and it behaves likes gas with low
viscosity while it has a density like that of the liquid state [38]. Since the lower viscosity of super-critical
CO2 indicates higher penetrability compared with sub-critical CO2, but also a higher leak-off rate, the
investigation of the flow behavior of super-critical CO2 is therefore crucial for fracturing operations.

A comparison of the flow behavior of CO2 in the shale matrix among different phases was
investigated under different injection pressures and test temperatures. Three temperatures were
considered: room temperature (22 ◦C), 35 ◦C and 45 ◦C. CO2 transfers into supercritical state when
its pressure and temperature exceed 8.31 MPa and 31.1 ◦C, respectively. According to Figure 8, when
the CO2 is in the gaseous state with injection pressure less than 8MPa, the effect of temperature on
permeability is very slight and the permeability at 35 ◦C and 45 ◦C is almost the same as that at room
temperature. With the increase of injection pressure, the phase of CO2 transfers from gaseous to
liquid or supercritical state, and the permeability slightly increases with the temperature. For example,
with the increase of temperature from 22 ◦C to 35 ◦C and 45 ◦C, the permeability at 16 MPa injection
pressure increases from 27.24 nD to 35.01 nD and 33.17 nD, respectively. The reason for the increase
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of permeability with temperature is possibly due to the greater molecular kinetic energy of CO2

at higher temperatures. According to Klinkenberg [39], the slip flow effect between gas molecules
and solid walls increases the matrix permeability to gas, because a relatively higher frequency of
collisions between gas molecules and solid walls results in an additional flux around the wall surface.
Theoretically, the slip flow effect only happens in the gaseous state and not the liquid state. However,
the basic behaviors of super-critical CO2 are similar to those of gaseous CO2, the collisions between
the CO2 molecules in super-critical state and the pore walls are stronger than those in sub-critical state,
and the possibly slight slip flow effect takes place around the wall surface. Therefore, super-critical
CO2 has greater penetration capacity through shale matrix than sub-critical CO2 [40]. Another reason
for the greater permeability to super-critical CO2 may be that its lower viscosity endows it with higher
penetration capacity even through tiny pore channels which are not available for liquid CO2.

Figure 8. Relationship between the calculated permeability to CO2 and injection pressure at
different temperature.

The much lower viscosity and the higher permeability to CO2 than water can lead to serious
leak-off into the shale formation, which means that much higher pump rate is needed to maintain and
increase the injection pressure. Therefore, an understanding of the total fracturing fluid leak-off rate is
one of the most important indices in fracturing design using CO2, especially in relation to the total
volume or weight of fracturing fluids. The permeability of shale matrix to water is valued 22.10 nD
which is measured in Section 5 at 16 MPa injection pressure, and the permeability to liquid CO2 is
valued at the same injection pressure at room temperature, according to Equations (7) and (8), the
ratio of the leak-off rate in volume of CO2 and water is around 14.03, and the ratio in weight is around
12.62. With the increase of penetration distance, the penetration distance of CO2 is much higher than
that of water due to lower viscosity, and a lower pressure gradient for CO2 injection can reduce its
leak-off rate, which indicates that the ratio of the leak-off rate between CO2 and water is over-valued.
Considering the much higher leak-off of injection CO2 into shale formations, fracturing equipment
with higher injection rates and carrying capacities are therefore necessary.

Due to the slightly higher permeability to super-critical CO2, the ratio of the leak-off rate in the
volume of CO2 and water increases from 14.03 to 23.19. While the lower density of super-critical CO2

can restrain the leak-off rate in mass, the ratio only slightly increases from 12.62 to 17.62:

RQ =
Qc

Qw
= (

kc∆P
µcL

)/(
kw∆P
µwL

) =
kc

kw

µw

µc
(7)

where, Qc and Qw are leak-off rate in volume of CO2 and water under the same conditions (m3/s),
respectively, RQ is their ratio, and µw and µc are the viscosity of CO2 and water (MPa·s), respectively.
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RW =
Qcρc

Qwρw
=

kc

kw

µw

µc

ρc

ρw
(8)

where, RW is the ratio of leak-off rate in weight of CO2 and water under the same conditions, ρc and
ρw are the density of CO2 and water (kg/m3), respectively.

5. Effect of Water Flooding

Water-based fracturing fluids are currently used to enhance shale gas productivity, but the low
recovery of fracturing water results in large volumes of residual water in shale reservoirs [41], which
leads to serious formation damage to the flow capacity of both the shale matrix and the created
fractures. In a shale matrix with ultra-low permeability, the effect of water blocking dominates the
decrease of flow capacity to gas [6,42]. Since the decreased permeability in the damaged zone can
decrease the gas transport between the shale matrix and fractures, understanding of the gas flow
behavior considering water flooding is therefore crucial in order to appraise fracturing efficiency.

The intrinsic permeability of the shale matrix can be approximately measured by fluid water,
which can avoid the presence of the slip flow effect for gas. After the flow behavior through shale
matrix settled down and the calculated apparent permeability to water flow was 22.10 nD at 16 MPa
injection pressure, the permeability was much lower than that for CO2 or N2, which indicates that
the influence of the slip flow effect of gas in shale cannot be ignored. During the hydraulic fracturing
process, high-pressure water at up to 100 MPa is injected into the shale formation, and an amount
of residual water is imbibed into shale matrix. In order to investigate the effect of water flooding on
the flow capacity of the matrix to gas, N2 was injected into the saturated sample again at 16 MPa
injection pressure. The flow rate is shown in Figure 9, after injection lasting 20 mins, the first flow rate
data were recorded, and the flow rate slowly increased with time. The flow rates equaled 0.0469 L/h,
0.0819 L/h and 0.1336 L/h after 24, 72 and 240 h, which are much lower than the flow rate of around
0.7830 L/h before water flooding. The effect of water blocking greatly decreases the flow capacity of
gas from the shale matrix to fractures, and although after a long clean-up time of several years in shale
formations, the flow capacity can be recovered to some extent, the long-term recovery process greatly
reduces shale gas production efficiency. Based on the permeability data, the depth of the formation
damage zone can be calculated by Equations (9)–(11), where the imbibition rate decreases with the
increase of imbibition distance, due to the decreased pressure gradient, and the ratio between nominal
water velocity through the whole transverse section and through pore channels in the shale matrix is
assumed to be the shale porosity (the porosity of the tested shale samples was assumed to be 1.3% [29]),
because water flows only through the pore system instead of the whole cross-section. According to
Equation (11), there is a linear relationship between imbibition distance and the square root of the time,
if the pressure difference is assumed at 50 MPa which is roughly equal to the breakdown pressures in
an Eagle Ford horizontal well [43], the advance of imbibition distance with time is shown in Figure 10.
The imbibition distance can reach 26.1 mm in the first hour and 127.6 mm in the first day, and up to
570.1 mm after 20 days. Even after the fracturing process, a substantial volume of residual fracturing
water is left in the created fractures and the imbibition distance can be further advanced due to the
high capillary pressure in the shale matrix. Considering the much longer imbibition distance and lower
pressure gradient of gas in the formation damaged zone than the tested samples, the cleaning process
must be significantly slower than that of the tested sample. The depth of the formation damage zone is
around 570 mm, which is 30 times that of the tested sample, and the pressure difference is assumed to
be around 1 MPa, which is only 1/16 that of the tested sample. According to Equation (11), for the
stored gas in the undamaged zone to flow through the damaged zone to the created fractures, it takes
at least 200 days, without considering any permeability change in the damaged zone. Conservatively
assuming the condition that the cleaning time is inversely proportional to the pressure gradient and is
proportional to the imbibition distance, the recovery rate of permeability in the formation damaged
zone is only 1/480 of that in the tested sample. The permeability in the formation damaged zone only
recovers to only 7.74% and 11.69% after gas production of 2 years and 5 years, respectively. Years of
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clean-up period greatly reduce the hydraulic fracturing efficiency and inhibit gas production [20].
This indicates the necessity of the application of non-water fracturing fluids in fracturing, especially for
shale formations with ultra-low permeability and abundant clay content, as liquid CO2 with ultra-low
viscosity has stronger penetrability through the shale matrix and the effect of water blocking may
be negligible.

Figure 9. Evolution of calculated permeability to N2 with time after water flooding.

Figure 10. Imbibition depth vs. time during fracturing process with injection pressure of 50 MPa.

After the fracturing work using liquid CO2, most CO2 flows back to the surface, and the flow-back
process can also push the residual water towards the surface and further reduce the formation
damage [44]. However a considerable portion of CO2 leaks-off to the shale matrix and is absorbed
in tiny pores, and its greater adsorption capacity can easily replace adsorbent methane and promote
natural gas production [19,45]. In addition, the significant reduction of permeability in the damaged
zone greatly restricts gas transport between the shale matrix and the created fractures, suggesting that
fluids with higher viscosity can also be considered to be injected into the formation after CO2 injection
for the CO2 sequestration projects in depleted shale gas formations. This would improve the feasibility
of geological storage in these formations and ease misgivings that injected CO2 in the shale matrix can
leak-off through created fractures:

u(t) =
k∆P
µL(t)

(9)

where, u(t) is the nominal water velocity through the whole transverse section (m/s), k is the apparent
permeability for water (m3), ∆P is the pressure difference between the fracture and the advancing
edge of water flow (MPa), µ is the viscosity of water (1 × 10−9 MPa·s) and L(t) is the distance of water
imbibition through the shale matrix (m):
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v(t) = L′(t) =
µ(t)

φ
(10)

where, ν(t) is the water velocity through the pore structure in the shale matrix (m/s), which is the
differential coefficient of the distance of water imbibition, and φ is the shale porosity:

L(t) =

√
2k∆P

φµ

√
t (11)

6. Conclusions

Considering the various unfavorable features of water-based fracturing fluids, CO2 with its
many advantages has been considered as an alternative. However, the high leak-off of CO2 into the
shale formation during hydraulic fracturing hinders its large-scale application in unconventional gas
exploitation. The flow behavior of injected CO2 through the shale matrix was therefore investigated in
this study. A series of permeability tests was conducted on shale samples using water, CO2 and N2

considering the influencing factors, confining pressure, injection pressure, temperature, water flooding
and different drained conditions. Based on the experimental results, several conclusions can be drawn
as follows:

(1) Although the viscosity of N2 is slightly higher than that of gaseous CO2 when the injection
pressure is lower than 6 MPa, the flow rates for N2 are higher than that for CO2 and the pressure
equilibrium time for N2 is much shorter than CO2. This is possibly due to the higher adsorption
capacity of CO2, because the flow channels for CO2 are squeezed by the thin adsorption layer,
the shale permeability to gaseous CO2 measured using N2 is therefore over-valued.

(2) In permeability tests using CO2 under steady-state conditions, phase transition can greatly
influence the flow behavior of CO2, and the linear relationship between flow rate and injection
pressure under high injection pressures indicates that the permeability to liquid CO2 is much
lower than that to gaseous CO2. Permeability tests under transient conditions can successfully
avoid the influence of the Klinkenberg effect at low pressure on higher injection pressures, and
are more suitable for the hydraulic fracturing. The permeability for liquid CO2 under transient
conditions is close to that for water, which can be regarded as the intrinsic permeability of the
shale matrix.

(3) The high temperatures of shale formations transform the injected CO2 into super-critical state,
possibly due to the higher molecular energy, and the collisions between CO2 molecules and pore
walls promote its flow rate, leading to a slightly higher permeability at higher temperatures.
The lower density of super-critical CO2 can reduce the leak-off rate in terms of mass, while in
contrast, its lower viscosity and higher permeability promote the leak-off rate in volume and
dominate the effect of temperature on its leak-off. For example, leak-off in terms of mass increases
around 40% at 16 MPa with the increase of temperature from 22 ◦C to 45 ◦C.

(4) Due to the blocking effect of water, the much lower permeability of shale saturated by water
can seriously reduce the gas production rate, and the very long time for recovery reduces the
economic benefits of shale gas, which highlights the advantage of liquid CO2 as fracturing
fluid. According to the Darcy’s law, the leak-off rate in mass of CO2 is around an order of
magnitude higher than that of water, which indicates higher requirements for injection rate and
total consumption. In contrast, the damaged zone formed by the injection of high viscosity fluid
after CO2 injection in CO2 sequestration projects can significantly reduce the risk of CO2 leakage
through the created fracture system.
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