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Abstract: To investigate the mechanism whereby well shut-ins and surfactant additivities can increase
hydrocarbon output after hydraulic fracturing, in this paper, we simulated well shut-ins with one
end open (OEO) rock samples and performed a serious of imbibition experiments with different
surfactant additivities based on contact angle (CA) and interfacial tension (IFT) measurements.
Scanning electron microscope (SEM) and nuclear magnetic resonance (NMR) methods were also
been adopted in the detection before and after shut-ins. The results demonstrated that cationic
surfactants result in better improving oil recovery (IOR) performance due to their high wettability
alteration ability on vertical fracture faces, while different kinds of surfactants have a similar ability
in lowering IFT. As for shut-ins duration, the NMR transverse relaxation time (T2) spectrum move
towards the left side, indicating that aqueous phases migrate to smaller pores spaces and deeper
distances. Aqueous migration during the shut-ins period can remove near-fracture trapped water,
while surfactant additivities can accelerate and enhance this process, and these two points are the
most direct reasons for the observed hydrocarbon output increases.

Keywords: low permeability reservoir; hydraulic fracturing; well shut-ins; surfactant additivities;
imbibition; wettability alteration

1. Introduction

In recent years, the development of low permeability reservoirs has become a research hotpot
because of the key technology breakthroughs of horizontal well drilling and multi-stage hydraulic
fracturing [1–3]. To economically extract hydrocarbons from low permeability formations, a large
amount of hydraulic fluids must be pumped into the underground reservoirs to create complex
fractures and maximize the contact area with the formation [4,5]. It is reported that only 5–50%
of these fracturing fluids can be recovered and a large portion would be ‘lost’ in the underground
reservoirs [6,7].

Fracturing fluid loss into formations can cause serious mechanical damage such as clay swelling,
solid precipitation and fines migration, which will block the original connected pores and throats
and result in physical permeability reduction [8]. What’s more, injected fracturing fluids ‘trapped’
in the near fracture can form a 2-phase seepage resistance and reduce the effective permeability for

Energies 2017, 10, 1279; doi:10.3390/en10091279 www.mdpi.com/journal/energies

http://www.mdpi.com/journal/energies
http://www.mdpi.com
https://orcid.org/0000-0002-6346-9100
http://dx.doi.org/10.3390/en10091279
http://www.mdpi.com/journal/energies


Energies 2017, 10, 1279 2 of 14

the oil phase [9,10]. Fluid loss into formations may result in a fast pressure reduction when depletion
has developed in a reservoir, without a pressure supply such as water or gas injection, in which the
drawdown pressure must be larger than the capillary pressure to drain pore fluids to the wellbore
during the well production process [11]. At the same time, recent studies have shown that hydrocarbon
production increased dramatically in Marcellus shale reservoirs when they had undergone 6 months
of well shut-ins after hydraulic fracturing [12]. Scholars explain this by aqueous redistribution due to
spontaneous imbibition or osmotic pressure [6,7,10–13]. The aqueous phase enters pore spaces and
displaces the original oil phase during capillary-dominated counter-current imbibition, decreasing
water saturation and increasing the oil phase relative permeability simultaneously [14]. Aqueous phase
redistribution and seepage into deeper distances under this imbibition mechanism can be responsible
for both fluid losses and low fracturing fluid recovery [15]. However, these explanations are mainly
hypothesis or based on previous experience, and no convincing pore scale or visible evidence has been
published to demonstrate the underlying mechanism.

Friction reducing agents, stabilizing agents, bactericidal agents and gel breaker agents are
traditionally used fracturing fluids additives, while in recent years, drawing on the experience about
chemical agents from tertiary oil recovery, several studies have added surfactants into fracturing
fluids in case they may have the potential to reduce water losses and increase oil production [16,17].
Scholars usually evaluate chemical fluids’ effectiveness in improved oil recovery (IOR) or enhanced oil
recovery (EOR) via wettability alteration and IFT reduction [18–20]. When oil-wet rock wettability is
altered to water-wet, capillary forces can turn from negative to positive for spontaneous imbibition.
Furthermore, IFT reduction can reduce capillary trapped water and it has a potential enhancing effect
for near-fracture water removal [21]. Under these conditions, scholars have demonstrated that well
shut-ins and surfactant additives are the two effective ways to increase hydrocarbon outputs after
hydraulic fracturing [22,23]. Despite the above studies, there still remaining questions regarding
well shut-ins and surfactant additives as IOR techniques in low permeability reservoirs. Previous
explanations for the mechanism whereby well shut-ins can enhance hydrocarbon production are
mainly based on former empirical experience and lack any firm evidence. In addition, even though
scholars have evaluated surfactant additives using wettability and IFT parameters, there still no unified
quantitative method to describe their efficacy and applicability.

In this paper, we investigated the inner mechanism explaining why well shut-ins and surfactant
additives can improve hydrocarbon output after hydraulic fracturing. We combined different kinds of
surfactants into slickwater and performed a serious of OEO imbibition experiments to simulate well
shut-ins. SEM and NMR methods have been used to investigate the aqueous phase migration before
and after well shut-ins. In addition, we propose a new parameter combining wettability and IFT to
evaluate surfactant additive effectiveness.

2. Methodology

When underground reservoir rocks are saturated in an oil environment, organic acid reactions,
colloidal and asphaltene adsorption will make the rocks present oil-wet characteristics, while when
these oil-wet rocks are then placed into surfactant fluids, their wettability may change [24]. To evaluate
the efficiency of different surfactants in oil recovery after shut-ins, we performed OEO imbibition
experiments, where the uncovered end of rock samples acted as fracture faces. What’s more, a SEM
method was used to investigate the pore structures and pore-fill material migration during shut-ins.
A NMR method was also been used to investigate the aqueous phase migration during the shut-ins
period. By doing this, we wished to uncover the explanation for why well shut-ins and surfactant
additives can increase hydrocarbon output.

2.1. Rock Samples

Rock samples of a typical low permeability oil reservoir in the T1B1 formation, Mahu Block,
Xinjiang Oil Field were selected. These rock samples were drilled out from 3850 m to 3870 m (TVD)
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underground. Firstly, porosity was measured with a helium pycometer (KXD-2, Huaxing Petroleum
Devices Company, Nantong, China) and permeability was measured with a pulse decay permeability
system (STY-2, Huaxing Petroleum Devices Company, Nantong, China) using the nitrogen injection
method. In the measurement of permeability, confining pressure and pore pressure were 10 MPa and
7 MPa, respectively. According to the measurements, the average porosity was about 9.0% and the
average permeability was about 2.2 mD. Specific physical characters of the rock samples used in our
experiments are listed in Table 1.

Table 1. Characters of the original rock samples.

NO. Diameter/mm Length/mm Porosity/% Permeability/(mD)

1 25.30 29.60 9.75 2.5
2 25.00 29.90 9.33 1.9
3 25.10 29.30 8.29 2.3
4 25.00 29.10 8.81 2.1

Secondly, the mineral composition was detected via the X-ray diffraction (XRD) method using
some crushed rock samples Results revealed that quartz, feldspar, calcite, dolomite and clay are the
main components, and their proportion are 43.8%, 2.2%, 7.1%, 28.5% and 18.4%, respectively. Lastly,
the pore structure was investigated using the constant-rate mercury injection method (ASPE-730,
Coretest Systems, Morgan Hill, CA, USA) on a spare core sample from the same formation. From the
pore radius distribution map (Figure 1), we can find that the pore radius is mainly concentrated in
the interval of 60–300 µm, and is relatively uniform. This may be a reason for the relatively high
permeability measured by the nitrogen measurement method.
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Figure 1. Pore radius distribution map. The pore radius is mainly concentrated in the 60–300 µm
interval and relatively uniform.

Thirdly, as shown in Figures 2 and 3, we cut every rock sample into two parts using a waterless
cutting method. The waterless cutting machine works slowly and steadily because the diamond wire
can easily break, but this method can maintain the original wetting status of rock samples. Then we
named the upper part (diameter ≈ 25 mm, thickness ≈ 2 mm) as slices 1# to 4# and the lower part
(diameter ≈ 25 mm, height ≈ 26 mm) as core plug 1# to plug 4#. To summarize, we have three different
kinds of rock samples in our experiment: rock slices for SEM detection, rock slices for contact angle
measurement and rock plugs for imbibition experiments.
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Figure 3. Waterless cutting machine. Waterless cutting methods do not use water as coolant fluid and
can keep the rock in the original wetting status.

2.2. Fluids Properties

Here we compound three different kinds of surfactants into slickwater. Octadecyltrimethyl-
ammonium chloride TC-8(1831), sodium dodecyl sulfate (K12) and alkyl glucoside APG-0810 were
chosen as cationic, anionic and non-ionic surfactants, respectively. Base fluid is slickwater, which is
formulated with water, 0.1% mass fraction of hydroxypropyl guar gum (HPG) and 2% mass fraction
of KCl.

To differentiate the NMR signals of water from those of oil, a fluorinated oil (Lubricant Oil
Company, Beijing, China) was selected as the simulated oil. In the detection, there would no NMR
signals from the fluorinated oil, so under these conditions, all signals collected by the NMR apparatus
were from the aqueous phase. In this way, aqueous phase migration and original oil distribution in
rock samples can be determined by comparing T2 spectrum differences before and after the shut-ins
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period [25]. Another reason for using fluorinated oil is that it doesn’t interact with pore rocks and
synthetic brine. At 25 ◦C, the density of fluorinated oil is 1.8 g/cm3 and the viscosity is 2.1 mPa·s.
The mineral ion composition of the synthetic brine is listed in Table 2 and it was used to produce 100%
water saturation using a water flooding setup.

Table 2. Mineral ion content of synthetic brine.

Mineral Ions Na+ + K+ Ca2+ Mg2+ SO4
2− Cl− HCO3

−

Ion content/(mg·L−1) 2375 16 41 38 1356 1058

2.3. SEM Detection

Rock slices used in SEM detection are cut from the original core plugs using the waterless
cutting method. They are square in shape with a side length of 9 mm. We scanned the same
position on the rock slice at 600–1600 magnification before and after soaking in slickwater for 100 h.
In this way, we can investigate the pore and throat characteristics and intergranular clay mineral
characteristics on a microscopic scale. What’s more, the influence of shut-ins duration on rock surfaces
and mineral particles migration can also be investigated. In this SEM detection process, a QUANTA200
type SEM apparatus (FEI, Eindhoven, The Netherlands) and an INCA350 type energy spectrometer
(Oxford Instruments, Oxford, UK) were used and this process is performed at room temperature
and pressure.

2.4. NMR Detection Metholodgy

The NMR analyzer is a small and compact apparatus that can be used in the research of pore
size distribution, pore water content and pore water migration in geotechnical engineering. In this
content, we used a NMR analyzer to investigate aqueous phase migration during shut-ins duration.
According to previous studies [26], the relaxation of nuclei in a single channel can be described by the
relaxation time and the NMR T2 spectrum can be expressed using Equation (1):

1
T2

=
1

T2B
+

1
T2S

+
1

T2D
(1)

where T2 is total NMR transverse relaxation time; T2B is the bulk relaxation time, which is determined
by saturated fluid properties; T2S is the surface relaxation time, which has a high correlation with pore
size; T2D is the diffusion relaxation time, which is determined by the molecular diffusion of the fluids.

In our experiments, T2D can be neglected because the magnetic field is homogeneous. T2B can
also be neglected when using the same fluids in a specific experiment. Under these circumstances,
the T2 spectrum can be simplified as:

1
T2

≈ 1
T2S

= ρ2

(
S
V

)
(2)

where, ρ2 is surface relaxivity, which is a constant for a specific rock sample and is determined by its
pore surface properties and mineral composition. S is the interstitial surface area, V is the pore volume.
S/V is the surface area, which is in inversely proportional to the pore radius. Therefore, the T2 spectrum
is mainly affected by the pore radius, with a large pore radius corresponding to longer T2 values while
a small pore radius corresponds to shorter T2 values. Hence, if a relationship between pore radius and
T2 value can be found, the NMR T2 spectrum can be converted to a pore radius distribution curve and
the inside pore structures can be evaluated by the NMR data.

In NMR detection, we measured the T2 spectrum of one rock sample four different times:
after water injection, after oil injection, after 50 h shut-ins and after 90 h shut-ins. During the
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NMR measurement, a RecCore-04 type NMR apparatus (Academia Sinica Company, Beijing, China)
was used.

2.5. Contact Angle Measurement

Firstly, we polished the surface of core slices 1#~4# with fine sandpaper, and removed small
particles and dust using a rubber pipette bulb to ensure the rock surface smooth and clean. Secondly,
we put the core slices into simulated oil and aged them for 7 days in an oven at a temperature of
86 ◦C. This step aimed to make rock samples revert to their oil status. After that, we cleaned their
surface using absorbent paper and dried them in an oven at 86 ◦C for 15 min to eliminate the surface
phases. Thirdly, we measured the contact angle using an automated goniometer (DSA100 type, KRUSS
Company, Hamburg, Germany, Figure 4.). In this process, a drop (15 µL) of DI water was dripped on
the rock sample surface, and the contact angle between the DI water and rock sample was calculated
from a camera screenshot. Lastly, we put the rock samples into different kinds of surfactant fluids for
4 days at 86 ◦C and repeated step 3 to measure the contact angles after surfactant fluid treatment.
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2.6. IFT Measurement

Here we use a force tension meter (K100 type, KRUSS Company, Hamburg, Germany, Figure 5.)
to measure the IFT between simulated oil with base fluids, cationic surfactant, anionic surfactant and
non-ionic surfactant at 86 ◦C.
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2.7. OEO Imbibition Experiment

Core plugs 1#~4# are used in the imbibition tests and the following steps are needed to make
these rock samples present a lipophilic status initially. Here, a core flooding experiment setup is used
and the confining pressure is always 2 MPa larger than the displacement pressure.

Firstly, vacuum is applied and 1PV synthetic brine injected into the rock sample to establish
100% water saturation. Secondly, we inject 10 PV simulated oil into the rock sample at a variable
rate, from 0.1 mL/min and 0.2 mL/min to 0.3 mL/min, then age the rock sample for 14 days under
the experimental temperature. Thirdly, as shown in Figure 6, we wrap the cylindrical surface and
left end surface of the rock sample using resin glue. After that, we put the rock sample into the
experimental fluids horizontally to ensure the opened surface is vertically placed. This is a physical
model to simulate well shut-ins duration and the open face is used to simulate a fracture face. During
this shut-ins period, the aqueous phase imbibed into the rock matrix forms the opened fracture face,
and displaces the oil phase out from the opposite direction. This counter-current imbibition is capillary
pressure dominated, and there is no gravity influence. During the shut-ins period, we record the
weight changes and calculate the imbibition recovery.
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Figure 6. Sketch of the set-up to simulate the shut-ins period. The cylindrical surface and the left end
of the rock were sealed, so this is a one end open experiment to simulate well shut-ins and the effect of
different surfactant additives.

3. Results

3.1. SEM Results Before and After Soaking

Figure 7 shows core sample SEM images before and after soaking, A1 and A2 are images obtained
before soaking while A2 and B2 are images obtained after soaking. From Figure 7 we can find that
clay swelling, solid precipitation and fines migration happens after soaking. For example, at Point 1,
some less cemented particles migrate to new places, fill and block the original pore spaces. At Point 2,
some already existing fractures tend to close up or semi-close up because of clay swelling and rock
softening, e.g., the width of one fracture was reduced from 12.93 µm to 11.18 µm for a decrease
percentage of 13.5%. These will result in pore space reduction and permeability damage to the rock
sample matrix.

At the same time, some new fractures will open as shown at Point 3, while whether these new-open
fractures could contribute to effective porosity and permeability is still worth discussing, because they
are isolated and not continuous. This can be an intuitive image for porosity and permeability reduction
caused by fluid losses and clay swelling during shut-ins, and the high clay content is the reason for
this phenomenon.
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Figure 7. SEM results before and after soaking. (A1,B1) were detected before soaking, (A2,B2) were
detected after soaking. From the contrast map, we can find that clay swelling, solid precipitation and
fines migration happens after the soaking. (A1) SEM image of point A before soaking; (A2) SEM image
of point A after soaking; (B1) SEM image of point B before soaking; (B2) SEM image of point B
after soaking.

3.2. NMR Results before and after Soaking

The T2 spectrum distribution of the rock sample before and after soaking is shown in Figure 8.
The blue line shows 100% water saturatation status and the red line shows the initial oil saturation
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Figure 8. T2 spectrum shift during the soaking duration. The spectrum shifts towards left during
soaking indicating that the aqueous phase migrates from large pore spaces to smaller ones.
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In the next step, when turning to the soaking duration, e.g., after 50 h and 90 h’ soaking, oil in
the interval of 70–300 ms is recovered because the T2 spectrum shifted from intervals of 300 ms to
intervals of 70 ms after 90 h’ soaking time. Finally, oil in the intervals of 0.1–10 ms remained in the
rock matrix. From the above discussion, the T2 spectrum shifts towards the left side indicating that
the aqueous phase migrates from large pore spaces to smaller ones. We can also say that the main
migration direction of the aqueous phase during the soaking is from larger pores to smaller ones. High
capillary pressure in smaller pores can be the reason for this phenomenon.

3.3. Contact angle Measure Result

The contact angle of DI water and the initial wetting core slices lies in the interval of 105◦ and
125◦, this phenomenon showing the lipophilic state of the initial rock sample. After surfactant fluid
treatment, the contact angle decreased. As shown in Figure 9, the contact angle of core slice 1#
(soaked in slickwater) is 103.1◦, a decrease of about 20◦. The contact angles of core slice 2# (soaked in
cationic surfactant), 3# (soaked in nonionic surfactants) and 4# (soaked in anionic surfactant) were
32.6◦, 53.9◦ and 73.4◦, decreases of about 75◦, 55◦ and 40◦, respectively. The results showed that
rock samples present different degrees of wettability alteration after treatment in different kinds of
surfactants and cationic surfactants have a much better ability at changing the wettability.
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3.4. IFT Measurement Result

As shown in Figure 10, IFT between simulated oil and slickwater is 17.26 mN/m, which is the
largest. At the same concentration, IFT between simulated oil and anionic surfactant is the lowest,
while generally speaking, different kinds of surfactants have a similar ability in lowering IFT and none
has a particularly prominent performance. Another phenomenon is the fast IFT decrease with the
increase of surfactant concentration for each kind of surfactant.
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3.5. Imbibition Experiment Results

As shown in Figure 11, for core plug 1#, after soaking in slickwater for 11.4 h, oil began to appear
on the uncovered surface. It can also be seen that oil output curve increased slowly and the ultimate
oil recovery was only 4.95% after 90 h, while for core plugs 2#~4#, immersed in cationic surfactants,
nonionic surfactants and anionic surfactants, respectively, the oil output curves have a similar shape,
rising rapidly in the early period and showing a better recovery than core plug 1#.
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4. Discussion

After the treatment with surfactants, the core samples’ wettability changed from hydrophilic to
lipophilic which will alter the capillary pressure to an advance force. In addition, IFT decrease may
lead the oil phase to move more easily. Here, we use the adhesion reduction factor to evaluate this
comprehensive effect. The adhesion reduction factor can be defined as the product of the IFT factor
and the wettability factor, and these concepts are defined as follows:
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(1) IFT factor:
Eσ =

σ1

σ0
(3)

where, Eσ is IFT factor, dimensionless; σ1 is IFT between surfactants and simulated oil, mN/m, σ0 is
IFT between slickwater and simulated oil, mN/m;

(2) Wettability factor:

Eθ =
1 − cos θ1

1 − cos θ0
(4)

where, Eθ is wettability factor, dimensionless; θ1 is contact angle of DI water on rock surface after
soaking period, degree; θ0 is contact angle of DI water on rock surface before soaking period, degree.

(3) Adhesion reduction factor

In the imbibition process, the oil phase has to conquer the adhesion resistance to move from one
place to another and this adhesion work is related to the IFT and contact angle. As described above,
we define the adhesion reduction factor using Equation (5):

EA = EσEθ =
σ1

σ0

1 − cos θ1

1 − cos θ0
(5)

Finally, we put all experimental data into Table 3 and draw it in Figure 12. As shown in Figure 13,
we put the imbibition recovery, IFT factor, wettability factor and adhesion reduction factor into
a logarithmic coordinate system. We can see that, even though the anionic surfactant can decrease
IFT to a better level, the ultimate imbibition recovery is still dependent on the adhesion reduction
factor. Cationic surfactant additives have the lowest adhesion reduction factor while also the largest
oil recovery. The ultimate imbibition recovery and adhesion reduction factor maintains an inverse
proportion, the lower the adhesion reduction factor, the higher the imbibition recovery.

Table 3. Experiment results of surfactant additivities in the OEO imbibition process.

NO. Fluids Surface
Tension/(mN·m−1) IFT/(mN·m−1) θ0/◦ θ1/◦ Eσ Eθ EA IOR/%

1# Slickwater 60.61 17.26 123.5 103.1 1.000 0.79 0.790 4.95
2# Slickwater + cationic surfactant 32.20 0.43 107.6 32.6 0.025 0.12 0.003 21.29
3# Slickwater + non-ionic surfactant 29.21 1.22 110.5 53.9 0.071 0.30 0.021 9.91
4# Slickwater + anionic surfactant 29.78 0.38 112.6 73.4 0.022 0.51 0.011 15.84

Previous studies have revealed that during hydraulic fracturing, fluid losses and water invasion
may cause permeability and hydrocarbon production damage [27]. Figure 13 is a schematic map
of fluid loss and water invasion during hydraulic fracturing. Studies have revealed that this
invading water is mainly distributed near horizontal wells and hydraulic fracture faces [5–8].
These aqueous phases occupy large amounts of the pore spaces that originally belonged to the
oil phase. The consequences of this situation are pore space discontinuity, capillary discontinuity
and 2-phase seepage resistance. Afterwards this will lead to a huge pressure drop in the depletion
development process. Our experiment has demonstrated that both well shut-ins and surfactant
additivities can improve oil output during hydraulic fracturing. As illustrated in the NMR results,
during the well shut-ins period, aqueous phases redistribute and migrate to smaller pore spaces
and deeper distances via capillary dominated counter-current imbibition. In this way, near-fracture
water-blocks can be removed by well shut-ins and a smooth and fluent channel for oil phase flow
can be formed accompanying the reduction of aqueous phase in pore spaces. What’s more, when the
aqueous phase is imbibed into formation pore spaces, water saturation decreases which will result
in an increase of oil relative permeability. Near fracture water-block removal may be the most direct
reason for high hydrocarbon output after hydraulic fracturing shut-ins.
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Figure 13. Scheme map of water-block removal. Near fracture water-block removal may be the most
direct reason for high hydrocarbon output after hydraulic fracturing shut-ins.

It is worth mentioning that well shut-ins can last for several months or more during actual
industry operation and such a long time may cause serious economic problems. Our experiment has
also showed that surfactant additives can accelerate the water-block removal procedure through the
promotion of aqueous migration. This is mainly due to wettability alteration and an IFT reduction
mechanism. When core samples changed to water-wet after soaking in surfactants, the capillary
force turned to an advance force for spontaneous imbibition. In addition, IFT reduction caused by
surfactants can reduce capillary trap forces, which will make oil and aqueous phases move easier in
pores and throats. In this way, surfactant additives accelerate the velocity of aqueous redistribution
and water-block removal. It should also be noted that in industry operation, large amounts of cationic
surfactant will be adsorbed onto the negative charged pore surfaces, so high concentrations are needed
and the economic issues of using cationic surfactant additivities should also be considered.

5. Conclusions

(1) Cationic surfactants have better IOR performance in OEO imbibition experiment due to their
high wettability alteration ability on vertical fracture faces. The adhesion factor is an effective
evaluation parameter, and the lower the adhesion factor, the higher the imbibition recovery.

(2) During the soaking duration, the aqueous phases redistribute and migrate to smaller pore spaces
and deeper distances via an imbibition mechanism. Thus, water-blocks distributed near the
fracture face can be removed and this process can be enhanced by surfactant additives. Near
fracture water-block removal may be the most direct reason for the high hydrocarbon outputs
observed after well shut-ins.
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(3) NMR results also showed that the recovered oil was mainly distributed in intervals of 10–300
ms while the oil remaining unrecovered was mainly distributed in intervals of 0.1–10 ms. New
technology that can recover hydrocarbons in these smaller pores should be promoted.
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Nomenclature

T2 total relaxation time, ms
T2B bulk relaxation time, ms
T2S surface relaxation time, ms
T2D diffusion relaxation time, ms
ρ2 surface relaxivity, µm/ms
S interstitial surface area, µm2

V pore volume, µm3

Eσ IFT factor, dimensionless
σ1 IFT between surfactants and simulated oil, mN/m
σ0 IFT between slickwater and simulated oil, mN/m
Eθ wettability factor, dimensionless
θ1 contact angle of water on rock surface after

wettability alteration, degree
θ0 contact angle of water on rock surface before

wettability alteration, degree
EA adhesion reduction factor, dimensionless
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