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Abstract: The Klinkenberg slippage theory has widely been used to obtain gas permeability in
low-permeability porous media. However, recent research shows that there is a deviation from
the Klinkenberg slippage theory for tight reservoir cores under low-pressure conditions. In this
research, a new experimental device was designed to carry out the steady-state gas permeability
test with high pressure and low flowrate. The results show that, unlike regular low-permeability
cores, the permeability of tight cores is not a constant value, but a variate related to a fluid-dynamic
parameter (flowrate). Under high-pressure conditions, the relationship between flowrate and apparent
permeability of cores with low permeability is consistent with Klinkenberg slippage theory, while the
relationship between flowrate and apparent permeability of tight cores is contrary to Klinkenberg slip
theory. The apparent permeability of tight core increases with increasing flowrate under high-pressure
conditions, and it is significantly lower than the Klinkenberg permeability predicted by Klinkenberg
slippage theory. The difference gets larger when the flowrate becomes lower (back pressure increases
and pressure difference decreases). Therefore, the Klinkenberg permeability which is obtained by
the Klinkenberg slippage theory by using low-pressure experimental data will cause significant
overestimation of the actual gas seepage capacity in the tight reservoir. In order to evaluate the gas
seepage capacity in a tight reservoir precisely, it is necessary to test the permeability of the tight cores
directly at high pressure and low flowrate.

Keywords: tight gas reservoirs; Klinkenberg slippage theory; high pressure and low flowrate;
gas permeability measurement

1. Introduction

With the continuous depletion of conventional oil and gas reserves, unconventional oil and gas
resources play an increasingly important role. Tight sandstone oil and gas, with its huge resources,
has become a hotspot in the unconventionals sector [1–5]. In recent years, many scholars have
conducted research on enhanced oil recovery in tight sandstone reservoirs [6–9]. The permeability
of tight reservoir permeability is one of the most important reservoir physical parameters in the
gas reservoir development process [10,11]. The matrix of a tight sandstone reservoir has very low
permeability and ultra-small pore structure [12–15]. Gas slip [16] is a phenomenon that occurs when
gas flows through low-permeability porous medium. During this process, the velocity of the gas
layer near the solid wall of the porous medium is not zero, resulting in a large gas flowrate in the
porous medium. Because the effect of gas slip plays an important role in low-permeability core,
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the acquisition of core permeability in tight reservoirs is more complicated [17–19]. The Knudsen
number [20] is a dimensionless parameter that determines whether there is a slippage effect of the gas
flow at different scale flow channels. Moreover, it represents the relationship between the mean free
path of the molecule and the pore size. It is an important parameter when identifying different gas
flow states [21,22]. The mathematical expression of the Knudsen number is:

Kn =
λ
r

(1)

where, λ represents the mean free path of the gas and r is the average pore radius. Kn varies with
permeability and pressure under isothermal conditions. At large Knudsen values (Kn > 0.001), the slip
effect becomes significant as the mean free path is close to the average pore throat [23].

In 1941, Klinkenberg [24] believed that permeability is a property of porous media and is a constant,
and he obtained the mathematical relationship between apparent permeability (Ka) and absolute
permeability (K∞) using first-order slip boundary conditions [25]:

Ka = K∞

(
1 +

bK

p

)
(2)

where Ka is the apparent gas permeability observed at the mean pressure; K∞ is Klinkenberg
permeability; p is the average pressure at the inlet and outlet of the core; bK is the slip factor,
bK can be calculated by:

bK =
4cλp

r
(3)

where c is the proportionality factor. It can be seen from the Equation (3) that for a particular gas and
average pressure, the slip factor bK increases as the r increases. The pore radius r of a conventional
reservoir core is large enough and bK approaches zero, so that the gas slippage effect is negligible.
While the pore radius r of a tight reservoir core is small, the slippage effect has important influence on
the gas flow.

It is known from the derivation of the Klinkenberg formula that the nature of the Klinkenberg effect
is the gas slippage in the pore throat. The theoretical basis for the Klinkenberg equation deduction is
the slip theory of Kundt and Warburg [25], which is only applicable when Kn < 0.1. The first-order slip
boundary theory is proposed based on the ideal gas state equation, which is used in the Klinkenberg
equation deduction process; the calculation of the mean free path of gas molecules is based on the ideal
gas assumption. It can be seen that when the pressure increases to a certain extent and the gas must be
treated as a real gas, whether the Klinkenberg formula is applicable to the permeability measurement
of tight cores is worthy of discussion.

Numerical simulations and experimental studies are two common methods of studying gas
flow in micro/nanoscale [26]. Gas flow in micro/nanoscale pores can be described by the molecular
modeling (MD) or Lattice–Boltzmann (LB) methods. However, the MD or LB method requires a large
amount of computational resources and time, limiting its practical application in shale gas transmission
simulation. In recent years, Mohammad et al. [27] solved the Boltzmann equation by reducing its
order while using the regularized 13 moment method to ensure its accuracy. An analytical R13-AP
model for predicting apparent permeability of shale was established. Density functional theory [28,29]
is a theoretical method based on statistical mechanics. It has higher computational efficiency than
molecular simulation under the same computational accuracy. Density functional theory [28] is
used to simulate ionic fluids in slit-like nanoholes in double-layer capacitors. Therefore, it can be
used to simulate gas flow in micron/nanometer porous media. Another way to simulate gas flow in
micro/nanopores is to include sliding boundary conditions in the continuum model. Javadpour [30]
simply linearly superposes the two transport mechanisms of Knudsen diffusion and slip flow to obtain
the apparent permeability. Apparent permeability is a function of pressure, temperature, and gas
properties. The results showed that the apparent permeability was much higher than the Darcy
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permeability in the nanoscale mudstone system. Singh et al. [31] proposed a new LSP permeability
model based on Langmuir sliding conditions. The model overcomes the shortcomings of Maxwell’s
sliding conditions and uses Langmuir adsorption data to determine the slip coefficient of the gas
flow. The experimental results showed that the permeability calculated by the LSP permeability
model was greater than the permeability calculated by the Klinkenberg model. Based on the analytical
model of rare gas flow, Singh et al. [32] proposed an apparent permeability model with no empirical
coefficients. The model is based on convective mass transfer and Fick diffusion, and is obtained
by simple linear superposition. Their results indicate that the contribution of Knudsen’s diffusion
to total flow is important in shale and it must be included in the gas flow model. Wang et al. [33]
proposed a unified shale matrix apparent permeability model that combines the effects of non-Darcy
flow/gas slip, geomechanics (ground compaction), and adsorbed gas layer release into one coherent
equation. Cai et al. [34] established an ideal gas fractal transport model based on fractal tortuous
capillary bundles in three-dimensional space while considering viscous flow, molecular diffusion,
and gas adsorption. The apparent permeability model of three-dimensional fractal shale media
was obtained by adding fluxes caused by three flow mechanisms (viscous flow, molecular diffusion,
and surface diffusion). Singh and Cai et al. [35,36] proposed a new approach of predicting shale
permeability by discretizing fractured shale at the scale of interest into its permeable features, including
inorganic matter, organic matter, and fractures. Singh and Cai et al. [36] implemented this approach to
predict field-scale permeability of shale by history-matching the production data. Lopez et al. [37]
developed a numerical method for calculating the shale adsorption-related permeability. Calculations
include Darcy flow and diffusion flow, as well as changes of organic pore radius caused by solid
kerogen adsorption/desorption and diffusion. The results show that ignoring viscous flow, Knudsen
diffusion and pore radius changes lead to erroneous permeability. Gas diffusion in solid kerogen plays
an important role in shale gas reservoirs and should be considered. Chen et al. [38] determined the
apparent permeability based on the dust-containing gas model (DGM) while regarding the total flow
as a combined result of viscous flow and Knudsen diffusion. This study is the first numerical study
of the effective Knudsen diffusivity and apparent permeability based on the actual pore structure of
shale. Civan et al. [39] proposed a gas flow model in a tight porous medium, which uses a simplified
second-order sliding model combined with several empirical parameters to calculate the sliding flow.
Civan et al. [40] used the Knudsen number criterion to determine the slip coefficient and derived
an apparent permeability expression in the form of the Knudsen number. Based on the Javadpour
model, Darabi et al. [23] considered the effect of nanopore wall surface roughness on Knudsen diffusion.
Darabi results show that Knudsen diffusion contributes up to 20% of cumulative shale gas production.
Therefore, in addition to slippage flow, the shale gas also includes Knudsen diffusion. In addition to
extensive theoretical research, many researchers have also conducted experiments on permeability of
compact cores. In recent years, many scholars acquired a non-linear relationship between tight core
permeability and the reciprocal of the average pressure from the experiments with back pressure at the
end, instead of a linear one described by Klinkenberg. Jones and Owens [41] conducted a series of
experiments on low-permeability cores. Although they obtained a reasonable straight line, they noted
that the overestimation of absolute permeability could be as high as 25%. Rushing et al. [42] found
the apparent permeability follows the Klinkenberg linear theory under low back pressure; however,
the value of apparent permeability becomes smaller than the value predicted by Klinkenberg slip theory
when the average pressure increases to a certain degree. Besides, the difference was getting larger with
the increasing back pressure. Zhu et al. [43] believed that the permeability of the low-permeability core
and the reciprocal of the mean pressure did not conform to the first-order Klinkenberg slippage theory
equation. The higher-order equations and experimental data under low pressure are recommended to
predict the absolute permeability of tight cores based on their research.

Li et al. [44] carried out a single-phase gas flow experiment in tight cores. The experimental
results showed that as the average pressure approached infinity, the apparent permeability deviated
completely from the linear relationship of the classical Klinkenberg slip theory. They believed this



Energies 2019, 12, 2351 4 of 16

is because the gas slip coefficient is not a fixed value but a variable one, and they found that for
extremely low permeability cores, the absolute permeability obtained using the Klinkenberg formula
correlation may still include slip effects under low back pressure conditions. Dong et al. [45] measured
the permeability of tight cores using C2H6. Their experimental results showed that the measured gas
permeability (0.026 mD) was slightly smaller than the absolute permeability (0.032 mD) predicted by
Klinkenberg slip theory.

Fathi et al. [46] used the Lattice–Boltzmann method to simulate the motion of gases in nanotubes.
They found that the permeability predicted by Klinkenberg slip theory was less than the apparent
permeability of gas in nanotubes. They explained the deviation from the straight line based on the
Lattice–Boltzmann gas dynamics simulation, and an empirical quadratic equation was proposed to
fit their experimental results. Moreover, a study conducted by You et al. [47] also indicated that
the apparent permeability decreased with the increase of back pressure; they found that when the
pressure was 1.42 MPa, the Klinkenberg permeability was 1.23 times of the apparent permeability.
Similar conclusions were obtained by Tanikawa [48] and Dion Salam [49]. Additionally, Yue et al. [50]
measured the permeability of tight cores under the average pressure of 0–1 MPa, and they found that
the measured apparent permeability was bigger than the value predicted by Klinkenberg slip theory,
unlike other scholars. Liu et al. [51] carried out gas–water two-phase seepage experiments on compact
cores. They believe that the relative permeability of gas phase may be overestimated if slippage effect
is not dealt with in the process of determining effective gas permeability.

However, the end pressure of all the experiments above did not exceed 10 MPa, which is rather
smaller than the high pore pressure in tight reservoirs. Alireza et al. [52] proposed new theories based
on these experimental results to predict and explain the gas slip effect and extended the Klinkenberg
slip theory to make it suitable for tight porous media. Its expression is as follows:

Kapparent = Kabsolute

1 +
b

P
−

a

P
2

 (4)

The same second-order equation was also proposed by Tang et al. [53] and the slip-off quadratic
term of the equation could explain why the curve deviated from the straight line. However, whether
the model based on slippage theory can predict the gas flow in a tight core at high pressure and low
flowrate is still doubtful.

The study of gas permeability under high pressure in reservoirs is done in order to analyze the
flow characteristics of gas in the core at very low flowrate and high average pressures. However,
the backpressure regulator method is not suitable for the permeability experiment of tight cores at
high pressure due to the working principle of the backpressure regulator [54].

In recent years, some scholars have studied the flow pattern in tight cores under high pressure by
changing the methods of adding back pressure. Sinha et al. [55] used a pump to add back pressure to
measure the gas permeability in tight cores at different pore pressures (0–5000 psi). The experimental
results showed that the measured gas permeability at high pore pressure obviously deviates from the
classical Klinkenberg slippage theory, which is much smaller than the predicted value. Due to the low
gas flowrate through the tight core, the authors’ group [54,56] used a cylinder to pressurize the back
pressure and measured the permeability of these tight cores under the high back pressure. They found
that the permeability under high backpressure was lower than the Klinkenberg permeability and the
non-Klinkenberg flow pattern under high pressure.

Since the steady flow in tight core samples requires a long time and accurate measurement of very
low flow rates, most laboratories use unsteady state techniques to measure the permeability of tight
cores. In the unsteady state method, the pulse attenuation method is the most commonly used. It is
a transient technique that generates a pressure pulse through the core [57]. The permeability of the core
is then indirectly derived from changes in pressure over time. Pulse attenuation techniques require
accurate pore volume and pore compressibility measurements as well as adsorption correction [58].
Deriving permeability from transient pressure responses requires further assumptions and parameters
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that add uncertainty when dealing with tight sandstones. In tight sandstones, due to the insufficient
understanding of the flow laws, the number of hypotheses should be minimized. A study by Rushing
et al. [42] showed that the steady-state method can accurately determine the permeability of tight cores.
The permeability obtained by an unsteady-state method is larger than that obtained by the steady-state
method. The difference is not caused by a simple random measurement error, but by a system
phenomenon caused by the fundamental problem of the non-steady-state method. Additionally,
in the pulse-decay method, the pressure across the sample changes with time. This causes the flow
rate through the sample to change, and therefore, the potential rate dependency of permeability is
not captured. The steady-state method is measured when gas flows through the core at a constant
pressure differential. When equilibrium is reached, the apparent permeability is calculated by the Darcy
equation from the differential pressure and flow rate of the sample. Fundamentally, permeability refers
to the steady flow through a porous medium. Therefore, the results of the steady-state method come
directly from the definition and do not require assumptions about the flow state [58]. Experiments
can be performed at different average pore pressures, confining stresses, and flow rates. Compared to
other test techniques, the steady-state method takes a longer time to measure permeability of tight
sandstone, but it provides greater flexibility and more fundamentally accurate results.

The permeability of tight reservoir cores has always been measured under low back pressure due
to the inaccurate measurement of micro differential pressure and micro flowrate under high pressure.
Thus, studies on the permeability of tight cores at high pore pressure and low flowrate were rare.
In order to overcome the shortcomings of the original experimental device, a differential pressure meter,
a flow meter, and a back pressure regulating device was developed to measure the micro pressure
drop and flowrate under high-pressure conditions. This newly designed experimental device was
used to study the steady-state [57] gas flow in a tight core under different pore pressures (0–30 MPa)
and different differential pressures (0.1–1 MPa). By using this device in experiments, we obtained
a relationship between the flowrate and the apparent permeability of low-permeability cores and tight
cores, respectively; we then applied both the comparison method and analysis method to clarify the
difference between the apparent permeability and predicted permeability by classical Klinkenberg
slippage theory at different flowrate. The theoretical velocity and the measured velocity under different
backpressure and differential pressure were compared. The result indicated that absolute permeability
obtained by the Klinkenberg slippage theory will significantly overestimate the gas seepage capacity
in a tight reservoir. This study can provide a theoretical basis and an experimental dataset for the
establishment of a tight core permeability test model.

2. Experiments

2.1. Gas Permeability Calculation

The calculation formula [47] of gas permeability is:

Kg =
200Q1P1µL

A
(
P2

1 − P2
2

) (5)

where, A is the area of core end (cm2); µ is the gas viscosity (mPa·s); L is the core length (cm); P1, P2 is
the absolute pressure at the inlet and outlet, respectively (MPa). Q1 is the gas flow at the outlet end
(mL/s); the PVT simulator CMG WinProp (CMG, 2003) was used to obtain the gas viscosity in this study.
Previous studies have shown that the calculation error was less than 1.5% [59,60]. The relationship
between pressure and viscosity of nitrogen at 60 ◦C is shown in Figure 1.
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2.2. Experimental Apparatus

Figure 2 is the schematic diagram of the experimental device, which mainly includes an oven,
ISCO pump, a constant pressure pump, a core holder, two high-pressure resistant intermediate
containers, a high-pressure micro differential pressure gauge, a high-pressure micro flowmeter,
and a back-pressure regulator. The ISCO pump was linked to a high-pressure resistant intermediate
container to provide a stable gas source. The constant pressure pump was connected to the core holder
to provide a constant confining pressure. The back-pressure regulator was used to control the outlet
pressure. The inlet and outlet pressures were measured using the high-pressure micro differential
pressure gauge. The high-pressure micro flowmeter was used to measure gas volume velocity.
The high-pressure micro flowmeter (Chinese Invention Patent No: 201510164634.5), high-pressure
micro differential pressure gauge (China Invention Patent No: CN104748908A), and back-pressure
regulator (China Invention Patent No: CN106647842A) were all novel experimental equipment
developed by authors’ group.

The HPMR flowmeter can measure extremely low flow (4 nL/min–1 mL/min) at high pressure
(0.1 MPa–50 MPa) with high accuracy (error < 1%) [56]. Generally, the working principle of the device
is based on the displacement method, which can be used to measure the speed of fluid displacement in
a pressure-resistant capillary tube. Prior to this study, the authors’ group demonstrated that the effect
of high pressure on the diameter of glass tube is negligible [56].

Under high pressure, the high-pressure micro differential pressure gauge can continuously
record the dynamic pressure difference from 10−6 MPa up to 80 MPa with the error controlled within
0.1% [56,61]. The operating principle rests on the micro differential pressure measurement under
a high-pressure system through digitized reading of the fluid level in a pressure resistant U-shaped
tube (pressure resistant manometer).

Our group [54,56] found that the traditional back-pressure regulator is not suitable for measuring
the extremely low flowrate at high pressure due to its working principle. In this experiment,
the self-designed back-pressure regulator was used to limit the pressure fluctuation of the whole
experimental facility below 0.002 MPa under the pressure of 40 MPa for 120 min. The working principle
of the back-pressure regulator was to stabilize the pressure by using gas–energy storage and adjust the
pressure with microtubule and pump assistance.
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2.3. Core Samples

The experiment used four natural sandstone cores from a certain area of Shanxi Province, China.
The lithology of these cores was sandstone. The cores porosities were measured by a KXD-II porosity
tester. The particle volume method was used to measure the porosity of the core. Core analysis method
SY/T 5336-2006 was used as the analysis basis. The pore throat size distribution curve was obtained
from high-pressure mercury injection experiments. The SY/T 5346-2005 rock capillary pressure curve
method was used as the basis for analysis. The dominated throat radius ranging from 0.1224 µm to
1.0382 µm, with the porosity distribution ranging from 9.8% to 20.57%. The distribution of their pore
throats is shown in Figure 3, and the base data of experiment cores are shown in Table 1. The core
plugs were cleaned with toluene to remove hydrocarbons and dried in an oven at 95 ◦C for a period of
48 h before the measurements. Nitrogen was regarded as displacing medium.
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Table 1. The base data of experiment cores.

Core Number Length
(cm)

Diameter
(cm)

Porosity
(%)

Dominated Throat Radius
(µm) Rock Type

Z1 10.78 2.50 20.57 1.0382 Sandstone
Z2 7.46 2.50 10.50 0.1224 Sandstone
Z3 4.09 2.51 11.30 0.2480 Sandstone
Z4 6.26 2.52 9.80 0.2477 Sandstone

2.4. Experimental Procedure

Before the experiment, we adjusted the temperature of the incubator to 60 ◦C and then placed the
experimental core into a core holder to test the sealing of the holder with nitrogen at a pressure of
35 MPa. After the requirement of airtightness was achieved, we modified the inlet and outlet pressure
and confining pressure of the intermediate vessel to reach the pre-setting pressure. Core samples were
maintained at constant differential pressure for at least 3 h to achieve flow and stress equilibrium.
When the pressure and flow state reached the equilibrium, the inlet pressure and the pressure difference
(between inlet and outlet) were recorded. The criterion for gas reaching a steady flow was that the flow
rate remained constant for a period of time when all other conditions remained the same (effective stress,
upstream pressure, downstream pressure, temperature). If the gas flow did not reached a stable state,
it would be judged after a period of time until it reached a stable state. The specific steps are to measure
the flow rate firs and then measure the flow rate again after 1 h under the same conditions. If the
flow rate is the same, it is considered to have reached a steady flow. Additionally, to make the result
more accurate, we measured the flow three times and used the average number. The measurement
interval was 30 min to detect the gas flow state and air tightness of the experimental system. After the
measurement was completed, the inlet and outlet pressure were adjusted for the next measurement
and the above steps were repeated. By changing the input cases (differential pressure varied from
0.1 to 1 MPa, the back pressure varied from 0 to 30 MPa and the net confining pressure was kept as
4 MPa), different sets of results can be acquired.

3. Results and Discussion

3.1. Relationships between Permeability and Flowrate

According to the Klinkenberg slippage theory, the permeability decreases with the increase of the
average pressure. With a fixed back pressure, the average pressure increases as the flowrate increases.
So regardless of the value of back pressure, the permeability predicted by Klinkenberg slippage theory
always decreases with increasing flowrate and becomes closer to Klinkenberg permeability. Figures 4–7
shows the permeability versus flowrate at different back pressures by the lines with different colors.
The blue line with square markers shows the flowrate–permeability relationship, which is described
by classical slippage theory: when the back pressure equals the atmospheric pressure, the apparent
permeability decreases as the flowrate increases. The red, dashed line is the Klinkenberg permeability
calculated by Klinkenberg slippage theory, which does not change with the flowrate.

It can be seen from Figure 4 that the apparent permeability of the core dropped as the flowrate
increased under different back pressures (0.2 MPa, 0.6 MPa, 2 MPa, 8 MPa, 16 MPa, 24 MPa). Moreover,
the apparent permeability approached the Klinkenberg permeability when the flowrate became larger.
The following experimental data can be used as the proof of this finding: when the back pressure was
0.2 MPa, the apparent permeability at the flowrate of 3.77 × 10−3 cm/s was 1.27 times larger than the
Klinkenberg permeability and 0.145 times more than that at the flowrate of 3.37 × 10−2 cm/s; when the
back pressure increased to 16 MPa, the apparent permeability at the flowrate of 2.24 × 10−3 cm/s was
1.01 times larger than the Klinkenberg permeability and 0.01 times greater than that at the flowrate of
1.34 × 10−2 cm/s.
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As shown in the black oval dotted curve in Figure 4, under the same differential pressure (0.6 MPa),
the apparent permeability decreased monotonously and approached the Klinkenberg permeability
with the increase of the back pressure (the decrease of flowrate). In addition, as the back pressure
increased, the contribution of the slippage effect to the apparent permeability decreased: the greater the
back pressure and the corresponding apparent permeability got closer to the Klinkenberg permeability.
By analyzing the data above, it can be found that the relationship between the flowrate and apparent
permeability of the low-permeability core is in accordance with Klinkenberg slippage theory.

The permeability curves of tight core Z2 (Figure 5) to Z4 (Figure 7) have similar characteristics.
The results for core Z2 (Figure 5) were used as an example to analyze the change in gas permeability.
It can be seen from Figure 5 that under low back pressure (see the results at backpressures of 0.2 MPa,
0.4 MPa, 1 M Pa, 2 MPa), the apparent permeability of the core decreased with the increase of
the flowrate, approaching the Klinkenberg permeability predicted by Klinkenberg slippage theory.
The pattern shows that the apparent permeability became closer to the Klinkenberg permeability
as the flowrate increased, which follows the Klinkenberg slippage theory. When the back pressure
was relatively high (referring to the experimental results of 11 MPa, 16 MPa, 24 MPa), the apparent
permeability increased with the increase of the flowrate and presented the “negative slippage” law,
which is opposite to the Klinkenberg slippage theory. It can also be seen from Figure 5 that the lower
the flowrate (the larger the back pressure, the lower the pressure difference), the greater the apparent
permeability deviated from Klinkenberg permeability predicted by the Klinkenberg slippage theory.
The data from Figure 5 shows that when the back pressure was 0.4 MPa, the apparent permeability
decreased with an increasing flowrate. As the flowrate equaled 1.72 × 10−4 cm/s, the apparent
permeability was 1.25 times larger than the apparent permeability at the flowrate of 1.18 × 10−3 cm/s.
When the back pressure was 24 MPa, the apparent permeability increased with the increase of the
flowrate. At the flowrate of 9.28 × 10−6 cm/s, the apparent permeability was 0.312 times larger than
the apparent permeability at the flowrate of 2.38 × 10−4 cm/s.

As shown in the black, oval, dotted curve in Figure 5, when the differential pressure was the
same and the back pressure was relatively low (0.2 MPa, 0.4 MPa, 1 MPa, 2 MPa), the slippage
effect contribution and the apparent permeability decreased as the flowrate decreased (back pressure
increased), and the permeability value approached the Klinkenberg value gradually. This regular
pattern is in line with the Klinkenberg slippage theory. However, under high back pressure (4 MPa,
11 MPa, 16 MPa, 24 MPa), the relationship between apparent permeability and the flowrate was not
consist with the low back pressure. Instead, as the back pressure increased, the flowrate declined,
the permeability decreased rapidly, and the phenomenon of “negative slippage” occurred: the apparent
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permeability was much smaller than the Klinkenberg permeability. Moreover, the deviation degree
became greater as the flowrate got lower (the back pressure increased), and the negative slippage
contribution increased with the increase of back pressure. Moghadam [58] also drew the conclusion
that the apparent permeability increased with the increase of flowrate and reached a stable value at
last, which is consistent with our results.

Under low pressure, the permeability gradually decreased with the increase of back pressure and
the increase of flow rate to approach the Klinkenberg permeability. This is because at low pressure,
the slippage effect will enhance the gas migration capacity in the core [24]. The increase in back pressure
and the increase in flow rate can both increase the average pressure in the core. When the average
pressure increases, the mean free path of the molecule is reduced and the slippage effect is reduced,
so the permeability decreases with increasing back pressure and flow rate. Therefore, increasing test
pressure is the most straightforward method to reduce the effect of gas slip, which is the underlying
principle of Klinkenberg correlation.

At high pressure, the permeability decreased with increasing back pressure and decreasing flow
rate and was much smaller than the Klinkenberg permeability. This is because under high pressure,
the mean free path of the gas is significantly smaller, much smaller than the radius of the average pore
throat. Thus, the slippage effect can be neglected [44,47] and the micro-scale flow effect of high-pressure
gas appears in the tight core [61]. The interaction of high-pressure and microscale effects will result
in changes in the physical properties of the gas. As the outlet pressure increases, the gas gradually
changes from lean gas to dense gas and further approaches the liquid state. At higher outlet pressures,
the smaller the pressure difference, the greater the flow resistance, and the gas flow under different
pressure differences in the microtubes exhibits non-linear characteristics. With the increase of outlet
pressure and the decrease of tube diameter, the micro-scale flow effect of high-pressure gas becomes
more obvious [61]. Therefore, the permeability decreases as the back pressure increases and the flow
rate decreases.

Recall from the findings in Section 3.1. that the relationship between the flowrate and the apparent
permeability of the low-permeability core is consistent with the Klinkenberg slippage theory. However,
the apparent permeability of high-pressure gas in tight cores is not as predicted by Klinkenberg slippage
theory; it gets closer to the Klinkenberg permeability as the flowrate decreases (average pressure
increases), but is significantly lower than the Klinkenberg permeability. In addition, the apparent
permeability increases with the increasing flowrate under high back-pressure condition.

3.2. Measured Flowrate versus Theoretical Flowrate

Figures 8–11 present the measured flowrate versus theoretical flowrate at different back pressures
with cores Z1–Z4, respectively. As can be seen from these figures, the points of different colors
represent the relationship between the theoretical flowrate and the measured one under different back
pressures, and the red, dashed line represents the case where the measured flowrate was the same
as the theoretical flowrate. In Figure 8, the flowrate of the core with a mainstream pore radius of
1.0382 µm calculated by the Klinkenberg slippage theory was equal to the measured one (referring to
the experimental results of the back pressure from 0 to 24 MPa), which showed that the Klinkenberg
slippage theory is capable of properly estimating the flow capacity of a low-permeability core under
both high and low pressure.

As can be seen from Figures 9–11, the flowrate calculated by Klinkenberg slippage theory is
the same as the measured one under low pressure (see the results in Figures 6 and 7 under back
pressure from 0 to 4 MPa and Figure 8 under back pressure from 0 to 1.98 MPa). However, with the
increasing back pressure (flowrate declines), the predicted value gradually becomes larger than the
actual measured value, and the deviation increases (referring to the results of Figure 6 under back
pressure from 11 to 24 MPa, Figure 7 under back pressure from 8 to 30 MPa, and Figure 8 under back
pressure from 4 to 24 MPa). The differential pressure within the red, dotted circle is larger than in
the black, dotted circle, which indicates that when the back pressure remains same, the smaller the
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differential pressure (the smaller the flowrate), the larger difference between theory value and actual
measured value. It shows that the actual seepage capacity of tight cores under high pressure and low
velocity, represented by permeability obtained by Klinkenberg slippage theory, is overestimated. Thus,
it is inappropriate to evaluate the actual flow capacity of gas in a tight reservoir using the Klinkenberg
permeability, which is calculated by the Klinkenberg equation with low-pressure experimental data.
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4. Conclusions and Suggestions 
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seepage law in tight cores under high-pressure conflicts with Klinkenberg slippage theory. At high 
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4. Conclusions and Suggestions

In this study, new high-pressure gas permeability measuring equipment was applied to measure
the nitrogen apparent permeability of a low-permeability core and three tight cores under large
back-pressure range (0.1–30 MPa) and low differential pressure (0.1–1 MPa).

Unlike the low-permeability core, the permeability of a tight core is not a constant but
a function related to the flowrate. The relationship between flowrate and apparent permeability of
low-permeability cores is consistent with Klinkenberg slippage theory, nevertheless, the actual gas
seepage law in tight cores under high-pressure conflicts with Klinkenberg slippage theory. At high
back pressure, the gas flow in the tight core exhibits a “negative slippage” phenomenon. In terms of
the apparent permeability, it is falling away from the Klinkenberg permeability significantly in the real
situation, instead of getting closer to the Klinkenberg permeability with declining flowrate (increasing
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back pressure). Besides, the difference becomes larger when the flowrate gets lower (the back pressure
gets larger).

Due to the negative slippage of nitrogen in the tight core under high pressure, the apparent
permeability of the tight core at high back pressure and low flowrate is much lower than the Klinkenberg
permeability obtained by Klinkenberg slippage theory. Therefore, Klinkenberg slippage theory is
only applicable to evaluate the seepage capacity within low-permeability reservoirs or tight reservoirs
under low pressure. Which means, it is not suitable to use the Klinkenberg permeability obtained
by Klinkenberg slippage theory to evaluate the actual seepage capacity of high-pressure gas in tight
reservoirs. Hence, in order to accurately evaluate the actual seepage capacity of the gas in a tight
reservoir, it is necessary to directly test the permeability of the tight core at a high back pressure and
low flowrate.
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