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Abstract:



In this paper, physical experiments and numerical simulations were applied to systematically investigate the non-Newtonian flow characteristics of heavy oil in porous media. Rheological experiments were carried out to determine the rheology of heavy oil. Threshold pressure gradient (TPG) measurement experiments performed by a new micro-flow method and flow experiments were conducted to study the effect of viscosity, permeability and mobility on the flow characteristics of heavy oil. An in-house developed novel simulator considering the non-Newtonian flow was designed based on the experimental investigations. The results from the physical experiments indicated that heavy oil was a Bingham fluid with non-Newtonian flow characteristics, and its viscosity-temperature relationship conformed to the Arrhenius equation. Its viscosity decreased with an increase in temperature and a decrease in asphaltene content. The TPG measurement experiments was impacted by the flow rate, and its critical flow rate was 0.003 mL/min. The TPG decreased as the viscosity decreased or the permeability increased and had a power-law relationship with mobility. In addition, the critical viscosity had a range of 42–54 mPa∙s, above which the TPG existed for a given permeability. The validation of the designed simulator was positive and acceptable when compared to the simulation results run in ECLIPSE V2013.1 and Computer Modelling Group (CMG) V2012 software as well as when compared to the results obtained during physical experiments. The difference between 0.0005 and 0.0750 MPa/m in the TPG showed a decrease of 11.55% in the oil recovery based on the simulation results, which demonstrated the largely adverse impact the TPG had on heavy oil production.
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1. Introduction


World crude oil demands have grown at an average rate of 1.30% per year during 2006–2016 [1]. According to the International Energy Agency (IEA) statistics, the reserves of heavy oil that are of the same order of magnitude as the ones of conventional oils are abundant worldwide. Heavy oil has been proved to be a significant hydrocarbon resource for meeting the global energy consumption historically, and this is likely to continue [2]. In the petroleum industry, liquid petroleum with a high viscosity, an American Petroleum Institute (API) gravity less than 20° and a difficult flow under normal reservoir conditions is referred to as heavy crude oil or heavy oil [3,4]. The physical properties of heavy oil composed of heavy molecular compositions are different from those of conventional oil as they have different rheological properties and flow characteristics.



The rheology of heavy oil crucially affects upstream recovery and transportation [5,6,7]. Several experimental studies have focused on the rheology of heavy oil. Generally, these studies concentrate on three aspects. (1) The rheology of heavy oil is highly dependent on temperature [8,9]. At a low temperature, liquid molecules do not have enough thermal energy to overcome the energy barrier to jump into unoccupied sites or holes [10,11], which makes it difficult for the liquid to flow and results in high viscosity. However, a low increase in temperature can promote a great reduction in viscosity [12]. At a high temperature, viscosity reduces, elastic behaviors tend to vanish, and heavy oil demonstrates Newtonian behavior [5]. (2) The composition of heavy oil, particularly the content of heavier components, such as asphaltenes and resins, plays a dominant role in viscosity and rheology [13,14,15]. The viscosity of a heavy oil can increase above a critical concentration due to the structural changes brought about by the entanglement and overlapping of solvated asphaltene [16]. Resins can develop a steric layer around asphaltenes to prevent them from overlapping, but the impact is lower than that observed from asphaltenes on viscosity [17]. (3) The rheology of heavy oil exhibits a Bingham behavior, which has been demonstrated in several studies [18,19,20,21]. Most of these previous studies focused only on one or two aspects and thus, this work cannot be considered as being comprehensive.



The rheology of heavy oil is primarily responsible for its flow characteristics in porous media. Heavy oil starts to flow when the pressure gradient exceeds the TPG and the flow does not follow Darcy’s law [22,23]. It is similar to the Bingham fluid because it does not express a shear rate until a specific stress (i.e., yield stress) is imposed. The constitutive equation for the Bingham fluid can be written [11,24,25]:


[image: ]



(1)




where [image: ] is the stress tensor [11]; [image: ] is the plastic viscosity in Pa∙s;[image: ] is the yield stress in Pa;[image: ] is the rate of deformation tensor; [image: ] is the second invariant of [image: ] where [image: ] is the trace of [image: ] [25]; [image: ] is the second invariant of [image: ]. The TPG is one of the key parameters of the Bingham fluid found in heavy oil reservoirs [19]. It has a significant influence on oil productivity and recovery in addition to affecting the determination of reasonable well spacing and the distribution of remaining oil [26]. The accurate measurement of the TPG is critical, and many experimental methods have been proposed for addressing this need. The commonly used steady-state method includes a constant pressure method and a constant flow rate method [27]. An unsteady method based on a theoretical model of non-Newtonian flow of heavy oil is another method that can be used to measure the TPG [28]. A capillary balance method relies on the principle of a connector to obtain the TPG [29]. It was proved in our previous work that the TPG was affected by a displacing rate used in the TPG measurement experiment [30]. Nevertheless, few of these methods have considered the influence of a flow rate on the TPG. Furthermore, the TPG and its existence are influenced by many factors [31,32], but the critical condition for the existence of the TPG is rarely studied.



There are also many flow experiment methods [33,34]. The steady-state method is most commonly employed as the test method of flow characteristics over the other methods due to its great advantages of test system stability, high precision and reliable data [23,34,35,36]. The single-phase flow of heavy oil has been studied by the steady-state method [9,19,23]. Heavy oil does not flow until the displacing pressure gradient reaches the TPG. When the displacing pressure gradient is higher than the TPG, the flow rate of heavy oil increases linearly [19]. The flow behavior of heavy oil does not follow Darcy’s law as it belongs to non-Newtonian flow [31,37,38]. The steady-state method applied in the multiphase flow of heavy oil was widely used to obtain the relative permeability for each phase, where the saturations, flow rates, and pressure gradients are measured and used in Darcy’s law [33,36,39]. However, in this process, the existence of TPG and non-Newtonian flow were of little concern.



Unfortunately, most commercial numerical simulation software is based on the assumption of Darcy flow in porous media, and they do not take non-Newtonian flows into account. The simulation and forecast results are often erroneous when used to simulate the flow of fluids with non-Newtonian flow characteristics, because non-Newtonian flow influences the production of crude oil [40]. In order to simulate the displacement of heavy oil accurately, the relative permeability, one of the key parameters required in numerical simulation, was recalculated to address the effect of viscosity. Wang et al. [41] investigated that relative permeabilities were a function of oil viscosity under the same injection flow rate with the same water phase. Torabi et al. [42] predicted heavy oil/water relative permeability by modified Corey-based correlations. Mai [43] reported that Johnson-Bossler-Naumann (JBN) method allowed for the calculation of apparent relative permeability curves that could be incorporated into reservoir simulators, and the effect of oil viscosity could be addressed through its effect on the apparent relative permeabilities calculated. Doorwar et al. [44] considered that relative permeability functions needed to be modified to simulate unstable displacements with conventional simulators, and high viscosity ratio led to viscous fingering, which affected the observed relative permeability curves; they developed a lumped-finger model to modify multiphase flow equations and to yield pseudo relative permeability functions that accounted for viscous fingering. To a certain extent, it is a solution that can be incorporated into conventional simulators to improve the accuracy of heavy oil simulation. However, the presence of TPG in the flow of Bohai Bay heavy oil cannot been described by simply using the recalculated relative permeability in conventional simulators. Furthermore, various attempts to model the Bingham fluid have been made [45,46,47,48], with these studies providing some theoretical references for the non-Newtonian flow simulation of heavy oil with the TPG. The governing equations for non-Newtonian flow are nonlinear and are generally solved by numerical methods [49]. The most well-known method used to numerically solve the flow of multiphase fluids in porous media is the implicit pressure explicit saturation method (IMPES). In IMPES, the pressure equation is implicitly solved and the saturation equation is explicitly solved [50,51,52]. Although the numerical dispersion is inevitable in the process of solving, IMPES has still been widely applied in numerical simulations because it demands less computer memory and calculation work [53,54] since it was introduced by Sheldon et al. [55] and Stone and Garder [56]. It is necessary to design a simulator that can accurately describe the non-Newtonian flow characteristics of heavy oil with the TPG, where IMPES is applied to obtain solutions with an acceptable numerical dispersion and a high running speed.



In this paper, an experimental study was conducted to investigate three aspects of the rheology of heavy oil, including the effect of temperature and asphaltene content on the rheology of heavy oil as well as the Bingham behavior of heavy oil. Considering the influence of a flow rate on the TPG in the TPG measurement experiment, a small flow rate of 0.002 mL/min was used to measure the TPG, with this experimental method known as a micro-flow method. Moreover, the critical viscosity for the existence of the TPG at a given permeability was determined by physical experiments. Following this, flow experiments were carried out by the steady-state method to obtain the overall flow curve of the heavy oil to analyze the relationship between the displacement pressure gradient and the flow rate as well as the difference between the single-phase flow and the oil-water two-phase flow. Finally, considering the obvious Bingham behavior of heavy oil in Bohai Bay oilfield that can be seen in the third section of this paper, we directly corrected Darcy’s law and proposed the flow model based on its flow experiments, which could better describe the non-Newtonian flow characteristics with the TPG compared with the simple use of recalculated relative permeability. An in-house developed novel three-dimensional (3D) two-phase heavy oil simulator was designed, where the IMPES was applied. The validation of this simulator was done by comparing with the simulation results run in ECLIPSE V2013.1 and CMG V2012 software as well as with the results obtained during physical experiments. A TPG sensitivity analysis was undertaken using the simulator to provide a more complete understanding of the influence of the TPG on the heavy oil production. These results and numerical simulations offer a tool to study the flow of heavy oil in porous media.




2. Methodology


2.1. Physical Experiments


The information of heavy oil samples used in this paper are given in Table 1. The heavy oil sample #1 was the original crude oil from a well in Bohai Bay oilfield in China; the heavy oil samples #5 and #6 were reconstituted oil obtained by dispersing the asphaltenes extracted from the original oil #1 into the de-asphalted original oil; and the heavy oil samples #2, #3 and #4 were reconstituted oils made by mixing the original oil #1 with kerosene. The basic parameters of core samples are presented in Table 2. The cores #1-3, #27-29 and #32-34 were obtained from the same large artificial core. We considered that they had the same properties although their measured permeabilities and porosities were slightly different. The information of water used in the paper is also provided in Table 3.



Table 1. The information of heavy oil samples used in this paper.







	
Parameters

	
Heavy Oil Samples




	
#1

	
#2

	
#3

	
#4

	
#5

	
#6






	
Composition, mol.%

	
C3

	
0.12

	
0.09

	
0.03

	
0.01

	
0.00

	
0.00




	
i-C4

	
0.21

	
0.15

	
0.06

	
0.04

	
0.00

	
0.00




	
n-C4

	
0.50

	
0.30

	
0.14

	
0.09

	
0.00

	
0.00




	
i-C5

	
0.82

	
0.54

	
0.32

	
0.23

	
0.00

	
0.00




	
n-C5

	
0.71

	
0.43

	
0.25

	
0.16

	
0.00

	
0.00




	
C6

	
0.50

	
0.33

	
0.24

	
0.16

	
0.00

	
0.00




	
C7

	
0.88

	
0.77

	
0.74

	
0.67

	
0.00

	
0.00




	
C8

	
3.34

	
2.98

	
2.81

	
2.63

	
0.24

	
0.34




	
C9

	
5.90

	
5.82

	
5.88

	
5.83

	
1.87

	
2.11




	
C10

	
17.65

	
18.42

	
18.88

	
19.07

	
13.12

	
13.97




	
C11

	
25.52

	
26.66

	
26.76

	
27.40

	
27.46

	
28.53




	
C12+

	
43.85

	
43.51

	
43.88

	
43.72

	
57.31

	
55.05




	
Asphaltene content, wt. %

	
3.61

	
3.48

	
3.12

	
2.82

	
3.55

	
3.04




	
Density (30 °C), g/cm3

	
0.96

	
0.93

	
0.90

	
0.86

	
0.95

	
0.88




	
Viscosity (30 °C), mPa∙s

	
783

	
461

	
242

	
129.78

	
586.8

	
218.97










Table 2. The basic parameters of core samples used in this paper.







	
Core Number

	
Length, cm

	
Dimension, cm

	
Porosity, %

	
Permeability, mD

	
Marks






	
#1

	
25.21

	
2.53

	
21.09

	
363

	
Used to study the impact of flow rate on threshold pressure gradient (TPG) measurement.




	
#2

	
25.16

	
2.52

	
21.03

	
359




	
#3

	
25.18

	
2.49

	
21.07

	
360




	
#4

	
25.16

	
2.52

	
22.06

	
502




	
#5

	
25.05

	
2.50

	
23.58

	
946




	
#6

	
25.01

	
2.51

	
20.84

	
324

	
Used to study the relationship between TPG and mobility.




	
#7

	
25.24

	
2.48

	
24.83

	
1465




	
#8

	
24.81

	
2.48

	
27.16

	
2765




	
#9

	
25.30

	
2.50

	
21.57

	
426




	
#10

	
25.00

	
2.53

	
26.68

	
2465




	
#11

	
24.92

	
2.51

	
28.56

	
3621




	
#12

	
24.62

	
2.48

	
21.04

	
361




	
#13

	
25.29

	
2.52

	
27.37

	
2894




	
#14

	
24.81

	
2.49

	
28.61

	
3710




	
#15

	
24.80

	
2.52

	
21.16

	
382




	
#16

	
25.32

	
2.48

	
27.06

	
2695




	
#17

	
24.86

	
2.53

	
28.51

	
3580




	
#18

	
25.07

	
2.49

	
19.37

	
92

	
Used to determine the critical viscosity for the existence of TPG at a given permeability.




	
#19

	
24.79

	
2.51

	
20.30

	
238




	
#20

	
25.38

	
2.50

	
21.10

	
367




	
#21

	
24.67

	
2.48

	
22.92

	
647




	
#22

	
25.22

	
2.51

	
23.63

	
976




	
#23

	
25.09

	
2.49

	
24.85

	
1460




	
#24

	
25.26

	
2.50

	
26.41

	
2289




	
#25

	
24.96

	
2.51

	
27.52

	
3042

	




	
#26

	
24.75

	
2.48

	
28.49

	
3525




	
#27

	
25.19

	
2.49

	
21.09

	
362

	
Used to study the flow characteristics of heavy oil.




	
#28

	
25.18

	
2.47

	
21.02

	
358




	
#29

	
25.21

	
2.52

	
21.05

	
360




	
#30

	
25.04

	
2.52

	
24.76

	
1452




	
#31

	
25.00

	
2.51

	
26.37

	
2278




	
#32

	
25.19

	
2.50

	
21.05

	
362




	
#33

	
25.17

	
2.48

	
21.03

	
358




	
#34

	
25.22

	
2.52

	
21.09

	
365




	
#35

	
25.07

	
2.51

	
24.62

	
1448




	
#36

	
24.97

	
2.50

	
26.28

	
2270










Table 3. The information of water used in this paper.







	
Parameters

	
Value






	
Composition, mg/L

	
Na+ and K+

	
3091.960




	
Ca2+

	
276.17




	
Mg2+

	
156.68




	
CO32-

	
11




	
HCO3−

	
311.48




	
SO42−

	
85.29




	
Cl-

	
5436.34




	
TDS

	
9374.12




	
Density (30 °C), g/cm3

	
1.046










2.1.1. Rheology Test


Rheological experiments were carried out by a Physica MCR301 rotary rheometer from Anton Paar (Graz, Austria). The viscosity of heavy oil samples was measured in a wide range of sheer rates of 0–50 s−1 by a plate-plate measurement system. The temperature was controlled by a Peltier plate with an accuracy of 0.01 °C. Figure 1 shows the schematic diagram of the Anton Paar rheometer and its plate-plate measuring system.


Figure 1. Schematic diagram of the rheometer and its plate-plate measuring system.



[image: Energies 10 01698 g001]







2.1.2. TPG Measurement and Its Critical Condition


The schematic of the TPG measurment experiment is shown in Figure 2. The experimental procedure followed was:

	
Experimental devices were connected according to the flow chart.



	
The temperature of the thermotank was set to 30 °C, and the core with the saturated water was required to stand for at least 24 h.



	
The heavy oil sample was used to displace the water in the core at a flow rate of 0.05 mL/min after bypassing the oil column tube #1. The displacing flow rate was increased to 0.5 mL/min when the water cut at the outlet was lower than 2% until the volume of injected heavy oil sample reached ten times the pore volume (PV) of the core, and there was no water production.



	
The ISCO pump was stopped, and the height of the oil column in the oil column tube #2 was lowered to about 5 cm.



	
The oil column tube #1 was put into use. The height of the oil column in the oil column tube #1 was raised to the same height as that in the oil column tube #2 by restarting the ISCO pump with the flow rate of 0.02 mL/min. The ISCO pump was stopped again, and this condition was kept for 24 h.



	
The flow rate of 0.002 mL/min was used to displace and the height of the oil column in the oil column tube #1 increased gradually. The pressure gradient was the TPG of the heavy oil sample when the height of the oil column in the oil column tube #2 began to move.







Figure 2. The schematic of the TPG measurement experiment.



[image: Energies 10 01698 g002]






In order to ensure that the accuracy of the TPG measurement experiment was not affected by the air, the relevant experimental devices, including the pipelines in the measurement system, were completely filled with the corresponding liquid.



Many factors, including viscosity and permeability, affect the TPG and its existence. The TPG exists under specific conditions, and an experiment to determine those critical conditions was necessary. The steps taken to identify the critical conditions were:

	
The TPG under the [image: ] and [image: ] was measured, where [image: ] was the [image: ] permeability, which started from [image: ], and [image: ] is the [image: ] viscosity, which started from [image: ].



	
If the TPG existed under the [image: ] and [image: ], a [image: ] smaller than [image: ] was used to replace [image: ] and the TPG at the [image: ] and [image: ] was measured. If not, a [image: ] larger than [image: ] was used.



	
The selection of [image: ] was repeated until two cases for the inexistence of the TPG and four cases for the existence of the TPG were obtained. A curve of the relationship between the TPGs greater than 0 MPa/m and the corresponding viscosity was drawn. The intercept of the fitting curve on the viscosity axis was considered to be the critical viscosity ([image: ]) at the [image: ]. Here, the TPG would be present for the specific permeability [image: ] when the viscosity is higher than the critical viscosity ([image: ]). Otherwise, the TPG no longer existed.



	
The above steps were repeated until [image: ] sets of permeability and the corresponding critical viscosities were obtained, where [image: ] was determined by the requirements of the study.








To ensure the accuracy of experimental results, the variation of viscosity in each group was lower than 2 mPa∙s in the experiments. The experimental flow diagram of the critical viscosity for the existence of TPG at a given permeability is presented in Figure 3, where [image: ] and [image: ] are the numbers of groups with and without the TPG, separately.


Figure 3. The experimental flow diagram of critical viscosity for the existence of the TPG at a given permeability.



[image: Energies 10 01698 g003]







2.1.3. Flow Experiments


Both the single-phase and oil-water two-phase flow experiments were conducted by the steady-state method to investigate the overall flow curve of the heavy oil shown in Figure 4. For single-phase flow experiment, the core was saturated with the heavy oil sample only. The flow rate of the heavy oil samples were gradually set to 0.1, 0.3, 0.5, 1, 3 and 5 mL/min. The pressure gradient and the corresponding flow rate were recorded for every flow rate when the pressure difference was stabilized and the flow rate of heavy oil sample at the inlet was the same as that at the outlet. After this, the relationship between pressure gradient and the corresponding flow rate was plotted. The oil-water two-phase flow experiment was different from the single-phase flow experiment. The core was saturated with the heavy oil sample and irreducible water in the same way as the process in TPG measurement experiment. The heavy oil sample and water at a ratio of 7:3 was used to displace. The total flow rate of heavy oil samples and water was gradually set to 0.1, 0.3, 0.5, 1 and 2 mL/min. The pressure gradient and the corresponding total flow rate were recorded for every total flow rate when the pressure difference was stabilized and the total flow rate of heavy oil sample and water at the inlet was the same as their total flow rates at the outlet.


Figure 4. The schematic of the heavy oil flow experiment.



[image: Energies 10 01698 g004]








2.2. Numerical Method


2.2.1. Corrected Darcy’s Law


The flow of heavy oil does not follow Darcy’s law. The proposed correction to Darcy’s law is [23,57]:


[image: ]



(2)




where [image: ] are the oil velocities in the [image: ] = x, [image: ] = y and [image: ] = z directions in m/s; [image: ] are the oil permeabilities in x, y and z directions in m2; [image: ] is the TPG in Pa/m; [image: ] is a symbol used to denote partial derivatives;[image: ][image: ] in Pa; [image: ] are the pressures of the oil and water phase in Pa; [image: ] and [image: ] are the oil and water densities in kg/m3; [image: ] is the gravitational acceleration in m/s2; [image: ] is the vertical height in m; [image: ] are the water velocities in x, y and z directions in m/s and [image: ] are the water permeabilities in x, y and z directions in m2. Equation (2) can be called the motion equation of the Bingham fluid.



The corrected oil viscosity is defined as:


[image: ]



(3)




where [image: ] are the corrected oil viscosities in the x, y and z directions in Pa∙s.




2.2.2. Flow Model


The basic assumptions for the numerical method are as follows:

	
The corrected Darcy’s law of Equation (2) was applied.



	
The model was 3D with two phases (the oil and water phases).



	
The water component existed only in the water phase, which did not exchange its mass with the oil phase.



	
The reservoir rock was compressible and anisotropic, while the fluid was compressible.



	
The effects of the capillary force and gravity were taken into account.








According to the conservation of mass, we obtained the continuity equations by combing mass with the above motion equation.



For the oil component [58,59]:


[image: ]



(4)







For the water component:


[image: ]



(5)







In the two equations above, [image: ] and [image: ] are the densities of oil and water in the ground standard conditions in kg/m3; [image: ] is the absolute permeability of porous media in m2; [image: ] and [image: ] are the relative permeabilities of oil and water in fraction; [image: ] and [image: ] are the mass flow rates of oil and water in the ground standard conditions in kg/s; [image: ] and [image: ] are the oil and water formation volume factor in m3/m3; and [image: ] and [image: ] are the oil saturation and water saturation in fraction.



In addition to the two continuity differential equations, there are the following auxiliary equations and state equations. The auxiliary equations included:


[image: ]



(6)






[image: ]



(7)




where [image: ] is the water-oil capillary pressure in a two-phase system in Pa, which is a function of water saturation. The state equations are as follows:


[image: ]



(8)






[image: ]



(9)






[image: ]



(10)






[image: ]



(11)






[image: ]



(12)






[image: ]



(13)




where [image: ] is the reservoir pressure in Pa.




2.2.3. IMPES


The difference equation of Equation (4) was given as follows:


[image: ]



(14)




where the subscripts i, j, k are the coordinate markers in the grid; the superscript n is the time marker; [image: ], [image: ] and [image: ] are the step length (m) in the direction of x, y and z; [image: ] in m2/Pa∙s. [image: ] can be calculated by the Equation (3) at each time step. The difference equation of Equation (5) is similar to the Equation (14) and is no longer listed in detail here.



In this work, these equations were solved by the IMPES with the auxiliary capillary and saturation equations under the boundary and initial conditions. More details can be found in [60]. Finally, production, pressure and oil saturation distribution were obtained.






3. Results and Discussion


3.1. Rheology of Heavy Oil


The rheological curves of heavy oil samples at different temperatures are shown in Figure 5. The relationship between a shear rate and sheer stress was linear, but the lines with the correlation a coefficient of up to 0.96 did not pass through the origin of the coordinate axes. This phenomenon was the same for the Bingham fluid. The yield stress of the heavy oil decreased with an increase in temperature, while the shear stress at a low temperature was higher than that at a high temperature under the same shear rate. Considering oil sample #1, the shear stress was 42.2 Pa at 30 °C, which was nearly five times greater than that at 70 °C with the same shear rate of 50 s−1.


Figure 5. Rheological curves for: (a) oil sample #1; (b) oil sample #2; (c) oil sample #3; (d) oil sample #4; (e) oil sample #5; and (f) oil sample #6.



[image: Energies 10 01698 g005a][image: Energies 10 01698 g005b]






The viscosity-temperature curves of heavy oil samples are shown in Figure 6. The viscosity of the heavy oil showed a strong temperature sensitivity. The findings demonstrated that the viscosity of the heavy oil samples decreased significantly with an increase in temperature below 50 °C. The change in viscosity was great when the temperature was low, while the decrease in viscosity changed slowly when the temperature was above 50 °C. The Arrhenius equation was applied to quantify the relationship. It is the most accepted model to correlate the temperature dependence of the viscosity of a fluid [10,11,61]:


[image: ]



(15)




where [image: ] is the zero-shear viscosity in Pa∙s; [image: ] is the absolute temperature in K; [image: ] is a material constant in Pa∙s; [image: ] is the fluid-dependent activation energy in J/mol; and [image: ] is the universal gas constant in 8.314 J/mol/K. As the zero-shear viscosity in Equation (15) was very difficult to obtain from the experiment, an apparent viscosity was used to replace it [62,63], and Equation (15) was rewritten as [7,8]:


[image: ]



(16)




where [image: ] is the apparent viscosity at the absolute temperature [image: ] in Pa∙s; [image: ] is the apparent activation energy in J/mol; and [image: ] is the apparent viscosity at 70 °C chosen as the reference temperature in the study in Pa∙s.


Figure 6. Viscosity-temperature curves of heavy oil samples.



[image: Energies 10 01698 g006]






The plots of [image: ] against [image: ] result in two straight lines with the slopes of [image: ], which is the apparent activation energy of heavy oil samples (Figure 7). The correlation coefficients of the line fitting curves in each temperature interval were more than 0.98, illustrating that the curves conformed to the Arrhenius equation.


Figure 7. Plots in terms of the Arrhenius equation for heavy oil samples.



[image: Energies 10 01698 g007]






The impact of asphaltene content on heavy oil rheology can be seen by comparing Figure 5e,f. The shear stress decreased with a decrease in asphaltene content under the same shear rate and the same temperature. The shear stress of oil sample #5 with 3.55 wt. % asphaltene was 32 Pa at 30 °C, which was nearly three times greater than that of oil sample #6 with 3.04 wt. % asphaltene at 30 °C with the same shear rate of 50 s−1. The influence of asphaltene content on the viscosity of heavy oil can also be obtained from Figure 6. The viscosity of oil sample #5 was 586.8 mPa∙s, which was double than that of oil sample #6 at 30 °C. This is due to the interaction force between various molecules because they increase as the asphaltene content rises, resulting in an easier asphaltene aggregation and a stronger network structure [7,8,19,64].




3.2. Threshold Pressure Gradient (TPG)


3.2.1. Impact of Flow Rate on TPG Measurement


The TPG at different flow rates were measured to study the impact of flow rate on TPG measurement, and the results are presented in the Table 4. It can be seen from Table 4 that the TPG remained the same when the flow rate was lower than 0.003 mL/min. However, TPG increased with an increase in flow rate when the flow rate is higher than 0.003 mL/min.



Table 4. The TPG measured at the different flow rate.







	
Flow Rate, mL/min

	
Threshold Pressure Gradient, MPa/m




	
Core Sample: #1

	
Core Sample: #2

	
Core Sample: #3

	
Core Sample: #4

	
Core Sample: #5




	
Oil Sample: #1

	
Oil Sample: #2

	
Oil Sample: #3

	
Oil Sample: #4

	
Oil Sample: #5






	
0.001

	
0.00127

	
0.00110

	
0.00087

	
0.00114

	
0.00092




	
0.002

	
0.00127

	
0.00110

	
0.00087

	
0.00114

	
0.00092




	
0.003

	
0.00127

	
0.00110

	
0.00087

	
0.00114

	
0.00092




	
0.004

	
0.00133

	
0.00124

	
0.00092

	
0.00126

	
0.00099




	
0.005

	
0.00142

	
0.00140

	
0.00102

	
0.00134

	
0.00109




	
0.006

	
0.00164

	
0.00146

	
0.00103

	
0.00150

	
0.00114




	
0.008

	
0.00171

	
0.00158

	
0.00108

	
0.00162

	
0.00121




	
0.010

	
0.00186

	
0.00168

	
0.00114

	
0.00174

	
0.00128










We obtained this result whether in the case of the same core and different oils or in the case of the same oil and different cores. The real TPG should be a quantification in the specific situation. The main reason for the change in the measured TPG at different flow rate was that the rapidly elevated pressure at the inlet of the core resulted in the measured TPG greater than the real TPG when the displacement flow rate exceeded the flow rate of 0.003 mL/min. Therefore, we considered 0.003 mL/min as the critical flow rate in the TPG measurement experiment. In contrast, the TPG measured at smaller flow rate will be more accurate. However, a small flow will also lead to more time needed in the TPG measurement experiment. Finally, we selected the flow rate of 0.002 mL/min for the TPG measurement experiment.




3.2.2. Relationship between TPG and Mobility


The TPG measurement results of heavy oil are provided in Table 5. The table reveals that the TPG of heavy oil increased with an increase in viscosity when the permeability was the same. It increased as permeability decreased for the same heavy oil. Dong et al. [23] observed a similar behavior. This was attributed to the fact that the migration of heavy oil was influenced by the properties of fluid and porous media [31]. A larger pressure gradient was required to create the shear deformation of the heavy oil for the flow of heavy oil with a higher viscosity. Moreover, the flow resistance increased as the diameter of the pores and throats in addition to the permeability of the core decreased, which resulted in a difficult flow in the flow process of heavy oil [19]. Considering both the effects of heavy oil viscosity and permeability of the core on the TPG of heavy oil, we applied the mobility to calculate the TPG of heavy oil, which is defined as:


[image: ]



(17)




where [image: ] is the mobility in mD/mPa∙s. A power-law relationship between the TPG and the mobility was obtained (Figure 8), which can be written as:


[image: ]



(18)






Figure 8. A power-law relationship between the TPG and mobility of heavy oil.
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Table 5. TPG measurement results of the heavy oil.







	
Core

	
Permeability, mD

	
Oil Sample

	
Viscosity, mPa∙s

	
TPG, MPa/m






	
#6

	
324

	
#1

	
783

	
0.00135




	
#7

	
1465

	
#1

	
783

	
0.00083




	
#8

	
2765

	
#1

	
783

	
0.00070




	
#9

	
426

	
#2

	
461

	
0.00104




	
#10

	
2465

	
#2

	
461

	
0.00049




	
#11

	
3621

	
#2

	
461

	
0.00046




	
#12

	
361

	
#3

	
242

	
0.00083




	
#13

	
2894

	
#3

	
242

	
0.00045




	
#14

	
3710

	
#3

	
242

	
0.00042




	
#15

	
382

	
#4

	
130

	
0.00075




	
#16

	
2695

	
#4

	
130

	
0.00034




	
#17

	
3580

	
#4

	
130

	
0.00026










Figure 8 indicates that the TPG decreased with an increase in mobility and declined even more when the mobility was lower than 5.30 mD/mPa∙s. The decline rate of the TPG decreased with the increasing mobility and the TPG dropped to 0.00026 MPa m−1 when the mobility was 27.54 mD/mPa∙s. It can be concluded that the TPG may disappear with an increase in mobility.



For a given permeability, the decrease in viscosity can lead to an increase of mobility and the disappearance in TPG. The critical viscosity for the existence of TPG is shown in Figure 9, above which the TPG existed. Otherwise, the TPG no longer existed. The critical viscosity increased and the growth rates tended to be relatively slow with an increase in permeability. Furthermore, the critical viscosity for Bohai Bay oilfield with the permeability range of 50–4000 mD was 42–54 mPa∙s. There was a TPG when the viscosity and permeability values were in the upper area. Otherwise, the TPG fell to zero.


Figure 9. The critical viscosity for a given permeability, above which the TPG existed. Otherwise, the TPG no longer existed.



[image: Energies 10 01698 g009]








3.3. Flow Characteristics of Heavy Oil in Porous Media


The single-phase and oil-water two-phase flow experiment results and the curve fittings are presented separately in Figure 10 and Figure 11. However, the TPG could not be obtained from the flow experiment due to that the pressure difference was very small when the heavy oil samples began to flow and could not be accurately measured by the pressure gauge, but the pseudo TPG can be determined from the interception of straight lines on the pressure gradient axis rather than direct measurement by the pressure gauge [27]. It can be used to show the difficulty of fluid flow as the TPG, but it cannot replace the TPG measured by micro-flow method with higher accuracy for the Bingham fluid. The pressure gradient increased with a rise in the flow rate. The relationship was basically a straight line and did not pass through the origin of the coordinate axes. It showed that heavy oil began to flow through porous media when displacement pressure gradient was larger than the pseudo TPG. These results reflect what is expected with Bingham fluid and non-Newtonian flow. Liu et al. [19] and Pang et al. [31] also reported this type of the flow behavior of heavy oil. From Figure 10 and Figure 11, it can be seen that the pseudo TPG decreased with an increase in mobility in a similar way to the TPG. Figure 10a and Figure 11a indicate that the pressure gradient tended to increase with an increase in the viscosity of the heavy oil for a given flow rate and permeability. In Figure 10b and Figure 11b, the pressure gradient increased with a decrease in permeability for a given flow rate and viscosity. Therefore, it can be concluded that the viscosity and permeability had significant impact on the flow characteristics of heavy oil. In the case of similar permeability and crude oil viscosity, it was obviously seen by comparing Figure 10 and Figure 11 that the pseudo TPG in the oil-water two-phase flow is lower than that in the single-phase flow, while the pressure gradient at the same flow rate was of the same situation of the pseudo TPG. This is mainly due to the fact that the viscosity of the fluid with a high-water saturation during the oil-water two-phase flow process is lower than that of the heavy oil during the single-phase flow process, which is equivalent to diluting the heavy oil, so the pseudo TPG declines and the flow becomes easier [65].


Figure 10. Single-phase flow curves of heavy oil: (a) at different viscosities, [image: ] = 362 mD; and (b) at different permeabilities, [image: ] = 783 mPa∙s.
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Figure 11. Oil-water two-phase flow curves of heavy oil: (a) at different viscosities, [image: ] = 362 mD; and (b) at different permeabilities, [image: ] = 783 mPa∙s.
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3.4. Simulation


3.4.1. Validation


Validation with Darcy’s flow was carried out by simulating a case, where some data was obtained from SPE 21221 [66]. Its main information is provided in Table 6, Table 7 and Table 8 and Figure 12. The simulation results of ECLIPSE V2013.1 and CMG V2012 software were used to validate against our designed simulator because they are two commonly-used, recognized and authoritative numerical reservoir simulators. The comparison result of the pressure difference, oil production, water production, water cut, cumulative oil production and oil recovery are shown in Figure 13. From this figure, it is evident that the simulation result of our designed simulator was very close to ECLIPSE V2013.1 and CMG V2012 software findings. At 1500 days, the difference of cumulative oil production was only 0.50% and 0.74%. Thus, the validation with Darcy flow was confirmed, and the simulator demonstrated a high reliability.


Figure 12. Grids system and well location of the case.
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Figure 13. Comparison result of (a) pressure difference; (b) oil production; (c) water production; (d) water cut; (e) cumulative oil production; and (f) oil recovery of ECLIPSE V2013.1, CMG V2012 software and designed simulator in running the case.
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Table 6. Reservoir data and initial conditions of the case used to validate the designed simulator.







	
Layer

	
Thickness ∆z, m

	
Depth to Center of Layer, m

	
Horizontal Permeability, mD

	
Vertical Permeability, mD

	
Porosity, Fraction

	
Initial Pressure, MPa

	
Initial oil Saturation, Fraction

	
Initial Water Saturation, Fraction






	
1 (top)

	
6.096

	
1097.280

	
300

	
30

	
0.2

	
24.822

	
0.711

	
0.289




	
2

	
6.096

	
1103.376

	
300

	
30

	
0.2

	
24.877

	
0.652

	
0.348




	
3

	
6.096

	
1109.472

	
300

	
30

	
0.2

	
24.932

	
0.527

	
0.473




	
4

	
6.096

	
1115.568

	
300

	
30

	
0.2

	
24.981

	
0.351

	
0.649




	
5

	
9.144

	
1123.188

	
300

	
30

	
0.2

	
25.050

	
0.131

	
0.869




	
6 (bottom)

	
15.240

	
1135.380

	
300

	
30

	
0.2

	
25.167

	
0.000

	
1.000










Table 7. Fluid property, rock property and production data of the case.







	
Parameters

	
Value






	
Stock tank oil density, g/cm3

	
0.721




	
Initial oil viscosity, mPa∙s

	
0.95




	
Oil compressibility, MPa−1

	
1.45 × 10−3




	
Oil formation volume factor

	
1.11




	
Initial water density, g/cm3

	
0.995




	
Initial water viscosity, mPa∙s

	
0.96




	
Water compressibility, MPa−1

	
4.35 × 10−4




	
Water formation volume factor

	
1.014




	
Rock compressibility, MPa−1

	
5.80 × 10−4




	
Bottom hole pressure of injection well, MPa

	
25.512




	
Minimum bottom hole pressure of production well, MPa

	
10.343




	
Liquid rate of production well, m3/d

	
477










Table 8. Relative permeabilities and capillary pressures used in the case.
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0.2200

	
0.0000

	
1.0000

	
0.0434




	
0.3000

	
0.0700

	
0.4000

	
0.0248




	
0.4000

	
0.1500

	
0.1250

	
0.0186




	
0.5000

	
0.2400

	
0.0649

	
0.0155




	
0.6000

	
0.3300

	
0.0048

	
0.0124




	
0.8000

	
0.6500

	
0.0000

	
0.0062




	
0.9000

	
0.8300

	
0.0000

	
0.0031




	
1.0000

	
1.0000

	
0.0000

	
0.0000










However, there is no widely accepted commercial software that considers non-Newtonian flow. Therefore, we compared its simulation results to the data of an actual Bohai Bay oilfield heavy oil displacement experiment for validation.



The main parameters of the displacement experiment and the main input parameters of the designed simulator are provided in Table 9 and Table 10 and Figure 14. It is important to note that the viscosity and TPG were calculated by the above corresponding Arrhenius equation in addition to the fitting formula of the mobility and the TPG, respectively. The comparison result of the pressure difference, oil production, water production, water cut, cumulative oil production and oil recovery are indicated in Figure 15. This figure reveals the simulation result was close to the experimental result. There was a difference of only 0.78% in oil recovery when 10 PV water was injected. Moreover, the actual oil saturation distribution was obtained by the saturation detector when 10 PV water was injected in the experiment (Figure 16a). Figure 16b presents the oil saturation distribution by the designed simulator. A comparison of the two oil saturation distributions indicates that there were some differences between them. This was attributed to the accuracy of the saturation detector, which was limited by laboratory conditions and influenced by the position and number of probes, experimental operation and other factors. Nevertheless, from the overall oil saturation distribution and the trend of the oil saturation change, they were considered similar. Overall, the validation with non-Newtonian flow was positive and acceptable.


Figure 14. Well location and 3D distributions of heavy oil saturation in the initial state.
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Figure 15. Comparison result of (a) pressure difference; (b) oil production; (c) water production; (d) water cut; (e) cumulative oil production; and (f) oil recovery of the heavy oil displacement experiment and designed simulator in simulating the displacement experiment.
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Figure 16. Oil saturation distribution when 10 PV water was injected: (a) by saturation detector, [image: ] = 0.0005 MPa/m; (b) by designed simulator, [image: ] = 0.0005 MPa/m; and (c) by the designed simulator, [image: ] = 0.0750 MPa/m.
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Table 9. Main Parameters of heavy oil displacement experiment and numerical simulation.







	
Parameters of the Heavy Oil Displacement Experiment

	
Value

	
Input Parameters of the Designed Simulator

	
Value






	
Temperature, °C

	
65

	
Number of blocks along x

	
59




	
Oil sample number

	
#1

	
Number of blocks along y

	
5




	
Core dimensions, cm

	
29.5 × 4.5 × 4.5

	
Number of blocks along z

	
5




	
Porosity, fraction

	
0.246

	
Length of the block along x, cm

	
0.5




	
Permeability, mD

	
1200

	
Length of the block along y, cm

	
0.9




	
Rock compressibility, MPa−1

	
2.6 × 10−4

	
Length of the block along z, cm

	
0.9




	
Stock tank oil density, g/cm3

	
0.956

	
Initial porosity, fraction

	
0.246




	
Oil viscosity, mPa∙s

	
180

	
Initial permeability in x direction, mD

	
1200




	
Oil compressibility, MPa−1

	
1.0 × 10−3

	
Initial permeability in y direction, mD

	
1200




	
Oil formation volume factor

	
1.066

	
Initial permeability in z direction, mD

	
120




	
Water density, g/cm3

	
1

	
Rock compressibility, MPa−1

	
2.6 × 10−4




	
Water viscosity, mPa∙s

	
0.52

	
Stock tank oil density, g/cm3

	
0.956




	
Water compressibility, MPa−1

	
4.6 × 10−4

	
Initial oil viscosity, mPa∙s

	
180




	
Water formation volume factor

	
1.012

	
Oil compressibility, MPa−1

	
1.0 × 10−3




	
Initial pressure, MPa

	
2

	
Oil formation volume factor

	
1.066




	
Water saturation, fraction

	
0.272

	
Initial water density, g/cm3

	
1




	
Oil saturation, fraction

	
0.728

	
Water viscosity, mPa∙s

	
0.52




	
Bottom hole pressure of production well, MPa

	
2

	
Water compressibility, MPa−1

	
4.6 × 10−4




	
Water rate of injection well, cm3/min

	
0.5

	
Water formation volume factor

	
1.012




	
TPG, MPa/m

	
0.0005

	
Initial pressure, MPa

	
2




	

	

	
initial water saturation, fraction

	
0.272




	

	

	
initial oil saturation, fraction

	
0.728




	

	

	
Bottom hole pressure of production well, MPa

	
2




	

	

	
Water rate of injection well, cm3 min−1

	
0.5




	

	

	
TPG, MPa/m

	
0.0005










Table 10. Relative permeabilities and capillary pressures used in the simulation running the heavy oil displacement experiment.
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0.2720

	
0.0000

	
1.0000

	
0.1674




	
0.3014

	
0.0024

	
0.8531

	
0.1473




	
0.3308

	
0.0039

	
0.7156

	
0.1268




	
0.3602

	
0.0051

	
0.5877

	
0.1088




	
0.3896

	
0.0071

	
0.4692

	
0.0962




	
0.4190

	
0.0098

	
0.3578

	
0.0830




	
0.4484

	
0.0142

	
0.2583

	
0.0727




	
0.4778

	
0.0257

	
0.1659

	
0.0629




	
0.5072

	
0.0488

	
0.0723

	
0.0549




	
0.5366

	
0.0829

	
0.0213

	
0.0477




	
0.5660

	
0.1209

	
0.0118

	
0.0420




	
0.5954

	
0.1588

	
0.0088

	
0.0362




	
0.6248

	
0.1943

	
0.0071

	
0.0307




	
0.6542

	
0.2299

	
0.0061

	
0.0261




	
0.6836

	
0.2654

	
0.0052

	
0.0186




	
0.7130

	
0.3033

	
0.0038

	
0.0113




	
0.7424

	
0.3452

	
0.0012

	
0.0043




	
0.7718

	
0.3886

	
0.0000

	
0.0000










Meanwhile, the effect of grid size on the simulation result of the designed simulator under fingering was investigated by simulating a same case with different grid sizes, whose model and other parameters were same to those used in simulating the heavy oil displacement experiment. The grid information is provided in Table 11 and the comparison results are presented in Figure 17. It can be seen from Figure 17 that the effect of grid size on the simulation under fingering and the numerical dispersion were acceptable.


Figure 17. Comparison result of (a) pressure difference; (b) oil production; (c) water production; (d) water cut; (e) cumulative oil production; and (f) oil recovery of the designed simulator in running a same case with different grid sizes, whose model and other parameters were same to those used in simulating the heavy oil displacement experiment.
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Table 11. The grid information of the simulations used to study the impact of grid size.







	
Parameters

	
Simulation Number




	
#1

	
#2

	
#3

	
#4

	
#5






	
Number of blocks along x

	
15

	
31

	
59

	
71

	
81




	
Number of blocks along y

	
3

	
3

	
5

	
7

	
9




	
Number of blocks along z

	
3

	
3

	
5

	
7

	
9




	
Length of the block along x, cm

	
1.9667

	
0.9516

	
0.5

	
0.4155

	
0.3642




	
Length of the block along y, cm

	
1.5

	
1.5

	
0.9

	
0.6429

	
0.5




	
Length of the block along z, cm

	
1.5

	
1.5

	
0.9

	
0.6429

	
0.5











3.4.2. TPG Sensitivity


Three more simulations were undertaken to analyze the TPG sensitivity. They considered the TPG of 0.0250 MPa/m, 0.0500 MPa/m, and 0.0750 MPa/m. The rest of the experimental conditions and the simulation parameters were the same. Figure 18 provides the oil recovery at different TPGs. This figure demonstrates that the oil recovery decreased with an increase in the TPG, and the point where the recovery growth of heavy oil with a higher TPG slows down is earlier than that of heavy oil with a smaller TPG. The oil recovery was close to each other when the volume of injected water was lower than 0.2 PV and decreased with an increase in the TPG after 0.2 PV water was injected. After 1.2 PV water was injected, the recovery growth of the heavy oil with [image: ]= 0.0750 MPa/m became smooth, but that of the heavy oil with [image: ]= 0.0005 MPa/m continued to increase until the amount of injected water attained 3.0 PV, and the oil recovery growth slowed down. When the volume of injected water reached 10 PV, the oil recovery of the heavy oil with [image: ]= 0.0750 MPa/m was 11.55% less than that of the heavy oil with [image: ] = 0.0005 MPa/m. The plot of oil saturation for the heavy oil with [image: ] = 0.0750 MPa/m when 10 PV water was injected is presented in Figure 16c. The remaining oil saturation of the heavy oil with [image: ] = 0.0750 MPa/m was more than that of the heavy oil with [image: ] = 0.0005 MPa/m as seen in the comparison between Figure 16c and Figure 16b. The remaining heavy oil increased as the TPG increased because the flow of heavy oil in the porous medium became more challenging when the TPG was higher.


Figure 18. Oil recovery at different TPGs by the designed simulator.
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4. Conclusions


The primary objective of this study was to investigate the flow characteristics of heavy oil in Bohai Bay oilfield in order to provide theoretical and technical guides for the development of heavy oil fields. Experimental results indicated that heavy oil in Bohai Bay oilfield was a Bingham liquid, and its rheological properties were related to temperature and asphaltene content. The yield stress and viscosity decreased with an increase in temperature, and the viscosity-temperature curve was in accordance with the Arrhenius equation. In terms of asphaltene content, the viscosity increased as the asphaltene content increased. The heavy oil did not flow until the pressure gradient exceeded the TPG, while the TPG increased with the rise in viscosity and with a decrease in permeability. Moreover, the TPG had a power-law relationship with mobility, and it decreased as the mobility increased. The TPG existed under a specific condition, and the critical viscosity for the existence of TPG in Bohai Bay oilfield had a range of 42–54 mPa∙s. It is recommended to reduce the viscosity below the critical viscosity. Furthermore, the relationship between a flow rate and a pressure gradient was primarily a straight line, but it did not pass through the origin of the coordinate axes. The flow of heavy oil did not follow Darcy’s law, but instead followed non-Newtonian flow. A 3D two-phase heavy oil simulator that considered the non-Newtonian flow characteristics of heavy oil was designed and validated with high reliability when compared to the simulation results run in ECLIPSE V2013.1 and CMG V2012 software as well as the results obtained during physical experiments. A TPG sensitivity analysis by the simulator indicated that the TPG significantly influenced the oil recovery. Compared with the case of [image: ] = 0.0005 MPa/m, the heavy oil with [image: ] = 0.0750 MPa/m had a lower oil recovery by a difference of 11.55%. There was more remaining heavy oil in the porous medium when the TPG was higher. To minimize the impact of the TPG on the production of a heavy oil field, thermal recovery methods are recommended to reduce the viscosity of heavy oil and to increase the mobility of heavy oil [67,68], which should be followed by a reduction in the TPG to improve heavy oil recovery.
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